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Acronym Definition

2009C 2009 Compliance

2009C restated 2009 Compliance restated
2011F 2011 Forecast

2012F 2012 Forecast

AA Actual Adjustment

ACE Annual Capital Expenditure
AO Administrative Overhead
ARO Asset Retirement Obligation
ATL Above-the-Line
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BCF Base Cost of Fuel
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CO; Carbon dioxide
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CPI Consumer Price Index
CwcC Cash Working Capital
DBRS Dominion Board Rating Service
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kVA Kilovolt ampere

kw Kilowatt

kWh Kilowatt hour
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LF Load Following

LFO Light Fuel Oil
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OM&G Operating, Maintenance & General
petcoke Petroleum coke
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1.0

INTRODUCTION

The costs involved in making electricity have increased since general rates were last
adjusted on January 1, 2009. Nova Scotia Power has been able to avoid filing a General
Rate Application for three years, thanks to prudent management of expenses, accelerated
tax deductions from renewable energy projects, and the ability of the Utility and Review
Board to adjust fuel expense recovery through the Fuel Adjustment Mechanism (FAM).

This has been to the benefit of our customers.

Our forecast of costs for 2012 necessitates our first General Rate Application in three
years. Using current rates, 2012 revenues would be $94.4 million less than forecasted
requirements of $1.339 billion. Therefore, this Application requests an average revenue
increase of 7.3 percent effective January 1, 2012. For the average residential customer,
this would increase the price of electricity by roughly $8 per month. We also foresee the
need for smaller increases in 2013 to 2015.

We know rate increases create challenges for our customers. They can add to the cost of
running households and businesses. Nova Scotia Power strives to ensure that electricity
prices are as low as possible for our customers, and that any price changes are as

manageable as possible.

Later this year, the UARB will set the charges for fuel costs already incurred in 2010, as
well as for the programs provided by Efficiency Nova Scotia. With these amounts added,
we estimate a total impact of 9.2 percent, averaged across all customer classes. Actual
fuel costs during 2011 will also be reviewed later this year although it is too early to

estimate the outcome at this time.
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Last month, NS Power initiated a public discussion with customer representatives aimed
at developing a multi-year approach to smooth increases in electricity rates through 2014.
Those discussions are ongoing, and reflect NS Power’s preferred alternative path forward
as a way to help customers during this period of transformation. We will keep the Board
apprised of progress on these discussions, even as the traditional rate setting process is
followed.

The specifics of the $94.4 million in cost pressures are detailed in this Application. Most

of the costs can be attributed to four drivers:

J Higher fuel costs ($36.1 million) — driven by volatile foreign coal;

. Increased investment ($29.3 million)— Investments in infrastructure and
increased working capital requirements since general rates were last set,
are partially but not fully offset by tax savings;

. Operating and sustaining our workforce ($14.6 million) — Wage
increases since January 1, 2009, pension, succession planning, and new
positions;

) Focus on reliability ($13.1 million) — storm hardening our transmission
and distribution systems, trimming back or removing trees that could

come in contact with lines, and storm recovery.
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Figure 1.1

Investment in infastructure

Fuel expense 36.1 and other rate base 29.3 Reliability 13.1

Operating 14.6

Note: Numbers elsewhere in the filing may differ slightly due to rounding.

Fuel

Other 1.3

World prices for coal and petcoke keep rising — 30 percent in the last six months alone.

Producing more of Nova Scotia’s electricity from renewable sources is displacing some

of this imported “solid fuel” and helps protect customers from future price volatility.

That strategy is in place and producing results. For the moment, however,
the electricity Nova Scotians use is made by burning coal and petcoke.

two-thirds of

The tightening of provincial emissions caps since 2009 has increased our reliance on low-

sulphur coal. Premium fuels help us comply with new public policy requirements for

emissions, but costs for these fuels are increasing.

Section 2 of this Application includes a detailed description of the increased fuel costs.
The base cost of fuels in 2011 was $537.8 million. The fuel cost forecast for 2012 is

$573.9 million, an increase of $36.1 million.
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1.2

Infrastructure Investment

In the period from the last time general electricity rates were adjusted in 2009, to the end
of 2012, NS Power will have invested more than $900 million in capital projects. We are
investing in Nova Scotia to expand the use of renewable energy, reduce air emissions,
and maintain and improve plant efficiency. These investments are creating jobs and
providing lasting value for customers. Renewable investments are also bringing tax
reductions that are largely offsetting the costs of new renewable projects in the early

years. In 2012, NS Power is forecasting a decrease in taxes of $72 million.

Last October, NS Power filed a depreciation study with the Board, and this winter, the
company and its major customer representatives, including the Consumer Advocate,
came to an agreement to stabilize depreciation rates. This Application proposes
depreciation rates set forth in that agreement. The investments in infrastructure made
since the last General Rate Application in 2009, using the new rates, will cause our
depreciation expense to grow by $33.0 million in 2012 (revenue requirement after tax
effect will be $47.8 million). In the absence of the depreciation settlement agreement,
2012 depreciation costs could have been much higher. This is an example of how
working together to achieve a common goal can serve the needs of our customers and the

utility.

Financial analysts who follow the utility industry view timely recovery of capital
investments as a key indicator of a utility’s financial health. Timely recovery of these
costs will encourage rating agencies to maintain their positive view of Nova Scotia
Power’s credit rating. This will help keep the costs of the debt needed to invest in further

improvements — costs that ultimately affect customer rates — as low as possible.
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1.3

Overall, investment in infrastructure and other rate base items, less tax benefits, accounts

for $29.3 million of 2012 incremental revenue requirement.

Operating and Workforce

We run an efficient, cost-effective business in large part because we have excellent
employees who are focused on keeping costs as low as possible for our customers. And
we do it well. An independent consultant engaged by the Board in 2008 to review NS
Power’s operating, maintenance, and general (OM&G) expenses concluded that NS
Power appears to be well run by management. That continues to be the case. We have
updated this previous benchmarking work to demonstrate to our customers that NS

Power's operating expenses compare favourably to other Canadian utilities.

That said, Nova Scotia Power’s OM&G expenses are increasing. Our investment in new
infrastructure requires us to attract, develop, and retain skilled employees, particularly in
engineering, project management, cost control, and support functions. NS Power has a
multi-year collective agreement that includes wage increases through to 2012 for
unionized workers such as power line technicians, meter readers, and power plant and
hydro employees. Effective management of the collective agreement and continued good
relations with the International Brotherhood of Electrical Workers are important elements
in delivering improved reliability. Many of our workers have skills that are in high
demand in the booming resource sector across Canada, and we need to retain them. Non-
union employees, including engineers, technologists, project managers, accountants and
customer care representatives, have received industry standard wage increases since the
last time electricity rates were set. Pension costs have increased as a result of actuarial

assumptions and market performance.

Overall, workforce related expenses account for $14.6 million of the 2012 cost increases.
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1.5

Reliability

The increased frequency of severe weather over the past decade has added to the
workload of our transmission, distribution, and customer service departments. Nova
Scotians have told us they want more reliable service and better customer
communications. In response, we have invested in programs that help reduce outages
caused by trees interfering with power lines. We have developed and are implementing a
five-year capital program to improve system reliability. We have also overhauled our
storm communications systems. In this Application, we propose additional investment in

these areas that are key to improving customer experience.

Overall, reliability investments account for $13.1 million of our 2012 cost pressures.

Changing Our Business

This Application comes at a time of great change for NS Power and the province of Nova
Scotia. We are changing the way we produce and consume energy. We’re cutting our
use of high-carbon coal and petcoke, and vastly increasing our use of renewable wind and

biomass.

Our move to renewables accounts for a relatively small part of the cost pressures
necessitating this application. As mentioned earlier, the tax benefits of investment in
renewable projects have helped us avoid a General Rate Application in recent years.
They’re helping customers in 2012, as well. We forecast our tax expenses will be $72
million lower in 2012 than the last time rates were set (2009 Compliance Filing), in part
due to renewable energy tax deductions.
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1.6

Wind farms and other renewable investments are benefitting customers today, and will
for generations to come. They are protecting and improving our environment. They are
reducing our exposure to volatile world fuel prices. They are allowing us to spend money

in Nova Scotia’s economy instead of on foreign coal.

This change is the result of government policy reflecting the will of Nova Scotians. And
it has made our small province a leader in the global effort to control climate change.
Nova Scotia is the only jurisdiction in North America to impose a hard cap and reduction
on greenhouse gas emissions in the electricity sector. We are pioneering the development
of in-stream tidal energy with the goal of harnessing the phenomenal power of the Bay of

Fundy tides.

NS Power has installed new burners that reduce the production of nitrogen oxide at our
Lingan, Trenton, and Point Tupper generating stations. We have installed mercury
capture systems. On our own, and working with independent producers, we have brought
119 wind turbines on line since 2009. One day last month, 20 percent of Nova Scotia’s
electricity was coming from wind farms — that would not have been possible just a few

years ago.

By 2020, 40 percent of our electricity will come from renewables. Our dependence on
coal will continue to reduce in the coming years. However, even at reduced usage, our

coal plants continue to have economic value for customers.

Conclusion

Section 3 of the Standardized Filing in this Application sets forth a detailed financial

outlook for the 2012 test year, based on forecasts of revenue, fuel costs, depreciation, and

other items affecting our operations.
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In this Application, NS Power also requests an adjustment to the allowed rate of return.
NS Power must compete for debt and equity with other utilities with a similar risk profile.
A competitive rate of return is especially important during this period of historic capital
investment. It helps us get the right mix of equity and debt to build and maintain the
assets we need — ultimately keeping costs lower for customers than might otherwise

result.

With this Application, Nova Scotia Power seeks an order, effective January 1, 2012,

approving:

a) The 2012 revenue requirement set out in this Application to enable Nova
Scotia Power to recover the reasonable costs of providing service to
customers and to meet its financial obligations, including provision for a
just and reasonable return; and, as a consequence, the rates, charges and

regulations requested in this Application.

b) A change in the Extra-Large Industrial Two-Part Real-Time Pricing tariff

described in this Application.

C) Adjustments to the rates, charges, or regulations as needed to reflect
decisions and directives in Nova Scotia Power-related proceedings, or as

the UARB may determine in response to this Application.

d) An increase on the return on common equity from the current 9.35 percent

to 9.6 percent, with a corresponding adjustment to the range of return.

e) NS Power’s portion of the Point Tupper Wind Farm OM&G, financing,

and depreciation costs, currently recovered through the Fuel Adjustment
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Mechanism, be recovered through the fixed rate component NS Power’s

rates, in the traditional manner.

In this Application, we have provided information to the Utility and Review Board and
stakeholders that identifies and explains key issues. NS Power looks forward to an
application process that is efficient, collaborative, and well-managed. We welcome
opportunities to work with the Board and stakeholders to improve the pre-hearing and
hearing processes and to resolve matters in a constructive and collaborative manner, as
we have done successfully in several recent proceedings. In particular, we will continue
to work with our customers and their representatives to try to find a multi-year approach
that will provide more stable electricity prices in the short term, and lower than might

result from the traditional rate-making process.
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2.0

FUEL AND PURCHASED POWER

Fuel costs are rising. Nova Scotians see this when they buy gas for the family car,
propane for the barbeque, and fuel oil for the furnace. Nova Scotia Power sees it when
we buy coal and petroleum coke for the Lingan, Trenton, Point Aconi and Point Tupper
power generating stations.

Fuel prices have swung dramatically over the last decade — but always around a

relentlessly rising trendline.

Fuel constitutes the largest single cost of operating Nova Scotia’s electric utility, and
when any utility’s largest single cost input moves continually higher, it is bound to affect

rates.

Throughout this Application, we have stressed the big changes taking place in the way
Nova Scotia Power generates electricity. An important goal of this dramatic change is to
reduce the dominant role of solid fuel in our cost structure. We are reducing the
proportion of electricity produced from imported coal and petcoke, and increasing the
amount from local, renewable sources like wind and biomass. By lessening our reliance
on fuel, we will gradually achieve more stable electricity prices for our customers. In the

interim, much of our power will continue to come from coal, petcoke, and natural gas.

In 2009, the UARB recognized the impact of volatile fuel prices by approving a Fuel
Adjustment Mechanism. The FAM adjusts the price of electricity at the start of each year
to reflect changes in fuel costs and fuel cost recovery. The FAM Plan of Administration
(POA) prescribes the method for calculating the fuel costs on which rates are based. It
establishes a Base Cost of Fuel (BCF), which is a projection of fuel costs expected in the

test year, 2012. It also prescribes a set of adjustments once actual fuel costs are known.
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2.1

The FAM includes an incentive component to give Nova Scotia Power a direct financial
interest in managing fuel costs effectively. The FAM resets the Base Cost of Fuel every

two years, and during a General Rate Application (GRA) such as this one.

The UARB last approved a reset of the BCF in November 2010, based on projected fuel
costs for 2011. Since then, fuel costs have remained volatile, and costs for coal and

petcoke have continued to rise.

This section deals with the reset of the BCF required as part of this GRA. It provides
projected fuel costs for the 2012 test year, including the projected cost of power
purchased from other producers. It includes information about our fuel procurement

strategy, our fuel portfolio, and our 2012 fuel forecast.

Overview

Current rates include fuel and purchased power expenses of $537.8 million, which is the
2011 BCF approved by the UARB. For the 2012 test year we project a fuel cost of

$573.9 million, or $36.1 million higher than the amount included in the 2011 Base Cost
of Fuel. The major components of this cost increase are shown in Figure 2.1 and Figure

2.2. The sections below describe each component in more detail.

One component of fuel cost increase is the need to seek out low sulphur and low mercury
coal to help meet tighter emission restrictions. On July 22, 2010, the Nova Scotia
government announced it would change mercury regulations under the Provincial Air
Quality Regulations, to better align them with provincial standards for nitrogen oxides
(NOX), sulphur dioxide (SO,), and carbon dioxide (CO,), and compliance with Provincial
renewable electricity regulations. The changes were reflected in an Order-in-Council

amending the Province’s air quality regulations which was issued December 7, 2010.

Page 18 of 161



~N o OB W N

10
11
12
13
14

REDACTED

NS Power 2012 General Rate Application DE-03 - DE-04

This change enables Nova Scotia Power to partially offset fuel cost increases by using
lower cost coals and reducing additives.

Nova Scotia Power has also been able to increase its use of the one fuel whose cost has

not increased significantly in recent years: that being natural gas.

Figure 2.1

Fuel and Purchased Power Change
2012 GRA vs. 2011 BCF

”ecreasmg Fuel Expense Increasing Fuel Expense

Solid Fuel [T 501
In-Province Load FI $17
Purchased Power F‘ $16

Natural GfE)$3)
ExponmlSS)
K

(30) (20) (10) 0 10 20 30 40
$ Millions

Solid Fuel

Solid fuel prices, volume, and adjustments contribute $21.1 million to the total 2012 fuel
cost increase. This is primarily due to the global escalation in solid fuel prices. This
increase in pricing is offset by a forecasted decrease in the volume of coal required as we

expect gas to be a more economical fuel choice in much of 2012.
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In-Province Load

As discussed in Section 8, we expect the 2012 in-province load to be higher than the
forecast for the 2011 BCF. This is projected to add $16.9 million to fuel costs.

Purchased Power Price

This item is changing primarily because the price NS Power will pay to purchase power
has risen since the 2011 Base Cost of Fuel reset. Secondarily, we also forecast to buy
111 GWh more energy than we forecast in the 2011 BCF. The additional energy is from
Independent Power Producers (IPPs) to enable us to meet Provincial renewable electricity

regulations.

Natural Gas

Nova Scotia Power’s forecasted price for natural gas has decreased in 2012, compared to
the 2011 BCF. Because the price of gas is increasingly attractive, gas volumes have

increased since 2011.

Export Power

The prescribed FAM forecasting method assumes we will use 50 percent of available
capacity at Tufts Cove Units 2 and 3 for export. The forecast price for gas in the test year
makes it an attractive alternative to solid fuels, so we now expect to burn more gas at
Tufts Cove in 2012 than we predicted in the 2011 BCF. This increase in generation at
Tufts Cove for use within Nova Scotia means a reduction in available capacity for export
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at Units 2 and 3. This results in a forecast reduction in export generation of 128 GWh, an
offsetting increase in export prices which reduces associated fuel costs by $8.0 million.

Other

This category includes a decrease in forecast mercury capture additives of $9.7 million
from the 2011 BCF, partially offset by increases in heavy fuel oil (HFO), diesel, and

furnace oil prices.

As Figure 2.2 shows, various changes in 2012 fuel costs over 2011 BCF result in an
increase in the fuel cost per megawatt hour of electricity produced. We forecast an
increase from $42.77/MWh in the 2011 BCF to $45.25/MWh in the 2012 GRA. This
represents a 5.8 percent increase, and it is consistent with the trend in rising fuel prices as
shown in Figure 2.3.
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Figure 2.2
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2.2
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Figure 2.3
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Fuel Testimony

Nova Scotia Power continues to experience the effects of world market forces on its fuel
costs. In 2012, we project an increase in fuel and purchased power costs of $36.1

million, compared to the 2011 BCF.

This section outlines NS Power’s mix of generating capacity and comments on market.
NS Power’s Fuel Procurement Strategy and the fuel portfolio are discussed in detail. The
fuel forecast methodology and the details of the 2012 forecast are described, highlighting

the following topics:

J Natural Gas and Heavy Fuel Oil
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. Solid Fuel
. Renewable Energy
. Foreign Exchange
. Effect of Load on the Cost of Generation

2.2.1 Nova Scotia Power’s Generation by Fuel Type

Nova Scotia Power has 2,381 MW of generating capacity. Solid fuel fired capacity
makes up 52 percent, natural gas and oil fired facilities comprise 29 percent, with hydro,
tidal and wind providing the remaining 19 percent of NS Power’s total generating

capacity.

The generation fleet is economically dispatched based on each plant’s operating costs and
is subject to environmental and reliability constraints. As a result, 80 percent of NS
Power’s energy is forecast to be produced from fossil fuel-burning plants, with 66 percent
forecast from solid fuel and 14 percent forecast from natural gas, heavy fuel oil, and light
fuel oil (LFO). The remaining 20 percent of NS Power’s energy requirement is forecast
to be provided from a combination of NS Power-owned hydro, wind generation, and

purchased power.

Figure 2.4 provides a breakdown of the 2012 Energy Generation by type.
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Figure 2.4
2012 GRA Energy Generation by Type

Natural Gas
14%

Solid Fuel Fum}ace
66% NSPI-Owned 0%
Hydro, Tidal &
Wind
10%

Imported Power

Purchased 49

Renewable
Power
6%

2.2.2 Fuel Portfolio

Nova Scotia Power procures and manages a reliable fuel supply with a diversified
portfolio of fuel types, suppliers, contract terms, and pricing structures seeking to
produce energy cost stability for customers. NS Power tests new fuels to increase fuel
supply competition and diversity of supply. Financial derivatives and fixed price
contracts are employed to reduce the impact of fuel price volatility on customers. NS
Power’s objective is to dispatch and consume fuel to yield the lowest cost while
complying with all applicable policies, procedures, and meeting reliability, safety and

environmental requirements.

The following sections describe NS Power’s portfolio development by fuel type.

Page 25 of 161



© 00 N o o1 B~ W N

N NN NN R B R R R R R R Rl
52 WO N B O © © N O U b W N L O

REDACTED

NS Power 2012 General Rate Application DE-03 - DE-04

Impact of Relative Changes in Fuel Pricing

NS Power burns natural gas and/or HFO at Tufts Cove. Tufts Cove Units 1, 2 and 3 are
capable of using either fuel while Units 4 and 5 and 6 burn only natural gas. In Tufts
Cove Units 1, 2 and 3, the commodity with the most economic market price is consumed
in order to provide the best value for customers. With the increase in HFO prices in
recent years, natural gas has become the more economic choice, increasing the gas
burned in these units and reducing the quantities of HFO required. Tufts Cove units were
historically on the margin, which means they were usually the last units dispatched to

meet system load requirements.

Global coal and petcoke prices have been volatile over the last three years. After
reaching record highs in July 2008, coal prices had plummeted by early 2009 due to the
global financial crisis. Since mid-2009, global coal prices have risen but have not
returned to the levels reached in mid-2008. The global coal market is being driven by
strong demand for metallurgical coals, primarily from Asia. The price recovery of

petroleum coke since 2008 has been much stronger than the price recovery of coal.

The last few years have seen natural gas and coal units compete on economics. As a
result, natural gas consumption, as a percent of fuel generation, has increased from 8
percent in 2007 to 20 percent in 2010. NS Power continuously monitors the relative costs
of its fuel sources in order to create an economic dispatch order that minimizes the

overall cost of generation, with the benefits provided to customers through the FAM.

! Tufts Cove Units 4 and 5 are GE LM6000 combustion turbine, together with Tufts Cove Unit 6, will comprise NS
Power’s new combined cycle facility.
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Natural Gas

NS Power applies four general principles when considering natural gas supply planning
and acquisition. The first is that we optimize gas supply around system needs. This
involves understanding the drivers of system gas requirements and evaluating all gas and
power assets and operational tradeoffs. The second principle is to have planning reflect
an understanding of market dynamics and their effects on gas supply options and pricing.
This is particularly true of the new gas supply developments in Nova Scotia/New
Brunswick, the Maritimes & Northeast Pipeline (M&NP) capacity situation and gas and
oil price volatility. The third principle is that NS Power should develop a supply

portfolio approach |
I The fourth principle is to maintain

flexibility in order to realize value as opportunities arise.

Gas market structure and developments are a dominant factor in NS Power’s assessment
of its gas supply options. Natural gas markets remain volatile and prices can move
dramatically, often in unpredictable ways. NS Power buys and sells gas indexed to
specific market hubs in the northeastern United States — currently [} > Prices at
these hubs respond to local market conditions, as well as broader market developments.
During the summer of 2008, when oil prices reached over $140 per barrel, natural gas
also peaked at near $15 per MMBtu. Since then, both oil and natural gas prices have
fallen, with natural gas falling farther relative to oil reflecting large increases in North
American supply. As a result, not only have gas prices been favourable to HFO, they
have also been favourable to coal prices during some periods in 2009 and 2010, leading

to a greater gas burn at Tufts Cove than historically has been the case.

—
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Major developments in the Maritimes also affect how we purchase natural gas.
Production from the Sable Offshore Energy Project (SOEP) continues to decline. In July
2009, Maritimes & Northeast Pipeline — U.S. (M&NP-US) sought and received an
amended Presidential Permit to allow it to export natural gas to Canada from the United
States, in part to ensure supply access when SOEP is not operating. EnCana’s planned
new production from Deep Panuke is currently scheduled to begin in November 2011.

The other major development in the Maritimes gas market is the emergence of Repsol as
a major supplier in the region. In the fall of 2009, a new supply source, the Canaport
LNG facility at Saint John, New Brunswick began commercial operations. The facility
has a one billion cubic feet (Bcf) per day output capacity. Repsol had previously secured
most of the M&NP-US capacity from Baileyville, Maine to Dracut, Massachusetts,
approximately 730,000 MMBtu per day, in order to be able to supply regasified liquefied
natural gas (LNG) from Canaport to U.S. markets. In 2009, Repsol announced that it had
secured all of the future production from Deep Panuke, all of the on-shore production

from Corridor Resources, and all of the uncommitted ExxonMobil SOEP production.

NS Power is well positioned with adequate gas supplies to meet customer requirements
while maintaining flexibility to respond to market developments. The prices at which we
expect to purchase supply, as reflected in this rate filing, is tied to market indices and
based on market conditions. Our approach to securing gas supply is based on the
principles for supply acquisition — understanding requirements, taking into account
market dynamics that affect our options, employing a portfolio approach, and

maintaining the flexibility to respond to developments.
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Oil

Our HFO strategy consists of two parts, physical purchases and financial hedging. We

buy HFO under a [ GG \ith pricing tied to a New York
Harbour (NYH) market index. | N R

HFO and natural gas are both priced against market indices. NS Power’s Fuel Manual
outlines the hedging program for these fuels for the purpose of reducing volatility. [Jij

Solid Fuel

NS Power’s solid fuel procurement policy is to procure and manage a reliable and
competitively priced supply of fuel on a system-wide evaluated cost basis for our
generation fleet, consistent with regulatory and environmental requirements. Our policy

incorporates a portfolio approach to procurement.

Figure 2.5 describes the portfolio position from 2011 to 2015 as well as the mix and
length of contracts.
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Figure 2.5

NS Power Solid Fuel Portfolio Table
(in thousands of metric tonnes)
As at December 31, 2010

YEAR 2011 BCF 2012 2013 2014 2015

Contracted
Open
Total

Contracted percentage
Open percentage

—

We review our commitments on an on-going basis, monitoring our requirements and
changes in market conditions to ensure the portfolio to be optimized. Our fuel contracts

are summarized in Figure 2.6 and outlined in the following sections.
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Figure 2.6

Summary of Portfolio Status
(in thousands of metric tonnes)
As at December 31, 2010

2011
Supplier Mine Source Country BCF 2012 2013 2014 2015

Low Sulphur Positions Required

Contracted
Open

Mid & High Sulphur Positions Required

Contracted
Open

Domestic Positions Required

Contracted
Open

Petroleum Coke Positions Required

Contracted
Open***

*Mid-sulphur medium-term agreement following the 2011 BCF for || N in
2011, and mid-sulphur short-term agreement in 2011.

**3 year Domestic contract signed | R
***Petroleum coke short-term agreement || | S fo!lowing the 2011 BCF, for | N in

2011.
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Long-Term Contracts

NS Power engages in long-term commitments for solid fuel that will be consumed for

NS Power [l 1ong-term commitments for solid fuel as follows:

Figure 2.7

Medium-Term Contracts

NS Power engages in medium-term commitments for solid fuel that will be consumed for

NS Power ] medium-term contracts as follows:

Page 32 of 161



© 00 N o o1 B~ 0N

N N N S el T o i =
O © ©® N o U1 A W N B O

REDACTED

NS Power 2012 General Rate Application DE-03 - DE-04

Figure 2.8

**3-year Domestic contract signed |

Short-Term Contracts

Up to | of our solid fuel requirements may be purchased on a short-term basis.
These purchase decisions depend on factors such as changes in fuel requirements,
prevailing market conditions and volume optionality on long and medium-term
agreements. The short-term commitments also include coal purchases for test burns and

for emissions management.

Transportation

We receive solid fuel at two port facilities. The International Pier, located in Sydney,
receives self-unloading vessels that typically originate from along the eastern seaboard of
North and South America. The second facility, the Point Tupper Marine Terminal
(PTMT), has the ability to handle bulker vessels that can economically deliver coal from

a greater number of supply basins.
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2.2.3

We purchase most coal on a free-on-board (FOB) loadport basis and are therefore
responsible for the procurement of ocean freight. Petroleum coke purchases are generally

made on an as delivered basis with the supplier responsible for freight.

The type of freight we use depends primarily on economics but, as noted above,
deliveries to the International Pier are currently limited to self-unloaders. PTMT can

accommodate most vessel types.

NS Power has multi-year ocean freight contracts in place ||| GTcNN
. ' hesc agreements provide for
I oo the freight requirements in 2012. Some of our fuel suppliers
also provided freight for their products. || G
]

Fuels Forecast

Fuel costs include the delivered cost of solid fuels, natural gas, oil, and purchased power,

offset by the net proceeds from export energy sales.

The forecast is derived from industry-standard generation models that dispatch our
generating capacity to meet projected load requirements in a least-cost manner, subject to
the 2012 emission caps of 72,500 tonnes of sulphur dioxide, 9,340,000 tonnes of carbon
dioxide, 21,365 kilograms of nitrogen oxides, and 100 kilograms of mercury (HQg).

This forecast has been prepared in compliance with the methodology in Appendix B of
the FAM Plan of Administration.
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The following sections provide details on our 2012 fuel requirements, compared to 2011
BCF. All commodity prices which are purchased on a United States Dollar (USD) basis
have been converted to Canadian Dollars (CAD) at an average exchange rate of $1.0089
CAD for each USD. The derivation of this exchange rate is described later in this section

of the Application.

Solid Fuels Forecast Methodology

In developing the solid fuel budget for this Application, we followed the forecasting
methodology outlined in the FAM POA. The pricing of uncommitted volumes is

reflected in Figure 2.9.

Figure 2.9
Uncommitted Volumes
Volume Sulphur Heat Commodity
Commodity (MT) Content Content  (CAD $/MT
(Wt. %) (Btu/lbs) FOB)
Imports

S S

*FOB Load Port

The majority of our generation comes from four generating stations® fired by either coal
or a blend of coal and petroleum coke. Coal may come from both domestic and imported
sources, while petroleum coke is imported. The relationships of various fuel prices, in
conjunction with their emissions and combustion characteristics, determine the mix of
fuels. Figure 2.10 outlines the forecast mix of solid fuel blends for the 2011 BCF and
2012 GRA.

¥ Lingan, Point Aconi, Point Tupper and Trenton.
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Figure 2.10

Mix of Solid Fuel Blends for Generation

2011 BCF 2012 GRA

In 2012, import coal and petcoke account for 81 percent of NS Power’s solid fuel

requirements.

The quality of solid fuel available to us as a result of emissions restrictions also affects
the price of fuel in our portfolio. Due to the change in mercury regulations announced in
the latter half of 2010, we have introduced quantities of less expensive fuel sources in the

blends at the generating stations.

Petroleum coke accounts for [l of the 2012 solid fuel mix. The price of
uncommitted volumes in 2012 is 28 percent higher than the combined contracted and
uncommitted volumes in the 2011 BCF. Market escalation, as well as the expiry of a
lower-priced contract at the end of 2011 is contributing to this difference. NS Power is
taking steps to test alternate fuels for Point Aconi, to be ready for potential fuel switching

away from petcoke.
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As shown in Figure 2.11, the average cost of solid fuel is |JJJlf per metric tonne in the
2012 GRA, | higher than the solid fuel cost in 2011 BCF.

Figure 2.11
REDACTED

Natural Gas & Oil Methodology

Natural Gas Forecast

With the market price of HFO forecast to be higher than that of natural gas in all months,
we expect it to be economic to burn natural gas throughout 2012 in Units 1, 2 and 3 at
Tufts Cove. We also anticipate natural gas to be economically dispatched in the General
Electric LM6000 combustion turbines (Tufts Cove Units 4 and 5) as well as the new

waste heat recovery unit (Tufts Cove Unit 6).
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Figure 2.12 shows the cost of natural gas in the 2011 BCF versus the 2012 GRA. We
forecast the average cost of natural gas consumed, including transportation charges to

Tufts Cove, to be || N delivered in 2012. This is || 1ower than

the 2011 BCF.

Figure 2.12
REDACTED
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Figure 2.13 shows the 2012 forward price curves for oil and for natural gas adjusted for
delivery to Tufts Cove. As the graph indicates, natural gas prices are expected to remain
below HFO prices throughout 2012.

Figure 2.13
REDACTED
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We manage financial exposure to changes in the market price of HFO and natural gas
through the use of swap and option contracts.*

The HFO and natural gas prices in this Application are produced using forward price
curves and in-place hedges.” When reselling natural gas, the portion of market-price
indexed (floating price) gas volumes available under the existing gas contract are sold at
matching or similar indices for no material cost or benefit to us and our customers.

Oil Forecast

Heavy Fuel Qil

Given the relative forward market prices of each fuel, Tufts Cove is not expected to burn
HFO in the dual-fired steam boilers (Units 1 — 3).

We anticipate consuming 46 thousand barrels of HFO in 2012 as support fuel at our coal

fired plants, compared to 44 thousand barrels in 2011 BCF.

* Swap and option contracts are financial instruments used to lower volatility in pricing terms for a supply contract.
® The term “forward price curve” refers to a graph of future prices decided upon by both buyer and seller for any
given commodity.

Page 40 of 161



o o1 A WD

REDACTED
NS Power 2012 General Rate Application DE-03 - DE-04

Figure 2.14 shows HFO costs for the 2011 BCF versus the 2012 GRA. The forecast price

is |G o approximately [ oc!ivered. Thisis an

increase of [l in the unit price of HFO.

Figure 2.14
REDACTED
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Light Fuel Oil

We expect to consume 2 million gallons of LFO in 2012 as start-up fuel in our thermal
units and for operation of the oil-fired combustion turbines. The quantity of LFO
forecast is slightly higher than the 2011 BCF consumption of 1.9 million gallons,
reflecting projected higher peak demand requirements. Figure 2.15 shows LFO price for
the 2011 BCF versus the 2012 GRA. The forecast price for LFO in 2012 is ||| | |Gz

B hisisa I increase per MMBtu.

Figure 2.15
REDACTED

Renewable Energy

NS Power-Owned

The renewable energy provided by NS Power comes from hydro, tidal and wind.
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The level of hydro generation forecast for 2012 is based on a 23-year average, consistent
with the Board’s 2002 Rate Decision in which the Board stated “longer-term data is
preferable for purposes of hydro generation”.® The use of this average, results in a 2012
production forecast of 975 GWh, which includes tidal energy at 27.4 GWh from the
Annapolis Tidal Generating Station.

The Nuttby Mountain Wind Farm is forecast to produce 140 GWh, the Dighy Wind Farm
is forecast to produce 107 GWh and wind turbines located at Grand Etang and Little
Brook are forecast to produce a total of 3.3 GWh in 2012. We also have a 49 percent
stake in the Point Tupper Wind Farm, forecast to produce 58 GWh in 2012.

Independent Power Producer Contracts

Pre-2001

Prior to the end of 2001, we entered into four long-term Power Purchase Agreements
(PPAs) with independent power producers to produce renewable energy from biomass
and hydro. The total capacity from these pre-2001 contracts totals about 24 MW and
provides approximately 170 GWh annually.’

Post-2001

Between 2002 and 2008, we procured the output from an additional 62 MW of renewable
energy, primarily from wind sources, through long-term PPAs. As part of the 62 MW,
Pubnico Point Wind Farm Inc. began full production from its 30.6 MW wind farm at

Pubnico Point in early 2005 and continues to produce approximately 85 GWh annually.

® NSPI 2002 Rate Case, UARB Decision, NSUARB — NSPI — P — 875, October 23, 2002, paragraph 91.
" A waste-burning generation contract ended with the closure of the

in 2005.
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During the period from 2002 to 2008, NS Power executed PPAs with five wind
developers, one biomass developer and one biogas developer.® Total generation from

these post-2001 contracts is approximately 160 GWh annually.

Post-2008

Since 2008, we have entered into PPAs for an additional 218 MW of renewable energy
sourced from wind. Of the 218 MW, 193 MW will come from five transmission
connected projects. The remaining 25 MW will come from smaller distribution
connected projects. By the end of 2009, the 51 MW facility at Dalhousie Mountain was
operational. By the end of 2010, the 50 MW facility at Nuttby Mountain and the 30 MW
facility at Digby Neck, both acquired by NS Power, and a 6 MW facility at Maryvale,
and a 22 MW facility at Point Tupper all became operational. NS Power expects the

62 MW facility at Glen Dhu will be fully operational by the end of June 2011, with the
smaller projects coming online by mid-2012. Total generation from these post-2008

contracts totals approximately 470 GWh annually.

Renewable Electricity

The additional procurement of 218 MW since 2008 was largely driven by the Provincial
renewable energy requirements. In 2004, the Nova Scotia Government passed new
legislation outlining renewable energy requirements going forward.® The Renewable
Electricity Regulations create a Renewable Energy Standard (RES) which requires, by
2011, that NS Power produce five percent of its energy from renewable resources
constructed after 2001. NS Power forecasts this to be approximately 600 GWh in 2011.
By 2013, this target is increased to 10 percent or approximately 1,200 GWh annually.

& Comeau Lumber Limited, a biomass developer, filed for bankruptcy protection in early 2009. The PPA will remain
in effect if they are able to resume production.
° The Renewable Electricity Regulations, made under Section 5 of the Electricity Act, S.N.S. 2004, ¢.25.
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The post-2008 PPAs, combined with the existing post-2001 renewable resources from
IPPs, and the flexibility to address shortfalls provided in the revised RES regulations will
allow compliance with the 2011 RES requirement. Please refer to Appendix A for NS
Power’s RES compliance plan.

Tidal Energy

NS Power has partnered with OpenHydro to explore a new source of tidal energy for
Nova Scotia and, as part of a test, deployed an in-stream tidal turbine in the Bay of Fundy
in 2009. Following the discovery that tidal turbine blades were missing, our turbine was
successfully recovered in December, 2010. Data analysis and physical investigative

work will inform redesign and future deployment plans.

Load Forecast

As described in previous sections, the increase in fuel expenses for 2012 is partially a
function of changes in commodity prices and purchased power. Changes in load are also
projected to increase fuel expense in 2012.

The 2012 total load is forecast to be 12,682 GWh, including exports versus 12,574 GWh
in the 2011 BCF. As noted in the load forecast section of this Application, in-province
load is higher than forecast for the 2011 BCF, but exports are lower.

The 2012 fuel cost increase due to higher in-province energy consumption is also

influenced by an increase in the peak demand requirement. In general, as the demand
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increases, higher cost fuels are called on to serve the highest demand, or “marginal”*

load.
We expect to export a small amount of energy in 2012. These 2012 export sales reduce
the overall revenue requirement by $0.3 million, to the benefit of customers. The load

forecast is discussed in greater detail in Section 8.

US Dollar Requirements and Foreign Exchange Rates

Most of our fuel requirement is purchased in United States Dollars. The imported coal,

petroleum coke, heavy fuel oil, natural gas and ocean freight are USD denominated.

We typically use forward contracts to hedge our USD requirements for fuel. A forward
contract is a commitment to purchase specific securities (in this case, USD) at an agreed

upon rate at a specific date in the future.

We hedge our USD requirements based on known and forecast requirements. Our
guidelines are to hedge 30 — 50 percent of the three forward years. For the current 12-
month period, a maximum of 30 percent of the forecast USD requirement would remain
open to allow for changes in the cash flow timing and volume of USD requirements. The

hedged rates are factored into the costs for fuel.

We monitor and report on our risk management strategies. This includes budgeted
volumes of underlying positions not hedged and risk management strategies regarding

revisions to the budget volume.

19 Marginal refers to the next MWh that would need to be produced. The marginal cost is the cost that would be
incurred to produce that next MWh.

Page 46 of 161



g B~ W N

© 00 N O

10
11
12
13
14
15
16
17
18

REDACTED
NS Power 2012 General Rate Application DE-03 - DE-04

Through our purchase of forward foreign exchange contracts, we have 47 percent of our
2012 USD requirement at an average rate of 0.9960 and have forecast a blended rate of

1.0089 on all fuel costs in this Application.

Figure 2.16
USD / CDN Foreign Exchange Rate
1.020 -
1.015 -
1.010 - $1.0089
$1.0059
1.005 -
1.000
2011 BCF 2012 GRA

2.2.4 Summary

The 2011 BCF included provisions for fuel and purchased power expenses of $537.8
million. Our net fuel costs for 2012 are forecasted to be $573.9 million, $36.1 million
higher than the 2011 BCF.

The components of the changes in 2012 fuel costs over the 2011 BCF are:

. an increase in the commodity and transportation cost of solid fuel,
partially offset by savings associated with natural gas, equating to $18
million

. higher total load resulting in net increases to fuel expense of $17 million
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. higher prices and quantities of purchased power resulting in an increase of
$16 million
. lower export generation resulting in a decrease of $8 million
. other items including changes in mercury capture additives, LFO and HFO

resulting in decreased fuel costs of $7 million

On July 22, 2010, the Nova Scotia government announced that it would change its
mercury regulations to better align with provincially regulated reductions for nitrogen
oxides, sulphur dioxide, and carbon dioxide and compliance with Provincial renewable
electricity regulations. Since the introduction of this change, NS Power has been able to
partly offset increased solid fuel costs through the use of lower cost coals. Nova Scotia
Power has also been positioned to take advantage of changing market conditions —

specifically reductions in natural gas prices.

Our Fuel and Risk Management group considers the advice of industry experts to support

procurement strategy and execution.

Emily Medine of Energy Ventures Analysis provides expert solid fuel procurement
advice to NS Power. We also retain the expertise of Leonard Crook of ICF International
for advice on natural gas procurement. At this time, we are not presenting evidence from
these experts since the BCF reset is prescribed by the FAM POA. However, each of
these experts is available to assist the Board in its deliberations, including by filing expert

evidence, in reply to matters that may be in issue at the time of the Hearing.
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3.0

3.1

FUEL ADJUSTMENT MECHANISM

Overview

In 2009, the UARB recognized the impact of volatile fuel prices by approving a Fuel
Adjustment Mechanism. The FAM adjusts the price of electricity at the start of each year
to reflect changes in fuel costs and fuel cost recovery. The FAM Plan of Administration
prescribes the method for calculating the fuel costs on which rates are based. It
establishes a Base Cost of Fuel, which is a projection of fuel costs expected in the 2012

test year. It also prescribes a set of adjustments once actual fuel costs are known.

The FAM resets the Base Cost of Fuel every two years, and during a General Rate
Application such as this one. The UARB last approved a reset of the BCF in November
2010, based on projected fuel costs for 2011. Since then, fuel costs have remained
volatile, and solid fuel costs have continued to rise.

Section 2 of this Application sets forth our proposals for resetting the 2012 Base Cost of
Fuel. This section deals with the mechanics of resetting the BCF while simultaneously
considering a GRA.

The FAM includes an incentive component to give Nova Scotia Power a direct financial
interest in managing fuel costs effectively. Under this provision, Nova Scotia Power
retains or absorbs 10 percent of any over- or under-recovered amount, less the difference
between the incentive threshold and the base fuel cost, to a maximum of $5 million.
Nova Scotia Power has incurred a future income tax expense related to the fuel
adjustment, based on our applicable statutory income tax rate. In accordance with
approved accounting policies, Nova Scotia Power treats the FAM balance as a regulatory
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3.2

asset or liability, as future rates will be adjusted to provide recovery from (or a refund to)

customers in the following year.

Relationship between the FAM and this General Rate Application

We have filed this Application for a general rate increase to recover the increased costs of
service for the test year beginning January 1, 2012.

Under the FAM framework, base fuel costs are reset every two years and as part of a
GRA. Overall fuel costs have continued to rise since the 2011 base fuel cost reset.
Accordingly, we have included forecast increases in fuel costs for 2012 as part of this

Application for 2012 rates.

This approach enables the Board to consider all evidence relevant to both the BCF and
the 2012 revenue requirement. The Board can establish the Base Cost of Fuel amount for
the FAM for 2012, using the fuel forecast information evidence in this Proceeding. The
amount to be included in rates for fuel and purchased power expense can be incorporated
into new rates effective January 1, 2012 to ensure recovery of the test year revenue

requirement.

The FAM requires Nova Scotia Power to prepare a fuel forecast each year over the
summer, and to file it no later than August 31. NS Power will file an updated fuel
Standardized Filing for this GRA Application no later than August 31. This will also

satisfy the update requirements for FAM process.

Preparation and implementation of the FAM, which includes a regular cycle of detailed
reporting, will continue in parallel with this proceeding. The next subsequent adjustment

to the Base Cost for Fuel would occur either as part of a future GRA, or on the two-year
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cycle set forth in the FAM base fuel adjustment mechanism, whichever comes first. The
FAM process includes an annual actual adjustment (AA) and a balance adjustment (BA),
both of which will be set on the usual FAM schedule in November of this year, to be
effective on January 1, 2012. Therefore, this Application does not include the AA and
BA calculations.

NS Power’s portion of the Point Tupper Wind Farm operating costs are currently
recovered through the FAM, per the Board’s letter of December 21, 2010."* NS Power is
requesting that its portion of the Point Tupper Wind Farm’s OM&G, financing and
depreciation costs, now recovered through the FAM, be recovered through our non-fuel
rate components effective for the 2012 test year. This would be consistent with how we
recover the operating costs of other NS Power owned wind projects. This Application

reflects this new treatment.

1 NSUARB Letter to NSPI — Point Tupper Wind Project — Request Approval of Accounting Methodology through
Fuel Adjustment Mechanism, NSUARB-NSPI-P128.10, December 21, 2010.
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40 DEPRECIATION AND REGULATORY AMORTIZATION

4.1 Overview

This section outlines depreciation and regulatory amortization expenses NS Power seeks

to recover through 2012 customer rates.

. We have based the depreciation expense on depreciation rates established
through the recent settlement agreement signed by stakeholders and
presented to the UARB for approval in April 2011, and on net additions

to property, plant, and equipment since rates were last set in 20009.

o The UARB has previously approved the regulatory amortization expense
we seek to include in the 2012 revenue requirement with the exception of
vegetation management. These expenses are properly recovered in
customer rates. We ask that recovery of these previously deferred

expenses continue in 2012. This section covers the following:

o Tax regulatory amortization
. Demand Side Management (DSM) regulatory amortization
. Vegetation management amortization

At the time of preparing this Application, the Board was considering the depreciation
settlement agreement, which has the agreement and support of all customer classes.
Nova Scotia Power has based its test year assumptions on the settlement agreement as the

most reasonable information available.

12 NSPI Letter to NSUARB — Approval of Depreciation Rates, Minutes of Settlement, NSUARB-NSPI-P-891, April
18, 2011.
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4.2

4.3

From 2009 Compliance to 2012, depreciation expenses will increase by $33.0 million to
$178.0 million. To calculate this expense, we used the depreciation rates in the 2011
Depreciation Study Settlement Agreement. The total increase reflects net additions to

property, plant, and equipment since electricity rates were last set.

For the 2012 test year, regulatory amortization expense will increase by $3.3 million to
$21.6 million over 2009 Compliance. This reflects a levelized revenue requirement
approach for taxes, and a straight line approach for Demand Side Management and

vegetation management.

2010 Depreciation Study

NS Power is required to review and update its depreciation rates on a regular basis. Early
in 2010, NS Power engaged Gannett Fleming to conduct a depreciation study based on
2009 year-end balances. We filed this study with the Board in October 2010. In April,
we reached a settlement agreement with stakeholders that has been filed with the UARB,

for approval.

The revenue requirement set out in this Application reflects the rates requested in the
2011 Depreciation Study Settlement Agreement. Implementation of these new

depreciation rates has no material effect on depreciation expense for the 2012 test year.

Additions to Plant

Depreciation expenses will increase by $33.0 million as a result of capital additions to
plant in service filed as part of the approved Annual Capital Expenditure (ACE)
Programs and other capital expenditures approved by the Board. The total depreciable

plant balance used in the 2012 test year has increased by about $990 million over 2009
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Compliance, due to in-service additions filed through the ACE Program for 2010 and
forecasted 2011 and 2012.

Since rates were last set in 2009, a number of major projects have gone into service. This
has improved our environmental performance and company operations to the benefit of

customers. The projects include:
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Digby Wind — $80 million

Nuttby Wind — $120 million

Point Tupper Wind — $26 million

Work Management System — $16 million

Nova Scotia Power’s forecasted capital spending for 2011 and 2012 (including work in
progress) includes more major multi-year projects that will contribute to NS Power’s

reliability, air emissions reductions, and fuel cost savings:

Tufts Cove 6 Combined cycle

NewPage Biomass Project

Light Emitting Diode (LED) street lighting replacement

Baghouse additions

Additional wind turbines

Advanced Metering Infrastructure

Transmission additions and system reliability improvements
Transmission upgrades that enable increased use of renewable energy and
benefit customers by reducing the overall cost of compliance with

provincial greenhouse gas (GHG) regulations.
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4.4  Regulatory Amortizations

Regulatory amortizations are $21.6 million in 2012, an increase of $3.3 million over 2009

Compliance per Figure 4.1.

Figure 4.1
Amortizations 2009C ($M) | 2012 ($M)
Section 21 $14.3 $16.2
2005 Q1 tax 1.8 2.2
DSM 2.2 2.2
Vegetation Management - 1.0
Total $18.3 $21.6

Figure 4.1 reflects:

) An increase of $1.9 million related to Section 21 taxes using an eight year
levelized approach approved by the UARB in its 2005 Rate Decision.™
The schedule approved by the UARB in its 2009 Rate Decision* was

adjusted as reflected in Figure 4.2 below.

. An increase of $0.4 million of amortization that relates to the deferral of
income taxes applicable to Q1, 2005. The amortization schedule was
developed using an eight year levelized approach as approved by the
UARB in its 2009 Rate Decision.

. An increase of $1.0 million of amortization relating to the amortization of

the deferred vegetation management expenses.

3 NSPI 2005 Rate Case, UARB Decision, NSUARB-NSPI-P-881, March 31, 2005, paragraph 328.
14 NSPI 2009 Rate Case, UARB Decision, NSUARB-NSPI-P-888, November 5, 2008.
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Section 21 Amortization

The Section 21 amortization approved by the UARB through the 2009 Compliance Filing
reflects an adjusted schedule for a pre-2003 tax and interest recovery amount received in
20009.

During 2009, Nova Scotia Power received a tax recovery of $5.5 million from
Manufacturing and Processing tax credits from 1999-2002. This recovery reduced the
Section 21 regulatory asset.

On December 31, 2009 we reduced the Section 21 regulatory assets by $0.5 million as
agreed in the 2009 Return on Equity (ROE) settlement approved by the UARB." NS
Power reached an agreement with stakeholders on its calculation methodology used for
regulated ROE. Under this agreement, Nova Scotia Power will continue to use actual
capital structure, actual equity, and actual net earnings to calculate actual annual
regulated ROE. The agreement gives NS Power flexibility in amortizing the pre-2003
income tax regulatory asset, allowing NS Power to recognize additional amortization
amounts in current periods, and reducing amounts in future periods. As a result, effective
December 31, 2009, Nova Scotia Power recognized an additional discretionary $10
million of regulatory amortization expense ($4.5 million of AAA and $5.5 million of
AAA-2). Effective December 31, 2010, we recognized an additional $4.8 million ($10.3
million of AAA and ($5.5) million of AAA-2) to allow flexibility relating to future
customer rate requirements. The UARB approved the agreement. NS Power will record
the $14.8 million deferral in 2011 to offset the required amortization of Section 21 during
2011. Asaresult, as of December 31, 2011 there will be no deferrals or carryover of

Section 21 expense remaining.

> NSUARB-NSPI-P-888(2) — Calculation of Nova Scotia Power Inc’s Return on Equity.
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Figure 4.2 shows the reconciliation of the Section 21 tax regulatory asset.

Figure 4.2
Section 21 Taxes $M
January 1, 2009 105.3
2009 amortization (14.1)
Adjustment pertaining to M&P tax credit 1999-2002 (5.5)
Adjustment resulting from 2009 ROE settlement (0.5)
2009 discretionary amortization per 2009 ROE settlement (10.0)
December 31, 2009 balance $75.2
2010 amortization (13.5)
2010 discretionary amortization per 2009 ROE settlement (4.8)
December 31, 2010 balance $56.9
2011 amortization (14.8)
2010 discretionary amortization per 2009 ROE settlement 14.8
December 31, 2011 balance $56.9

The December 31, 2011 balance compared favourably to the amortization schedule
established in the 2009 GRA, which forecasted the balance on December 31, 2011 to be

$60.7 million. Figure 4.3 shows the amortization schedule based on the new Section 21

deferred balance.

Figure 4.3
Tax Effect of
Amortization | Amortization | Carrying Cost
Year ($M) ($M) ($M) Total ($M)
2012 16.2 7.3 4.7 28.2
2013 17.3 7.8 3.1 28.2
2014 18.5 8.3 1.4 28.2
2015 4.8 2.2 0.1 7.0
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Included in the 2012 revenue requirement is $16.2 million of amortization related to
Section 21 resulting in an increase of $1.9 million over 2009 Compliance. The estimated
amortization for 2012 in the schedule approved in the 2009 GRA was $17.3 million
resulting in the new schedule above with amortization being $1.1 million lower. The
total cost of $28.2 million is held constant through the amortization period in accordance

with the levelized revenue requirement directed by the UARB.

2005 Q1 Tax Amortization

The 2005 taxes included an amortization of $2.2 million in 2012 as shown in Figure 4.5.
The total cost of $3.9 million remains constant for the recovery amortization period in
accord with the levelized revenue requirement approach approved by the UARB in the
2007 Rate Decision.

Figure 4.4 shows the reconciliation pertaining to 2005 Q1 Tax Amortization.

Figure 4.4
Q1 2005 Tax Amortization M
Balance, January 1, 2011 10.0
2009 amortization based on UARB approved schedule (2.1)
December 31, 2011 balance $7.9

Accordingly, we have included $2.2 million of amortization of the 2005 Q1 deferred
taxes in the 2012 revenue requirement. This results in a $0.4 million increase over 2009

Compliance.
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Figure 4.5
Tax Effect of
Amortization | Amortization | Carrying Cost
Year ($M) ($M) ($M) Total ($M)
2012 2.2 1.0 0.6 3.9
2013 2.4 1.1 0.4 3.9
2014 2.6 1.1 0.2 3.9
2015 0.7 0.3 0.0 1.0

Demand Side Management Amortization

In the 2009 Rate Decision, the Board approved the amortization of DSM expenditures for
2008 and 2009 over six years starting in 2009. These programs help customers manage

their electricity consumption and help participants lower their total energy spending.
The 2012 revenue requirement includes an annual amortization amount of $2.2 million
reflecting the deferred DSM expenditure. This results in no change in amounts included

in 2009 Compliance.

2008 Vegetation Management

As stated in NS Power’s correspondence to the UARB in February 15, 2008:

...Investments in vegetation management need to be a priority, in order to
improve reliability for customers. We can and want to meet the
expectation of our customers regarding enhanced reliability.*

16 NSPI Letter to NSUARB - Distribution System Vegetation Management - P.401.32, February 15, 2008, paragraph
5.
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In February 2008, NS Power asked to spend an additional $2 million on vegetation
management on the distribution system. The UARB approved this request in its March
2008 letter to NS Power:

...the Board approves the additional $2 million spending in 2008 on the
basis that it is both appropriate and justifiable. The Board also approves
the deferral of this expenditure, including the recovery period, subject to
review at the next rate hearing.'’

We are proposing to start amortization in 2012 using a two year amortization of the
approved $2 million spending. Thus the 2012 revenue requirement includes an annual

increase of $1.0 million for the amortization of 2008 vegetation management expenses.

Y NSUARB Letter to NSPI - Power Outage Review Decision - Distribution System Vegetation Management -
P-401.32, March 12, 2008, paragraph 6.
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5.0

5.1

OPERATING, MAINTENANCE & GENERAL

Overview

Electricity can seem like the simplest thing in the world: enter a darkened space, flip a
switch, and light floods the room. But the apparent simplicity is deceptive. Behind the
act of turning on a light lies a vast interconnecting complex of thermal power stations,
hydro stations, gas turbines, transmission lines, control systems, pollution abatement
equipment — and more than 1800 employees, including system maintenance crews,

customer service staff, fuel buyers, engineers, technicians, and meter readers and more.

In NS Power’s case, the system is not only complex, it is in the throes of major change as
we move from coal generation to cleaner, more local, secure, and renewable sources of
electricity. This process of change has been mandated by government as being in the best
interests of our customers. Nova Scotia Power is proud to be the instrument of this

change.

Carrying out such a big change is challenging. We do not have the luxury of shutting
down operations while we reconfigure the way we produce power. Our position is akin
to that of a family who must keep living in their home while carrying out major

renovations.

Some of the OM&G costs outlined in this Application reflect necessary activities in
support of the changes unfolding in our generation system. Others reflect our need to
recruit and retain outstanding employees who bring an ethic of hard work, skill, and
dedication to many diverse and difficult tasks. We are extremely proud of the men and
women who produce and deliver electricity to Nova Scotians.
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We also recognize that power bills can represent a significant cost to families and
businesses in Nova Scotia, and this makes OM&G costs a matter of keen interest to
intervenors. We take our responsibility to control costs seriously, and we look forward to
suggestions that the Board may have to help us carry out that responsibility efficiently
while maintaining a robust and reliable power utility based on cleaner, local, more secure

energy sources.

NS Power’s OM&G expenses fall broadly into three areas:

1. Operating and maintaining our generation, transmission, and distribution
facilities;

2. Delivering service to customers; and

3. Providing corporate support to those functions.

We forecast our 2012 OM&G expenses at $248.5 million, representing approximately 18
percent of the 2012 revenue requirement. The forecast increase for 2012 compared to the
2009 Compliance Filing (2009C) is $31.8 million. NS Power did not file a General Rate
Application for 2010 or 2011 and therefore the OM&G request for 2012 reflects a three
year increase in costs. Included in the 2012 OM&G request are additional investments in
reliability, storm response and OM&G associated with the operation of three new wind
projects (Digby, Nuttby and Point Tupper) that went in service at the end of 2010. These
three initiatives total 40 percent or $12.5 million of the $31.8 million increase in OM&G.
The remaining amount represents a compound annual escalation of less than 3 percent
per year, which includes an $11.5 million increase in pension expense, based on factors

largely outside NS Power’s control.
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The OM&G increases we seek in this Application focus on improving reliability,
improving service levels and increasing renewable energy. These are improvements

sought by customers.

Comprehensive reviews of NS Power’s OM&G expenses show us to be a well-managed
utility. Among competing companies, we stand at about the 50" percentile for non-union
salaries. Our collective agreement with the International Brotherhood of Electrical
Workers (IBEW) runs to 2012.

Labour costs account for most of the OM&G increase forecast in this Application. These
costs represent an investment in our core business areas: power production and customer
service. Our technical and construction services division underwent necessary expansion
to meet provincial environmental obligations and preparing for succession planning.
These investments in skilled labour ensures knowledge transfer from an experienced
workforce, enables transformation and expansion to cleaner energy resources, and keeps

NS Power competitive in its recruitment of skilled labour.

Figure 5.1 summarizes the components of the increase.

Figure 5.1

OM&G Cost Driver $M

Labour costs (1) 9.1
Vegetation management 3.4
Storm response 3.7
Renewable project operating costs 5.4
Pension expense 11.5
Other (1.3)
Total change to OM&G $31.8

(1) Note: Labour costs are net of administrative overhead, corporate allocations and include wage
increases for both union and non-union groups, succession planning, a portion of pension, succession
planning and regulatory requirements offset by an increase in the administrative overhead credit for
labour on capital projects.
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NS Power will soon be at the most challenging phase of the fuel transformation. We
have built, and contracted for, extra capacity to meet the Renewable Energy Standards
and greenhouse gas reduction targets, but it is too early to close down facilities the new
renewable generation capacity will render redundant. The existing solid fuel plants will
begin to experience lower levels of utilization in the transition period. This unfortunately
will serve to increase the cost per unit of output. As a result, we can predict in the
medium term higher costs due to capacity additions at the same time as higher unit costs
on the legacy fleet. NS Power is doing everything possible to manage costs through this
period. Lower fuel bills will help mitigate this situation. Our comprehensive approach to
generation planning will help us find the best approach to managing our capacity in these
challenging circumstances. We recognize that a single-minded focus on OM&G savings
could result in higher fuel costs to customers, and will not jeopardize generation
efficiencies to achieve operating cost reductions. In the coming years we expect to
experience a higher than desirable cost structure because of the extra capacity required

while making the transition to a clearer fuel mix.

NS Power has effectively controlled its OM&G costs. Figure 5.2 below demonstrates
that on a per customer basis, NS Power’s requested OM&G spending for 2012 is less
than the Consumer Price Index (CPI) increase over the same period. OM&G spending
per MWh is slightly higher than CPI as load growth has been slowed due to conservation

and efficiency programs and an economic recession.
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Figure 5.2
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Recent General Rate Applications, and various reviews by the UARB, have given

customers a provision of transparency and details about NS Power’s OM&G costs.

Examples include:

In each rate application, we have provided a trend analysis that includes
costs per megawatt hour and per customer. We also produce a line-by-line
analysis of OM&G costs with variance explanations across all divisions.

In June 2003 and September 2005, we filed internal OM&G studies. In 2006

we commissioned Accenture Inc. to review OM&G expenditures. We filed
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Accenture’s report in January 2007, at which point it became subject to
stakeholder review.

We filed expert reports about NS Power’s pension expenses with the Board,

and these were examined during UARB proceedings.

The Board’s consultants have completed reviews of NS Power’s operating

and maintenance practices for transmission and distribution.

The Board’s consultants have reviewed our customer communications

processes.

We filed an analysis of our vegetation management practices and spending

levels, which the Board’s consultant subsequently endorsed.

We have given the Board and intervenors access to our collective agreement

with the International Brotherhood of Electrical Workers.

The Board’s consultants have audited our affiliate transactions.

The Board engaged consultants to review OM&G expenses for power
production, customer operations, customer service, regulatory affairs, and
executive compensation. As with the foregoing initiatives, NS Power

provided its full support to this review.

The Liberty FAM 2010 audit included a review of plant operations that
showed plants were generally well run and well maintained compared to

similar plants in other jurisdictions.
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Through effective cost control mechanisms we have stabilized OM&G expenditures in

constant dollars since 2002 even with the investment in storm-related outage response

and vegetation management as outlined in the following chart.

Figure 5.3

OMA&G in Constant Dollars
(excluding pension)
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The stabilization of constant dollar OM&G is a significant achievement considering that

over the same period:

our generation output has increased by 5.4 percent

our average number of customers increased by 8.7 percent
environmental management costs have increased

we have implemented succession planning initiatives

we have added new gas turbines, and renewable energy investments
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5.2

Our record of effective OM&G cost control, confirmed by various independent reviews,
provides a basis for assessing the increased OM&G spending proposed in this

Application.

We have updated OM&G utility benchmarking metrics to better illustrate our position
and trending relative to our industry peers. As depicted in Appendix B, we continue to
perform well and have demonstrated more favourable trending results alongside our peers
that have experienced similar challenges with increased labour costs resulting from
increase maintenance hours from aging assets, maturing workforce with apprentice

programs, and a competitive labour market.

The following sections discuss NS Power’s requested OM&G increase for the 2012 test

year.

Labour Related Increases (Net of Administrative Overhead Related to Capital

Projects)

The increase in OM&G from 2009 Compliance results largely from increased labour
costs. The increase mainly reflects market pressures on salaries resulting from an
increasingly competitive labour market. Labour-related increases include wage increases
for both union and non-union employees, succession planning, and regulatory

requirements.

NS Power’s compensation policy is to aim for pay rates approximating the 50" percentile
of comparable non-union positions. We strive to pay non-union employees a salary in
the middle of the range offered at other utilities. We negotiate union wages with IBEW

Local 1928 through a collective bargaining process.
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5.3

Our 56 month collective agreement with the IBEW expires in March 2012. This
agreement recognized the increased competition for skilled trades, and in particular the
challenge of attracting and retaining Power Line Technicians and Power Engineers
(formerly steam plant operators). The agreement established wage differentiation
between skilled trades and other job classifications. This enables the company to offer
competitive wage rates to attract and retain specific skilled trades that are key to our

business, without providing “across-the-board” increases to all union job classifications.

Increases in union and non-union wages between 2009 Compliance and 2012 account for
an increase in OM&G expense of $12.3 million, excluding pension. This accounts for
three years of increases and equates to a 3.2 percent compounded annual increase each
year since 2009C. The remainder of the increase in labour-related costs of $5.0 million
primarily reflects succession planning initiatives, such as the addition of power engineers

and apprentices.

The increase in capital investments results in an $8.2 million increase in our
Administrative Overhead (AO) credit in 2012. AO is an amount credited to OM&G
based on labour hours charged to capital projects and reduces our total OM&G costs.
The AO rates are set during the Annual Capital Expenditure plan process. This credit

reduced the labour-related expense increase in 2012 compared to 2009C by $8.2 million.

Pension Costs

Our pension expense for 2012 has increased by $11.5 million compared to 2009C.
Pension expenses are forecast at $40.8 million in 2012, compared to $29.3 million in
2009C. In the 2009 General Rate Application, NS Power’s pension expense of $29.3
million was based on a discount rate of 5.75 percent, and an assumed rate of return of
7.25 percent per year. The 5.75 percent discount rate assumption was based on the

December 31, 2007 discount rate, which was the “measurement date” used for the 2009
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Compliance Filing. For the 2012 General Rate Application, the pension expense amount
of $40.8 million in this Application is based on a discount rate of 5.5 percent and an
assumed rate of return of 7.0 percent per year. The 5.5 percent discount rate assumption
is based on the December 31, 2010, discount rate, which is the “measurement date” for

the 2012 Compliance Filing.

Four main factors drive the $11.5 million increase in pension expense:

. A $7.2 million increase in the amount of net actuarial losses being
amortized (or recognized) into pension expense. Under pension
accounting standards, actuarial gains and losses arise each year from
investment returns which differ from the assumptions, and updated
measurements of actuarial obligations which differ from the projected
obligation. These gains and losses are not recognized immediately; they
are amortized into pension expense over future years. At the time of
preparing the 2009 Compliance Filing (early 2008), we assumed that the
asset return for 2008 would be 7.50 percent. In fact, 2008 was one of the
worst years for investment performance in history and like the vast
majority of Canadian pension plans, the NS Power pension plans had a
double digit negative return. Part of this actuarial loss is recognized in the

projected 2012 pension expense.

. A decrease of 25 basis points in the assumed discount rate’ which
increases pension expense by about $3.5 million. The discount rate used
to determine pension expense is based on high quality corporate bonds
with the same duration as the obligations. The duration of NS Power’s
obligations is approximately 14 years. The discount rate of 5.5 percent is

based on high quality bonds at the time of preparing this Application, as
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provided by NS Power’s actuarial consultant, Morneau Sobeco. Under
Generally Accepted Accounting Principles (GAAP), organizations are
required to use the discount rate at the end of the fiscal year (December 31
in NS Power’s case) to determine the upcoming year’s pension expense.
Thus, NS Power does not influence the discount rate used to determine

pension expense.

A reduction of 25 basis points in the assumed rate of return on plan assets
which increases pension expense by about $1.9 million. NS Power
management has also reviewed the assumed long-term return on asset
assumption. As part of this review, management also took into
consideration the return assumption used by other Canadian organizations
for pension plan accounting purposes. After careful consideration, and
taking into account the Plan’s 65 percent equity and 35 percent fixed
income asset mix, management reduced the assumed rate of return on plan

assets from 7.25 percent to 7.00 percent effective January 1, 2011.

The elimination of the amortization of the net transitional obligation as a
result of moving from Canadian GAAP to US GAAP for reporting
purposes resulting ina $2.3 million decrease in pension expense.
Effective January 1, 2011 (with restatement to January 1, 2009), NS
Power reports under US GAAP. Under US GAAP, the rules for
determining pension expense are materially the same as under Canadian
GAAP. As a result of the transition, there was a one-time recognition of
the unamortized net transitional obligation onto the balance sheet. Asa
result, there is no requirement to amortize the net transitional obligation

into 2012 pension expense as there was in 20009.
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5.4

The remaining $1.2 million increase results from several other factors, including changes
in demographics, plan experience, and an update to the assumed mortality table to reflect

the fact that Canadians on average, are living longer.

OM&G Costs by Group

OM&G cost changes among the operating groups of Power Production, Customer
Operations, Customer Service, Technical & Construction Services, the Corporate Support

Groups and Corporate Adjustments are discussed in this section.

A comparison of annual expenditures for 2009C, 2009C restated, 2010A, 2011F and
2012F is provided in an OM&G Detailed Variance Analysis, which is included as
Appendix C.

The OM&G requirement in the 2009 Compliance Filing reflects expenses included in
rates under the 2009 GRA Settlement Agreement approved by the UARB. Since general
rates were last set, NS Power restructured and underwent an expansion of its Technical
and Construction Services group to meet environmental obligations, succession planning
and reliability investments. Strong succession planning for highly specialized technical
resources is critical for a utility providing an essential service. NS Power also developed
a Sustainability Group. This investment in skilled labour ensures knowledge transfer
from an experienced workforce enables transformation and expansion to cleaner energy
resources and keeps NS Power competitive in its recruitment from a national labour pool.
Based on this, NS Power restated 2009 Compliance numbers for this reorganization so

that comparisons year-over-year are more consistent (2009C restated).
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5.4.1

The 2011 forecast represents NS Power’s operating budget for the period (2011F). The
2012 forecast reflects the Company’s estimate for the test year at the time of filing
(2012F).

Operating group costs accounts for about 91 percent of OM&G spending. Corporate
Support group and Corporate Adjustment costs are approximately 9 percent of the total.

Power Production

Power Production OM&G includes costs required to operate and maintain the generation

fleet and costs associated with fuel procurement, FAM administration and management.

Power Production accounts for about 42 percent of total OM&G expenses forecast for
2012. In 2012 these costs increase by $18.2 million over 2009C, an increase of 21
percent for the three year period. Power Production OM&G expense for 2009C restated

to 2012 is summarized in Figure 5.4.

Figure 5.4
Power Production ($M)
2009C
restated 2010A 2012F
85.6 90.9 103.9

Approximately one third of the increase in 2012 results from the addition of the three
wind projects, Point Tupper, Nuttby Mountain and Digby with forecasted operating costs
of $5.4 million in 2012. Figure 5.5 lists the major components of the 2012 cost increase
of $18.3 million over 2009C.
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Figure 5.5
Amount

Cost ($M)

Union and non-union labour 5.6
Additional Labour 1.5
Operating costs of three new wind projects 5.4
Pension 4.2
Legal costs 1.4
Operating costs of TUC6 0.5
Mercury monitoring program 0.4
NERC-CIP and security 0.3
In-stream Hydro 0.3
Solid Fuel Handling Costs moved to FAM (2.2)
Other 0.9
Total $18.3

NS Power operates some of the most reliable electrical generating units in Canada.
Generating units at the Point Tupper, Lingan and Tufts Cove power plants scored among
the tops in their classes in an annual review by the Canadian Electricity Association
(CEA) in 2007, 2008 and 2009.

The CEA report analyzed data from 2009, and included results for 80 fossil units and 29

combustion units. Copies of the ranking charts are attached in Appendix D.

Power Production personnel, in conjunction with Procurement, manage labour, materials
and contract costs. Power Production has increased maintenance labour to complete
repairs and rebuilds to avoid more expensive part replacements. Power Production staff
also work with Procurement in the use of competitive tenders or negotiations of terms

with vendors to help control the effect of raw material cost changes.
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We are developing a work and asset management strategy that will allow the Power
Production division to meet the challenges of aging infrastructure and experienced work
force attrition, while sustaining operational performance, and meeting increasingly more
challenging environmental regulations. It will provide a foundation from which to
monitor the generation assets and optimize their maintenance and performance, as NS

Power transitions to a cleaner greener future.

With respect to labour cost management, Power Production has focused on the further
development of a cost-effective flexible workforce. NS Power’s full-time staff includes
multi-skilled workers and is augmented by term labour from NS Power’s labour pool and

contract workers as required to meet maintenance schedules.

Nova Scotia Power continues to focus on succession planning initiatives, inclusive of
apprenticeship programs, designed to ensure qualified employees are attracted and
retained to continually provide high quality plant performance. Strong succession

planning is critical for a utility providing an essential service.

Figure 5.6 shows the Power Production OM&G costs per MWh from 2009C restated to
2012.
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5.4.2

Figure 5.6

Power Production OM&G/MWh

et QM &G Costs/MWh {with pension) = OM&G Costs/MWh (excluding pension)
9.0
8.5
8.0

/
.0

7.5
/'7
7.0

- —ill 7.12
6.93
- 6/ -
6.0 Br5.89
5.5
5.0
2009C restated 2010A 2011F 2012F

The increase in costs per MWh is primarily due to the lower load, additional OM&G

associated with the three new wind projects and labour costs.

Customer Operations

Customer Operations includes: Regional Operations (transmission and distribution field
operating groups), Transmission and Control Centre Operations (including the System
Operator function), Reliability Programming (including vegetation management), Work
Force Management and Resource Allocation (planning, scheduling and dispatch) and

Administration.

Customer Operations accounts for about 29 percent of the total OM&G expenses forecast

for 2012. As shown in Figure 5.7, in 2012 these costs will increase by $9.2 million over
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2009C restated, an increase of 14 percent. Increased vegetation management and storm

costs make up $7.1million, or 77 percent of the increase. All other costs have increased

$2.1 million, corresponding to a compound annual escalation of approximately one

percent per year since 2009C restated.

Figure 5.7
Customer Operations ($M)
2009C
restated 2010 2012F
64.0 72.5 73.2

Figure 5.8 below shows Customer Operations costs per customer from 2009C restated to

2012.
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Figure 5.8

$/Customer

Customer Operations OM&G/Customer

—#— OM&G Costs/Customer (with pension)
== OM&G Costs/Customer (excluding pension)
OM&G Costs/Customer (excluding pension, storm and veg additional spending for 2012)

160.0

150.0
A 148.2
140.0
1373 \/
135.1
131.8
130.0

/ \/. 130.2
120.0

1171 120.4 115.8

110.0

100.0 T 1
2009C restated 2010A 2011F 2012F

The factors driving the increase in Customer Operations OM&G spending are outlined in

Figure 5.9.
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1 Figure 5.9

Cost Amount ($M)

Union and non-union labour 2.9

Succession planning 1.2

Vegetation management investment 3.4

Storm response 3.7

Pension 1.9

Other (net of savings/recoveries) (3.9

Total $9.2
2
3 The increases in vegetation management and storm costs relate directly to the increased
4 frequency and severity of weather experienced in Nova Scotia, in particular high winds.
5
6 Figure 5.10 shows this trend. The frequency of high winds results in higher storm
7 response costs, and the requirement to increase vegetation management investment.
8
9 Figure 5.10

Combined Wind, Wind Gusts, Frz. Rain, and Wet Snow events compared to NSPI SAIF Index1994-2010
10 /\\ /400
TN N LS ARV
\ LN\ ’
| —m— Weather Event Hrs (weighted by population) —e— NSP SAIFI
10
11
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Storm Response

NS Power remains strongly committed to its Emergency Services Restoration Plan
(ESRP). Developed in the wake of Hurricane Juan, the plan establishes processes that
quickly respond to electric power system damage resulting from severe weather. Each
year, NS Power carries out simulation exercises to test the plan’s capability and to train
employees. The 2009 exercise scenario conducted on July 8 was a “severe ice storm”.
Representatives from Nova Scotia’s Emergency Management Office (EMO) observed the
exercise at the NS Power Emergency Operations Centre (EOC). We filed the Emergency
Services Restoration Plan annual update with the UARB at the end of August 2009.

In 2009, NS Power activated its plan for three major storm events:

o January 1 — Province wide wind and snow event
. August 23 — Hurricane Bill
. August 29 — Tropical Storm Danny

During 2010, NS Power activated its plan for two events:

o September 2 — Hurricane Earl

. December 13 — Province wide wind event

NS Power's EOC proved effective in coordinating resources to shorten the duration of
outage events resulting from these storms and providing customers and the provincial

EMO with timely information on restoration.
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Recent increase in the severity of Nova Scotia’s weather have increased the costs
associated with storm response and restoration. Actual storm costs for the past five years

are as indicated in Figure 5.11.

Figure 5.11
Storm
Year Operating Storms Greater than $1 million
Expense ($M)
2006 3.7 No single storm event was in excess of $1 million
2007 11.7 Hurricane Noel — $6.3 million
2008 7.8 Hurricane Kyle — $1.8 million
Christmas Snow Storm — $3.2 million
2009 7.7 January 1% event — $1.2 million
Hurricane Bill — $1.9 million
2010 14.1 Hurricane Earl — $6.5 million
December 13 Wind event — $2.7 million

The average annual operating costs for storm response over the last five years is $9.0
million. However when the 2012 forecast was developed, the final 2010 numbers were
not completed. The five-year average at that point was $8.7 million which is included in
the 2012 revenue requirement. Accordingly, NS Power is requesting an increase of $3.7

million in 2012 for the storm response program.

Vegetation Management

NS Power’s Vegetation Management Program is the most effective investment to
improve customer reliability. For 2012, NS Power seeks an additional $3.4 million for

vegetation management.

The UARB’s Decision on the 2009 GRA Settlement Agreement dated November 5,
2008, noted the following:
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5.4.3

In its original rate application, NSPI requested an increase of $7.0 million
over the prior year, which would have amounted to a total of $13.8 million
for 2009. Thus, despite the $3.4 million reduction resulting from the
Agreement, an overall net increase in vegetation management will be
achieved. Vegetation expenses will increase to $10.4 million for the 2009
test year, a net increase of $3.6 million over the last compliance filing.

The Board notes the testimony of Mr. Bennett, who stated that increased
activity in vegetation management will enhance service reliability for
NSPI’s customers.

Taking into account all of the evidence, the Board is satisfied that the
proposed total expenditure of $10.4 million for vegetation management
(an increase of $3.6 million), as contemplated under the terms of the
Agreement, is reasonable and appropriate in the circumstances.*®

The $3.4 million which was not included in the 2009C was to specifically address off
right-of-way hazard trees. These are trees that are not addressed through right-of-way
clearing programs, but in cases of very severe wind can fall into the line causing outages.
These hazard trees have continued to be a significant cause of outages during severe
weather events and NS Power has therefore included the $3.4 million to address these

trees in this Application.

Customer Service

NS Power’s Customer Service group includes the customer care centre, billing and
payment services, meter services, credit and collections, customer communications and
quality assurance, customer relations, heating solutions, large customer management and

load and revenue forecasting.

18 NSPI 2009 Rate Case, UARB Decision, NSUARB — NSPI P-888, November 5, 2008, paragraph 51.
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The Customer Service group accounts for about 13 percent of the total OM&G expenses

forecast for 2012. In 2012, these costs will increase by $2.3 million over 2009C restated,

an increase of 7.6 percent as outlined in Figure 5.12.

Figure 5.12
Customer Service ($M)
2009C 2010A 2012F
restated
30.2 34.3 32.5

Figure 5.13 below shows Customer Service costs per customer from 2009C restated to

2012.
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Figure 5.13

Customer Service OM&G/Customer

=== OM &G Costs/Customer (with pension) === OM &G Costs/Customer (excluding pension)

75.0

70.4 69.9

700 \
65.1 65.8

. 65.0
[J]
£ / 62.7
2 62.2
360.0
by \-
57.5
550 55.8
50.0 T T T \
2009C restated 2010A 2011F 2012F

The 2010 and 2011F OM&G cost per customer increased over 2009C restated as the
result of one-time programs and initiatives to improve customer service. This included
improvements to service levels, redesign of processes to deliver improved customer
experiences, and implementation of best-in-class customer service training. The factors
driving the increase in Customer Service OM&G over 2009C are outlined in Figure 5.14

below.
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Figure 5.14

Cost Amount ($M)

Union and non-union labour 1.4
Pension 1.0
Electric write-off and allowances 0.5
Other costs (net of savings) (0.6)
Total $2.3

5.4.4

Electric write-off and allowance increase of $0.5 million is to reflect actual and
forecasted write-off experience partially offset by process improvement gains in net bad

debt management.

Technical and Construction Services

The Technical and Construction Services group focuses on the execution of initiatives to
further enhance reliability, asset management and operational excellence, support for
renewables, environmental transformation and providing technical support to the Power

production and Customer Operations groups.

Technical and Construction Services accounts for about 5 percent of the total OM&G
expense forecast for 2012. As outlined in Figure 5.15, NS Power’s Technical and
Construction Services group OM&G will increase by $4.1 million in 2012 to $13.5
million as compared to 2009C restated. This increase, mainly labour costs, reflects NS
Power’s growth in the capital program focusing on reliability, renewable development,

and succession planning for specialized engineering positions.
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Figure 5.15
Technical and Construction Services ($M)
2009C
restated 2010A 2012F
9.4 11.7 135

5.4.5

The factors driving the increase in Technical and Construction services OM&G over

2009C restated are outlined in Figure 5.16 below.

Figure 5.16
Cost Amount ($M)
Union and non-union labour 0.7
Added Labour 0.9
Pension 1.9
Other costs (net of savings) 0.6
Total $4.1

The increase in Technical and Construction Services OM&G costs results mainly from
labour costs, including wage increases and additional full time employees needed to
operate and maintain the increased assets resulting from growth in the capital program.
The addition of full-time employees in the Technical and Construction Services group
also aligns with NS Power’s succession planning. As technical employees approach
retirement in the next few years, having technically competent employees to support
ongoing capital investments and provide support to the operation groups ensures

sustained reliability and service for customers.

Sustainability

The Sustainability group supports NS Power's renewable energy advancement,

commercial development of multifaceted projects, and corporate strategic planning.
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5.4.6

As outlined in Figure 5.17, NS Power’s Sustainability group OM&G will increase by
$0.8 million in 2012 compared to 2009C restated.

Figure 5.17
Sustainability ($M)
2009C
restated 2010A 2012F
1.2 3.3 2.0

The factors driving the increase in Sustainability OM&G over 2009C are outlined in
Figure 5.18 below.

Figure 5.18
Cost Amount ($M)
Non-union labour 0.2
Consulting 0.5
Other costs (net of savings) 0.1
Total $0.8

The main increase in consulting is due to additional expenditures related to renewable
energy development activities associated with the Renewable Energy Standard

compliance requirement for 2015 and beyond.

Corporate Support Groups

NS Power’s Corporate Support groups provide services such as regulatory affairs,

finance, governance, human resource management, communications and public affairs,

procurement and information technology.
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As outlined in Figure 5.19, the OM&G relating to NS Power’s Corporate Support groups
will increase by $4.5 million in 2012 as compared to 2009C, an increase of 10.2 percent

over three years. This increase is mainly due to increases in labour and insurance costs.

Figure 5.19
Corporate Support Group ($M)
2009C 2010A 2012F
restated
44.0 46.0 48.5

The Corporate Support groups work to control costs. Operational efficiencies, quality
improvements, management of staffing levels, appropriate procurement sourcing and bid

evaluation all assist with controlling costs across the Company.

NS Power continues to manage corporate costs as outlined in the Accenture report and
subsequently accepted by the Board in a letter dated May 18, 2007:

As noted above, the Board is prepared to accept the Accenture Report as
an adequate review of Corporate Services, subject to Accenture providing
the Board with a more extensive and detailed summary of the findings,
recommendations and issues identified in its Report, as well as satisfactory
responses to any further questions the Board may have.*

Figure 5.20 identifies the cost increases in Corporate Support OM&G spending.

9 NSUARB Letter to NSPI, Nova Scotia Power Inc. — Operations Review — P-886.2, May 18, 2007, page 3.
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Figure 5.20
Amount

Cost ($M)

Union and non-union labour 1.4
Other labour increases 1.4
Pension 1.7
Insurance costs 1.2
Lower Water Street OM&G related savings (2.8)
Other 1.6
Total $4.5

Other Labour increases

The increase in activity in our capital investment program, increase requirement to attract
new employees through our work force planning and apprenticeship program and our
focus on succession planning and leadership development has resulted in a requirement to

retain additional employees to satisfy these requirements.

Insurance costs

The increase is based on our most recent experience.

Lower Water Street Office Facility

2012 constitutes the first complete year in our new office facility. Included in the 2012
revenue requirement is a reduction of $2.8 million in OM&G costs related to our
relocation to the Lower Water Street (LWS) facility. The UARB approved the LWS
capital application based on a comparison to various alternatives demonstrating that the

LWS alternative was the lowest long term cost option for customers. The amounts
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included in the 2012 revenue requirement are aligned with the estimates included in the

business case that supported the approved capital application.

Other

Other costs increased $1.6 million primarily due to increases in regulatory

consulting/legal and IT support contracts.

Corporate Adjustments

Corporate adjustments are credits and expenses that are not assigned to a specific
business unit or functional area. The primary components are capital overhead
contributions and certain payroll costs (including year-end payroll accrual and

incentives).

In 2012 the corporate adjustment credit will increase by $7.4 million over 2009C as
shown in Figure 5.21. This is mainly due to an increase in administrative overheads of
$8.2 million (which reduces the corporate adjustment costs), resulting from increased

capital investment levels.

Figure 5.21
Corporate Adjustments ($M)
2009C 2010A 2012F
restated
(17.7) (29.3) (25.1)

Figure 5.22 summarizes the major components of Corporate Adjustments and Overheads.
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Figure 5.22
Corporate Adjustments by Expense Type ($M)

2009C

restated 2010A 2012F
Payroll Costs 3.0 3.2 3.2
Applied Overheads (19.2) (31.1) (27.4)
Corporate Support
Transfers (0.8) (1.2) (1.0)
Other (0.7) (0.2) 0.1
Total $(17.7) $(29.3) $(25.1)

5.5

Five Year OM&G Forecast

In this Application, NS Power has included a detailed OM&G Five Year Forecast
Summary. Please see Appendix E.

Detailed multi-year forecasts of OM&G are inherently uncertain. Many factors can
significantly affect specific OM&G costs from year to year, including: load growth,
scope and timing of plant maintenance, changes in the costs of materials, customer
growth, changes in regulatory environment, changes in pension expenses, fleet fuel costs,
insurance cost increases or other market changes. A variation one way or another in the

early years can distort future year estimates.

NS Power did not file a 2010 or 2011 rate application and therefore the OM&G
requirement for 2012 reflects a three year increase in costs. The estimated costs and
percentage increases projected over five years are shown in Figure 5.23. The forecasted
2012 OM&G as filed in the 2009 General Rate Application was $245.5 million,
consistent with the test year 2012 forecast in this Application, even though in 2009 we
did not expect that NS Power would experience 2012 OM&G costs relating to Point
Tupper, Nuttby and Digby Wind projects.
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Figure 5.23

2013 2014 2015 2016

OM&G costs ($M)

255.6 260.6 263.9 275.5

Increase ($M)

$7.1 $5.0 $3.3 $11.6

% Change

2.9% 2.0% 1.3% 4.4%

The underlying assumptions in the five year OM&G forecast are:

Wage increases for both union (per contract) and non-union employees
Fleet fuel — 5.5 percent increase per annum

Employee related expenses (other than labour) increase — 2.2 percent per
annum

Communication expenses increase — 2.2 percent per annum

Pension costs — an increase in 2013 and decrease in years 2014 to 2016
Contract costs — estimates based on individual circumstances or 2.2
percent

Insurance costs — 7.5 percent annual escalation based on current insurance
market

Corporate cost allocations — remaining consistent with the 2012
percentages

Vehicle and Administration overhead calculation - capital spend estimates
consistent with the estimated capital expenditures

Additional OM&G associated with renewable generation additions
Remaining property costs — 2.2 percent per annum

All other significant costs — 2.2 percent per annum

No unforeseen regulatory mandates
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Caution should be exercised as any change in forecast assumptions or actual experience
can have a material effect on the costs provided in this five year forecast as each year’s

costs are estimated based on previous years’ estimates.
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6.0

6.1

CAPITAL STRUCTURE AND FINANCING

Overview

The process of generating and distributing power requires many large facilities such as
coal-fired power plants, wind turbines, and transmission lines. Because these facilities
have a long life expectancy, their cost can only be recovered gradually, over a period of
years or even decades. Yet NS Power has to come up with the money to build them in
advance. There are only two ways for us to do this. We can borrow money, and pay
interest to the lender. Or we can use our shareholders’ money, and pay them a return on

their investment in the form of dividends.

Capital markets determine the amount of interest we will pay on borrowed money, based
in part on the financial health of the company and the perceived fairness of its regulatory
environment. The Utility and Review Board determines the amount of shareholder
money — or equity investment — we can use, and the rate of return thereon that are

included in rates.

One aspect of the transformation to cleaner, local, renewable energy sources is a shift
from fuel expenses to capital expenses. We will be buying less fuel, but building more
capital assets that generate energy from fuel-free sources like wind and tidal. This means
that capital costs and depreciation costs will play a bigger role in our operations. Because
we have to borrow the money to build those capital assets — from banks or from
bondholders — it is crucial that the company remain financially sound. Itis in our
interests, and in our customers’ interests, that NS Power remain a company to which
lenders can lend with confidence, and in which shareholders can invest with the

expectation of a fair return on that investment.
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The bank loans and bonds that finance our new generating facilities will be paid off over
a long period of time. An increase in interest charges of even a fraction of a percentage
point can add millions to the cost of power from one of these plants over its lifetime.
Since the Board, by law, fixes electricity rates according to our costs, higher interest rates
mean higher electricity rates. The rate of interest we pay depends on the expectation of
creditors — banks and bondholders — that they will get their money back, with interest,
on the agreed schedule. Their expectation that this will happen depends in large part on
their confidence that the company operates in a regulated environment that supports a fair

rate of return on equity.

In its 2006 Rate Decision, the Utility and Review Board observed that customers have a

vested interest in Nova Scotia Power’s strong financial position. As the Board stated:

The Board recognizes that the interests of customers and shareholders of
Nova Scotia Power are not mutually exclusive. They both benefit from a
financially sound utility.”

In September 2009, the rating agency Standard & Poor’s (S&P) raised Nova Scotia
Power’s corporate credit rating to BBB+ from BBB. This action followed
implementation of the FAM on January 1, 2009. In raising the company’s credit rating,
S&P credited the successful implementation of the FAM, and a supportive regulatory

environment. S&P stated:

Supportive, cost of service regulation underpins ... regulated cash flows at ...
NSPI1.%

The improvement in our credit rating benefits Nova Scotia Power and customers as the

company re-finances existing debt, secures financing to fund capital projects, considers

%0 NSPI 2006 Rate Case, UARB Decision, NSUARB — NSPI — P-882, March 10, 2006, paragraph 662.
2! Standard & Poor’s, Global Credit Portal RatingsDirect, Nova Scotia Power Inc., December 10, 2009, page 2.
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6.2

issuing new capital, and enters into new fuel procurement arrangements. At a time of
capital investment growth, it is critical that Nova Scotia Power continue to maintain or

improve our credit rating.

A strong financial position ensures NS Power will have access to the capital it needs at
competitive rates, which helps control costs for customers. On an on-going basis, Nova
Scotia Power requires money to re-finance existing loans as they mature. Our
investments in renewable energy projects, environmental and reliability investments
require capital that, if not readily accessible, could cause increased borrowing costs for
Nova Scotia Power’s customers. The utility must be financially sound to provide cost-

effective, reliable service to customers.

To finance these requirements, Nova Scotia Power obtains capital from two sources: debt
investors and equity investors. If Nova Scotia Power’s returns are not competitive with
other investments of comparable risk, equity investors will consider investing elsewhere.
This will drive up our borrowing costs, which in turn will drive up customer rates. This

point has been recognized by the Board:

The Board understands the importance of ensuring that NSPI remain on a
sound financial foundation as it heads into the future. The Company’s
ability to attract capital, access fuel markets and control costs must not be
compromised.?

Credit Ratings

A credit rating is an independent rating agency’s opinion of a company’s
creditworthiness — its ability to pay its debt holders on schedule. It is the single most
important factor influencing risk assessments of fixed income securities and bank credit

terms. The higher the credit rating, the greater the perceived likelihood that debt

%2 NSPI 2006 Rate Case, UARB Decision, NSUARB — NSPI — P-882, March 10, 2006, paragraph 665.
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investors will get their interest and principal payments as expected. A company with a
higher credit rating makes a more attractive investment. A lower credit rating can impair
a company’s access to capital markets, driving up the cost of borrowing, and even

affecting the availability of debt and credit.

Throughout the recent financial crisis, Nova Scotia Power has been able to successfully

access short term debt markets.

Lower credit ratings reflect increased investor risk; investors expect risky investments to
produce a higher rate of return. Some investors, such as pension funds and certain
institutional investors, are prohibited from investing in debt instruments below a certain
rating. The lower the credit rating, the more stringent the terms, and the more restrictive
the covenants on new issues. Nova Scotia Power’s credit rating therefore affects not only
the cost of the debt, but also the amount and nature of capital that is available to the

company.

Borrowing costs are not the only part of our business that credit ratings affect. Credit
ratings also have an impact on our ability to purchase fuel. Since fuel contracts usually
span deliveries and payments over a period of time, sellers want some assurance of a
buyer’s ability to meet the contracted terms. Most sellers require a certain minimum
credit rating when selling commodities. If a buyer does not have an adequate credit
rating, sellers may require them to “post margin” or make a deposit with the seller to
ensure payment. This increases the buyer’s costs. When markets are tight, it is possible
that buyers with lower credit ratings may not have financial access to the commodities in
question, and the supply will instead go to companies with higher credit ratings. This is a

situation Nova Scotia Power and its customers must avoid.
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Nova Scotia Power’s Ratings

As shown in Figure 6.1, Nova Scotia Power’s credit ratings, despite the raised credit

rating in 2009, are in the lower range of those held by other regulated Canadian utilities.

Figure 6.1
Dominion Rating Date
. Bond Rating . . Last
Canadian Service Trend Rating S&P Creditwatch/ Upgraded,
Electric Utilities Confirmed | Rating Outlook Downgraded
(DBRS)
Rating: or Outlook
g Changed

Altalink L.P? A Stable 9-Feb-2011 A- Stable 3-Mar-2005
CU Inc. A (high) Stable 8-Sep-2010 A Stable 7-Jan-2004
ENMAX Corp. A (low) Stable 21-Jan-2011 | BBB+ Stable 21-Sep-2010
EPCOR Utilities
Inc. A (low) Stable 7-Jul-2010 | BBB+ Stable 19-Jun-2002
Maritime Electric
Co. Ltd.? BBB+ Stable 19-Jun-2007
Nova Scotia
Power A(low) Stable 25-Nov-2010 | BBB+ Stable 14-Sep-2009
Enbridge Inc. A Stable 1-Nov-2010 A- Stable 25-Nov-2003
TransAlta Corp. BBB Stable 27-Aug-2010 BBB Stable 6-Feb-2006
Fortis Inc. A (low) Stable 1-Oct-2010 A- Stable 19-Jan-2007

1. Unless otherwise stated, rating shall be the rating then assigned to such entity’s unsecured debt
obligations or if it has no such rating, its issuer or general corporate rating.
2. DBRS does not provide an unsecured debt or issuer/corporate credit rating for Altalink L.P. This is
its Senior Secured Bond and Medium-Term Notes (Secured) rating.
3. DBRS does not provide a rating for Maritime Electric Co. Ltd.

Accordingly, to maintain a competitive credit rating, Nova Scotia Power’s financial

profile — including its capital structure — should be at least comparable to that of other

Canadian utilities. Nova Scotia Power’s common equity component is currently lower

than most of the utilities listed above as noted in the evidence presented by Ms. Kathleen

McShane in Appendix F.

Capital structure is an important component of a company’s overall credit standing.
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Credit rating agencies assess the long term viability or solvency of a company by
comparing the company’s cash flow to the company’s total debt. Cash flow is the
difference between cash coming into and out of a company. Cash enables the company
to meet its interest commitments to debt holders on an ongoing basis and, ultimately,
repay the principal as well. Of particular concern are funds from operations (FFO),
which represent the net cash derived from the day-to-day running of the business before
deducting outlays for capital expenditures. The primary financial ratios that rating
agencies consider when performing credit assessments are FFO/debt and FFO/interest
which measure a company’s ability to service the principal and interest obligations of its
debt with funds provided from day-to-day operations.

Absent a rate increase, Nova Scotia Power estimates its 2012 FFO/debt metric to be 9
percent and its FFO/interest ratio to be 2.3 times. These are below the five year average
of 15.5 percent and 3.2 times. With the proposed rate increase, Nova Scotia Power
estimates its 2012 FFO/debt metric to be 12.7 percent and its FFO/interest ratio to be 2.9

times.
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Figure 6.2
FFO / Total Adjusted Debt
20.0%
156% Sadly 159%  1ac0 14.6% 12.7% -
9.0%
15.0% 12 9% 11.0%
10.0%
5.0%
0.0%
2005 2006 2007 2008 2009 2010 2011 2012
(Est*)  (Est¥)
B No Rate Increase M Rate Increase
Notes:

Based on Nova Scotia Power Forecast

Historical metrics based on published S&P reports

Estimated metrics based on current understanding of S&P adjustment methodology

When insufficient detail exists to produce an adjustment, the 2010 adjustment has been used in its place

(includes operating leases, post-retirement benefits, and foreign exchange gains/(losses))

Actual metrics will differ from estimated
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Figure 6.3

FFO Interest Coverage

4.0
35
3.0
2.5
2.0
1.5
1.0
0.5
0.0

2005 2006 2007 2008 2009 2010 2011 2012
(Est*)  (Est¥)

B No Rate Increase M Rate Increase

Notes:

Based on Nova Scotia Power Forecast

Historical metrics based on published S&P reports

Estimated metrics based on current understanding of S&P adjustment methodology

When insufficient detail exists to produce an adjustment, the 2010 adjustment has been used in its place
(includes operating leases, post-retirement benefits, and foreign exchange gains/(losses)

Actual metrics will differ from estimated

It is critical to have sufficient cash flow in order to at least maintain credit ratings. This
will ensure on-going access to capital and credit and enable Nova Scotia Power to

continue providing service at a reasonable cost to customers.
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6.3

Return on Equity: Compensation for the Equity Investor

Return on Equity is the combined effect of the level of equity recognized for rate making

and the percentage return on that equity.

Nova Scotia Power’s return on equity is the compensation provided to the equity investor
as a return on investment. It is analogous to the interest that is paid to debt investors.
The return that can be earned by investors is assessed in terms of the risk of the

investment compared to other alternatives.

The 2009 Rate Case Settlement Agreement approved rates being set on a return on
common equity of 9.35 percent on 37.5 percent common equity.”® Unlike pure
transmission and distribution utilities, Nova Scotia Power is subject to operating risks in
its generation business. Therefore, investors expect their fair return on investments in

Nova Scotia Power to be higher than the allowed returns for utilities without this risk.

From an investor perspective, Nova Scotia Power has a relatively high risk profile

compared to other investor-owned Canadian regulated electric utilities.

Subsequent to the 2009 General Rate Application, important events have occurred that

have an effect on Nova Scotia Power’s capital structure:

1. Certain Canadian utilities have recently been granted improvements to their ROE
and percentage of common equity invested. The evidence of Kathleen McShane
provides further details in this regard. These improvements recognize the
increasing complexity and risk associated with operating a utility in Canada. As
noted above, to maintain its credit rating, it is important that Nova Scotia Power

23 \SPI 2007 Rate Case, UARB Decision, NSUARB — NSPI — P-886, February 5, 2007, paragraph 13, #8.
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remain comparable with other utilities. Most of these utilities are subject to less
risk than Nova Scotia Power as they are not vertically integrated utility
companies. Nova Scotia Power’s business includes the higher risk generation
aspect of its business in addition to the transmission and distribution businesses of

most of the other Canadian utilities.

On April 1, 2009 Nova Scotia Power redeemed $125 million of preferred shares.
At that time, the cost to re-issue preferred shares was more expensive than to
finance with debt. This reduced the amount of equity invested in Nova Scotia
Power from a rating agency perspective and increased the percentage of debt
financing in the company. This demonstrates the importance of maintaining our

credit rating.

In January 2010, as part of the ROE Settlement Agreement, the UARB ordered
that Nova Scotia Power maintain its common equity invested at a maximum of 40
percent.** This restriction on equity challenges Nova Scotia Power’s credit rating
as it minimizes the amount of equity on which investors can receive a return and

creates a maximum leverage of debt and preferred shares to 60 percent.

Other risk factors include: (i) Nova Scotia RES goals and potential penalties plus
federal GHG targets and impact on our thermal units, (ii) FAM deferrals,
(iii) increased capital program and related risk of recovery of capital in a timely

manner, and (iv) risk of more extreme weather events and storm costs.

In order to maintain its existing rating and minimize financing costs for customers, it is
important that Nova Scotia Power recover its costs in rates to offset these challenging

factors from a rating perspective.

2 NSPI - Calculation of NSPI’s Return on Equity, UARB Order, NSUARB-NSPI-P888(2), January 20, 2010, page

2.
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6.4

Ms. McShane’s expert evidence supports an ROE of 10.6 percent. While we do not
question this evidence, we understand that this level of ROE is too large for a one-time
adjustment in the context of this Application and would create challenges for our
customers. As a result, NS Power requests that the ROE for rate setting purposes be
increased to 9.60 percent. We believe this is an acceptable level of change for this
Application. This is the rate of return Nova Scotia Power has earned since 2009 and is
within existing range of return, which is considered a reasonable range. Given the
evidence and expert opinion presented in this Application we request that rates should be
set at this level and a new range established from 9.35 to 9.85 percent.

Since financial markets continue to display levels of uncertainty, it is critical that Nova
Scotia Power be able to compete for capital on a level playing field. As noted above,
comparable Canadian utilities now have ROEs that are higher than Nova Scotia Power’s.
This reflects the changing demand for increased returns in the market. The risk inherent
in Nova Scotia Power’s business has increased and in addition the return that the market

is expecting from utilities has increased.

NS Power has retained ROE expert Kathleen McShane to provide evidence on Nova

Scotia Power’s return on equity and capital structure.

Financing Outlook

Cost of capital represents the costs of providing returns to suppliers of capital including
commercial paper investors, bondholders and preferred and common shareholders. As an
asset intensive business, Nova Scotia Power’s financing costs are significant. Therefore,
access to various types of financing that give NS Power flexibility to take advantage of
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favourable financing options is fundamental to providing cost-effective service to

customers.

Debt and Interest

Nova Scotia Power uses a mix of fixed (long-term) and floating rate (short-term) debt in
its capital structure. Long-term interest rates are generally higher and less volatile than

shorter-term interest rates.

NS Power’s floating rate debt is obtained largely through its $400 million Commercial
Paper (CP) Program. CP is short-term debt issued to investors with maturities of

anywhere from a day to less than one year.

The predominant rating used by commercial paper investors in Canada is provided by the
Dominion Bond Rating Service. Nova Scotia Power’s current rating of R1 (Low) is the
minimum credit rating that allows an issuer to participate in this market without the
requirement for a prospectus. CP is the lowest cost form of borrowing for Nova Scotia
Power. Participating in this market provides Nova Scotia Power with flexibility in
managing its cash flow, typically rolling over amounts between $10-25 million daily.
Maintaining the current DBRS credit rating is imperative to have access to this efficient

form of debt financing.

Nova Scotia Power plans to participate extensively in the CP market throughout 2012.

The 2012 forecast monthly average short-term rate is in the 2.5 to 4.0 percent range.

To issue long-term debt in the Canadian market, every issuer offering to sell securities to
the public is required to file a prospectus with the provincial securities commission of

each province in which it expects the securities to be held. A prospectus is a legal

Page 105 of 161



© 00 N oo o1 B~ W N e

N N R N R i T e e T i o e
W N B O © © N O U W N LB O

REDACTED

NS Power 2012 General Rate Application DE-03 - DE-04

document that describes the types of securities being offered for sale in the market. The
prospectus provides all relevant information to potential investors so they may assess the
quality of the investment, to determine if they want to participate in the offering. Rather
than issuing a separate prospectus for every issue, some companies will file a “shelf-
prospectus” which enables the company to issue up to a prescribed dollar amount of
securities over a 25 month period.

On May 3, 2010, Nova Scotia Power renewed its existing shelf-prospectus which has
enabled it to issue up to $500 million in medium term notes (MTN)? or preferred shares
for the 25 month period subsequent to that date. To date, NS Power has issued $300
million relating to this prospectus. The issues are typically carried out through NS
Power’s banking syndicate which includes six major Canadian banks and one major U.S.
bank who sell the debt to institutional investors such as pension plans, insurance
companies and governments. Before NS Power issues debt, it is required to confirm its

credit ratings with the rating agencies in order for the issue to proceed.

Lower credit ratings attract fewer investors, and consequently lead to higher rates. In
addition, lower credit ratings result in fewer options in available terms; that is, terms in
excess of 10 years are not available for some entities with BBB ratings, increasing an

issuer’s re-financing risk.

Nova Scotia Power has no long-term debt maturities in 2011 and 2012.

> Medium Term Notes are debt securities that in today’s market can range from terms of two to thirty years.
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Preferred Equity

Nova Scotia Power has $135 million of preferred equity in its capital structure. Preferred
stock is a class of share capital that entitles the holder to a fixed dividend before any
dividends are paid to common shareholders and to a stated dollar value in the event of
liquidation. Preferred dividends for 2012 are reduced from previous applications due to
the redemption of $125 million in preferred shares in April 2009. The annual preferred

share dividend requirement is now $8.0 million.

Nova Scotia Power’s local long-term Preferred Share rating of BBB- from S&P is one
notch above non-investment grade. Non-investment grade securities require high yields
(that is high dividend rates) to be successfully marketed and/or attract limited investor

interest because of the ineligibility for inclusion in investment portfolios.

On or after October 15, 2015, Nova Scotia Power Preferred Series “D” shares are
convertible into common equity of Emera at the option of the holder, or can be redeemed
at the option of Nova Scotia Power. In either circumstance, Nova Scotia Power will have
a re-financing requirement. With a non-investment grade rating on preferred shares, this

form of financing may be prohibitive from a cost and/or marketability perspective.

If Nova Scotia Power does not have the option of a preferred share issuance, we will be
required to increase its common equity component in order to sustain its DBRS credit
metrics. This represents another longer-term implication of a ratings downgrade that puts

upward pressure on customer rates.

Common Equity

In the 2002 Rate Decision, the Board set rates using 35 percent common equity and said:
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The Board would indicate that it has no objection to NSPI increasing its
actual equity ratio in the future to 40 percent. However, at any future rate
hearing, the Board will determine what equity ratio is appropriate for
ratemaking purpose. %

In the 2005 Rate Decision, the UARB approved an increase in Nova Scotia Power’s
common equity to 37.5 percent for rate-making purposes, which was upheld in the 2006

Rate Decision. The Board said:

The Board has considered the evidence concerning this matter and
approves the proposed increase in the common equity ratio for ratemaking
purposes from 35 percent to 37.5 percent. The Board is satisfied that the
strengthening of the balance sheet in this way is desirable in the current
economic climate. The Board notes that the majority of interveners appear
to be in favour of the proposed increase in the common equity thickness.”’

The last time Nova Scotia Power obtained common equity from the markets was late in
2002, following the 2002 Rate Decision. At that time, Emera issued common equity and
injected one-half of the proceeds into Nova Scotia Power to strengthen its balance sheet.
Emera did this to maintain Nova Scotia Power’s credit rating, which was under negative
credit watch by DBRS.?® Since that time, Nova Scotia Power has maintained regulated

common equity of at least 37.5 percent.

NS Power is proposing to maintain common equity of 37.5 percent for establishing
electricity rates. Nova Scotia Power is proposing to maintain its actual common equity
between 35 percent and 40 percent. NS Power will continue to report its regulated return

on equity based on its actual average common equity.

6 NSPI 2002 Rate Case, UARB Decision, NSUARB — NSPI — P-875, October 23, 2002, paragraph 156.

2" NSPI 2005 Rate Case, UARB Decision, NSUARB — NSPI — P-881, March 31, 2005, paragraph 166.

8 DBRS Press Release: Nova Scotia Power Inc. “Under Review with Negative Implications”, October 30, 2002.
2007 Rate Case, NSPI Direct Evidence, Appendix D, Attachment 5.
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7.0 RATEBASE
7.1  Overview

The rate base consists of assets Nova Scotia Power uses to generate and distribute
electricity. In its 2006 GRA Decision, the Utility and Review Board summarized it this

way:

The Public Utilities Act clearly contemplates that all assets of a utility
which are used and useful in supplying a regulated service shall be
included in the rate base fixed by the Board with respect to that particular
service.?

The rate base includes capital assets like power plants, transmission and distribution
lines, inventories of fuel materials and supplies used to produce and distribute electricity,
and financial assets like working capital and regulatory assets. Rate base is a component

of setting our revenue requirement and in turn setting rates.

Because of that, determining the rate base is an important part of a General Rate
Application. This Application uses the same method for calculating the rate base as used

in our 2006 and 2009 General Rate Applications.

The average rate base for the 2012 test year is $784.8 million higher than the 2009

Compliance Filing. Several components contributed to the change:

o average capital assets increased by $906 million

. working capital increased by $33 million

. average contract receivables decreased by $83 million

. average deferred charges and credits decreased by $70 million

 NSPI 2006 Rate Case, UARB Decision, NSUARB-NSPI-P-882, December 22, 2005, paragraph 170.
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Figure 7.1 sets out the components of NS Power’s average regulated rate base for the
2012 test year, consistent with UARB Rate Decisions in 2006 and 2009. We have
provided details in RB-02 to RB-16 of this Application.

Figure 7.1

Average Rate Base 2009C 2012F
(M) (M)

Average capital assets 2,447 3,353

Average cash working capital allowance 67 59

Working capital adjustment (by (41) -

agreement with stakeholders)

Average materials and supplies inventory 124 123

Average contract receivable 83 -

Average deferred charges & credits 160 90

Total $2,840 $3,625

7.2 Details of Rate Base

Average Capital Assets

Average capital assets reflect Nova Scotia Power’s actual capital asset balances as of

December 31, 2010. The assets also include items submitted in our 2011 Annual Capital

Expenditure Plan and the projected capital program for 2012, reduced by the December

31, 2010 accumulated depreciation and the depreciation forecast for 2011 and 2012 as

detailed in Section 4 of this Application.*

Average capital assets have risen sharply because Nova Scotia Power is in a period of

historic change. Nova Scotia has legislated an increase in cleaner, renewable electricity.

% Refer to FOR-12.
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This is an investment in lower carbon emissions and a cleaner environment.
Environmental regulations have enabled NS Power to begin making investments that

support increased renewable generation regulations in Nova Scotia.

Although NS Power’s generation mix now includes more renewable energy, and
therefore less price volatility, fossil fuels and hydro continue to provide the majority of
the power system’s energy. Maintaining and/or improving the reliability and capability
of Nova Scotia Power’s thermal and hydro generating units helps preserve lower fuel

prices and maintain system stability.
New renewable generation must be connected to our electrical systems. This has
required new investment in NS Power’s transmission and distribution system and this has

contributed to the increase in our average capital assets.

Cash Working Capital Allowance

Cash working capital allowance (CWC) represents the average amount of capital
provided by investors above and beyond investments in plant and other separately
identified rate base items. CWC investments bridge the gap between the time
expenditures are made and payment is received. This allowance is determined using a
lead/lag study, which analyzes cash flows arising from our billing, paying and collecting
procedures, with the goal of determining the average amount of outstanding working

capital >

To support its lead/lag assumptions, NS Power contracted John T. Browne, CA, of JT

Browne Consulting to provide an appropriate method for determining these assumptions.

%! Refer to FOR-15, which contains Nova Scotia Power’s calculations for working capital using the lead/lag
methodology.
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Mr. Browne also reviewed NS Power’s lead/lag calculations and provided an opinion on
the appropriateness of our assumptions and calculations. He performed this study in
early 2011, using data from 2009.%* His findings are included in SR-04 of this
Application.

We have applied the lead/lags supported by Mr. Browne’s study to 2012 data to form the
basis of the CWC request used in this Application.

The forecasted 2012 CWC is $54.8> million, a decrease of $14.0 million from the 2009
Compliance Filing. The change results from decreased net lag days for income taxes and
decreased income tax expense partially offset by increased net lag days for OM&G
excluding labour, increased OM&G and grants in lieu of taxes expenses and Demand

Side Management.

To calculate the average rate base we need to calculate the average CWC. Average CWC
included in the 2012 test year rate base is $59.1 million, a decrease of $7.8 million from

2009 Compliance.

As part of the 2009 General Rate Application Settlement Agreement, the allowance for
cash working capital was arbitrarily reduced by $40.9 million.** We have not included

this reduction in our 2012 rate base calculation.

%2009 was selected in the 2011 study as it was the most recent timeframe for which a complete year of data was
available.

% Refer to FOR-15.

% Refer to RB-02 — RB-16, line 20.
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Materials and Supplies Inventory

We have based our fuel and supplies inventory on the projected monthly average for
2012, consistent with the methods used in the 2009 General Rate Application. It consists
primarily of coal and oil inventory, thermal plant inventory and of transformers and

conductor to support the transmission and distribution system.

Average materials and supply inventory included in the 2012 test year rate base is $122.6

million,* a decrease of $0.9 million from 2009 Compliance.

Deferred Charges and Credits

NS Power’s method for calculating deferred charges and credits conforms to the 2006
through 2009 General Rate Applications. In those applications, we included all
components of the deferred charges and credits on our rate base calculation, and the

UARB confirmed this approach in all three of these rate decisions.

Deferred charges represent amounts that NS Power has paid to operate the utility, but
have not yet expensed. These amounts have not been reflected in customer rates. Such
items are useful for a number of reasons. For example, deferred charges include costs
incurred to fund the pension plan, which is part of employee compensation, and costs
incurred to execute debt transactions that are required to operate the business or pay past
taxes on behalf of customers. A fair return on the assets compensates investors for the

use of these funds.

% Refer to FOR-14.
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The average deferred charges and credits for the 2012 test year are $90.2 million, a

decrease of $70.1 million over the 2009 Compliance Filing. NS Power’s deferred charges

and credits are outlined in Figure 7.2.

Figure 7.2
Deferred Charges & Credits 2009 Average 2012 Average
(M) (M)

Defeasance & Finance Charges 121 88
Section 21 and 2005 Q1 taxes 112 56
Prepaid Pension Asset 7 58
FAM Regulatory Asset 8 48
Asset Retirement Obligations (90) (149)
Future Income Taxes - (15)
Other 2 4
Total $160 $90

The amounts included in rate base reflect a year-end average, consistent with the method

approved by the Board in previous rate cases. The $70 million reduction is primarily a

result of:
. defeasance & financing charges amortization reductions of $33 million
o amortizations reductions of Section 21 and 2005 Q1 taxes and the income
tax recovery associated with pre-2003 taxes received of $56 million
. pension asset increase of $51 million
. fuel regulatory asset deferral increase of $40 million
. asset retirement obligation increase of $59 million

. addition of future income tax liability associated with the FAM of $15

million

. other increase of $2 million
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Further explanation of these assets is described below.

Defeasance and Finance Charges

Defeasance costs are included in average rate base as approved in the past three rate
decisions. The reduction of $33 million in the average is due to amortizations on the
defeasance deferred charges. We have amortized these deferred amounts over the life of
the new debt in accordance with the UARB’s 1993 Rate Decision.*

Section 21 and 2005 Q1 Taxes

In the 2006 Rate Decision, the Board approved the inclusion of the Section 21 taxes in
the rate base. Subsequently, the UARB approved the deferral of $16.7 million of taxes in
Q1 of 2005, representing amounts associated with the deferral of taxes in the first quarter
of 2005. In the 2007 Rate Decision, the Board approved the commencement of
amortization of these assets. During 2009 and 2010, adjustments in addition to
amortization have occurred and are detailed in Section 4 of this Application. As a result,

the average deferred balance for taxes has decreased by $56 million.

Prepaid Pension Asset

The average prepaid pension asset increased $51 million over 2009C resulting in an
average prepaid pension asset for 2012 of $58 million. This increase reflects the
difference between the funding provided to the pension plan by NS Power less the
amount expensed by NS Power as calculated by its actuary. Pension expense referred to
above is what is included in OM&G expense and included in the 2012 revenue

requirement.

3 NSPI 1993 Rate Case, UARB Decision, NSUARB — NSPI — P-863, April 5, 1993, page 25.
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For the 2012 test year, NS Power forecasts pension funding at the minimum required

amount of $43.9 million, while pension expenses are forecast to be $40.8 million.*
Fuel Adjustment Mechanism

For the 2012 test year, NS Power’s fuel adjustment reflects the actual adjustment
resulting from an under-recovery of fuel costs in 2010, and the 2009 balance adjustment.
This under-recovery is reduced in 2011 and 2012 for the UARB- approved FAM deferral
issued December 13, 2010. We have included the actual vs. forecast under recovery from

November and December for collection in 2012, reducing the FAM ending balance.
Demand Side Management

The deferral and amortization of DSM applies to the costs recognized in the 2009 Rate

Application and approved by the Board.
Asset Retirement Obligations (ARO)

Nova Scotia Power recognizes an obligation associated with the retirement of tangible,
long-lived assets that it is required to settle. NS Power accrues a liability for the fair
value of its obligation to decommission a site when the obligation arises. At that time, a
corresponding asset retirement cost is added to the carrying amount of the related asset.

NS Power deducts the obligation from rate base. The average ARO amount deducted
from NS Power’s average rate base in 2012 is $149 million, an increase of $59 million
over 2009C.

37 Refer to OE-02 — OE-09.
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Future Income Taxes

Future income taxes relate to the accounting treatment of income taxes through the FAM

as approved by the Board.
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8.0

8.1

LOAD FORECAST

Overview

Peak demand and customer energy requirements have a significant effect on the costs
associated with running NS Power. Growth in peak demand can affect fixed costs over
the long-term, while growth in electric energy consumption drives up variable operating
costs. As such, the electric load forecast, which provides an outlook on the energy and
peak demand needs by month, is an essential part of determining future costs. The load
forecast also helps us allocate costs among different types of customers, in what’s known
as the cost-of-service model (spelled out in Section 9 - Cost of Service).

The Nova Scotia net in-province requirement, including losses for the 2012 test year is
12,647 GWh. This is 270 GWh below the 12,917 GWh used in the 2009 General Rate
Application and 235 GWh above the 12,412 GWh used in the 2011 FAM Base Cost of Fuel
reset. The forecast estimates the provincial load in three primary sectors (residential,
commercial and industrial) which are then divided into the various customer sales classes.
Details can be found in the 2011 Load Forecast Report (SR-02).

Key points of the 2012 load forecast include:

. In-province electric energy sales, which had grown at an average annual
rate of 1.0 percent over the previous five years, fell by 3.6 percent in 2009
due to the economic recession which mainly affected electric consumption
in the industrial sector. Sales partially rebounded in 2010, with 1.4
percent growth, despite warmer than average weather. Sales are forecast

to continue to recover in 2011 and 2012.
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8.2

The 2012 residential sector sales are forecast to increase by 5.2 percent
over 2010 actual sales, owing to the economic recovery and the expected
return to normal (colder) winter temperatures. We expect commercial
sales in 2012 to increase by 1.5 percent over 2010. We expect industrial
sales in 2012 to grow by 2.2 percent over 2010 sales, driven by a return to
normal production levels at the largest paper mills and several other large

industrial customers.

Efforts to reduce electricity use, via Demand Side Management, will
influence growth rates in 2012; we expect DSM to reduce overall electric
load by 301 GWh during the year.*®

We forecast demand for the winter of 2011/2012 to peak at 2,308 MW,
194 MW above the peak demand of 2,114 MW experienced in the winter
of 2009/2010, when temperatures were in the range of minus 13°C but
some large industrial customers were operating at reduced load. The
2011/2012 forecast is 70 MW above our highest recorded peak, set seven
years ago, in January 2004 at 2,238 MW, when temperatures fell to minus
18°C.

The following sections summarize the development of the test year load forecast.

Our load forecast uses surveys, econometric and end-use information, and assumptions

about the economic, demographic, and technological environment in the forecast period.

% The load forecast was completed in December 2010 and DSM amounts noted are based on the DSM projections
of the 2009 Integrated Resource Plan forecast.
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We model the residential, commercial, and industrial components of total electricity

demand, and we take account of line losses associated with supplying load.

To keep forecasting procedures accurate, we test alternate econometric models and when

these changes improve the process and enhance accuracy, we update our models

accordingly. The 2011 Load Forecast Report describes our current procedures.

Figure 8.1 displays the annual year-ahead forecast and actual in-province load, and shows

the variance between the two. The table shows a decrease in overall load since 2007, due

to DSM, the economic downturn and major load reductions at the largest industrial

customers. Actual results also reflect the impact of weather effects on electric load. The

2011 Load Forecast Report sets out the econometric model equations and regression

statistics.
Figure 8.1
NS Power In-Province Energy Forecast Accuracy

Vear | FOrecast | Actual | Variance % W@Ztngﬁ(idj Weatf;zr-Adj.

GWh GWh GWh Variance GWh Variance
2000 11,043 11,240 197 1.8 291 2.6
2001 11,439 11,303 -136 -1.2 -75 -0.7
2002 11,704 11,501 -203 -1.7 -161 -1.4
2003 11,833 12,009 176 1.5 152 1.3
2004 12,289 12,388 99 0.8 45 0.4
2005 12,663 12,338 -325 -2.6 -253 -2.0
2006 12,850 10,946 -1,904 -14.8 -1,675 -13.0
2007 12,981 12,640 -341 -2.6 -400 -3.1
2008 12,864 12,539 -325 -2.5 -313 -2.4
2009 12,917 12,073 -844 -6.5 -896 -6.9
2010 12,444 12,158 -286 -2.3 -134 -1.1

* 2006 and 2009 saw shutdowns at major industrial

was much warmer than average.

customers and the 2006 heating season
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8.3

Economic Indicators

Economic indicators such as Gross Domestic Product (GDP) play a major role in the load
forecast models. Historical trends show that electricity load growth and economic
growth are closely linked. The most significant economic indicator used in commercial
and industrial sector load forecast models is the Provincial GDP, or the total value of all
goods and services produced within the Province. Our models use Nova Scotia economic
indicators and demographic data drawn from the latest available Conference Board of

Canada’s economic forecast (October 2010).

Figure 8.2 shows historical and projected GDP growth rates. The Conference Board of
Canada forecasts the Nova Scotia GDP to grow by 1.8 percent in 2011 and 1.9 percent in
2012,

Figure 8.2
o Historical and Forecast NS GDP Growth Rates
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Source: Conference Board of Canada
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8.4

8.4.1

The Conference Board of Canada forecasts real personal disposable income to increase
by 0.4 percent in 2011 and 1.8 percent in 2012, after averaging 2.1 percent annual growth
over the last five years. The Board expects sales of consumer goods sales to recover with
anticipated growth of 0.8 percent in 2011 and 1.6 percent in 2012. Consumer goods
growth has averaged 1.8 percent over the last five years. The board forecasts 4,382 total
housing starts in 2010, decreasing to 3,328 in 2012.

Updated Energy Forecast

Section SR-02 contains the full 2011 Load Forecast Report. The following sections

summarize the highlights and results of the forecast.

System Requirement

The total energy requirement is the sum of residential, commercial, and industrial sales,
plus export sales and associated losses. Total requirement grew by an average of 0.4
percent per year from 2003-2008, then dropped 3.8 percent due to the 2009 recession. As
shown in Figure 8.3, we forecast a total energy requirement for the 2012 test year of
12,682 GWh.
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Figure 8.3
Net System
Requirement Export
(NSR) +
(In- Export | Total System
Residential | Commercial | Industrial | Losses Province) Growth | Losses | Requirement | Growth
Year GWh GWh GWh GWh GWh % GWh GWh %
2000 3,672 2,829 3,930 809 11,240 34 192 11,432 3.2
2001 3,741 2,959 3,873 730 11,303 0.6 343 11,646 1.9
2002 3,829 2,996 3,799 877 11,501 1.8 530 12,031 3.3
2003 4,011 3,091 4,046 862 12,009 4.4 320 12,329 25
2004 4,114 3,188 4,212 874 12,388 3.2 177 12,565 1.9
2005 4,114 3,223 4,215 786 12,338 -0.4 145 12,483 -0.7
2006 3,979 3,211 2,888 868 10,946 -11.3 406 11,352 -9.1
2007 4,218 3,343 4,207 872 12,639 155 60 12,699 11.9
2008 4,232 3,327 4,161 818 12,538 -0.8 25 12,563 -11
2009 4,318 3,320 3,658 776 12,073 -3.7 19 12,092 -3.7
2010 4,216 3,305 3,932 704 12,158 0.7 6 12,164 0.6
2011F 4,362 3,253 3,966 830 12,412 2.1 164 12,574 3.4
2012F 4,437 3,355 4,018 836 12,647 1.9 34 12,682 0.8
Figure 8.4 below shows the total requirement for 2012 relative to past years.
Figure 8.4
Total System Requirement
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The figure below shows the contribution of the load sectors and losses to the 2012 load

forecast.

Figure 8.5

2012 Load Forecast - NS Sector Sales

Losses,

Residential,
836 GWh, 7%

4,437 GWh ,
34%

Industrial,
4,018 GWh |,
32%

Commercial,
3,355 GWh,
27%

The following sections describe each segment in more detail.

8.4.2 Residential Sector

The residential sector includes year-round and seasonal households, non-commercial
farm use, and residential customers served by municipal utilities. We expect 2012

residential sales to make up 34 percent of in-province energy requirements.

Our residential forecast uses an econometric model that incorporates some end-use
information. One of the variables projects household appliance load based on average
appliance use, maturity, efficiency improvements, market penetration, and growth in the

number of customers. It also uses the number of electric heating customers and expected
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heating degree-days for the year to determine space heating loads. Figure 8.6 shows the

historical forecast accuracy for this sector, without adjustment for weather effects.

Figure 8.6

Residential Sector Forecast Accuracy
Forecast Actual %

Year GWh GWh Variance
2000 3,636 3,672 1.0
2001 3,776 3,741 -0.9
2002 3,904 3,829 -1.9
2003 3,958 4,011 1.3
2004 4,107 4,114 0.2
2005 4,201 4,114 -2.1
2006 4,267 3,979 -6.7
2007 4,327 4,218 -2.5
2008 4,303 4,232 -1.6
2009 4,254 4,318 1.5
2010 4,153 4,216 1.5

The residential model includes detailed analysis of electric space and water heating loads.

It estimates market penetration rates based on the relative price of electricity and heating

oil (using recent and forecast commaodity price changes). For the 2012 test year, the

model predicts that approximately 30 percent of Nova Scotia residential customers will

use electric space heating, up from 29 percent in 2010, and 60 percent will use electric

water heating.

The residential econometric model uses sales of consumer goods as a primary economic

indicator. Sales of consumer goods represent the cumulative total value of all retail

goods sold in the Province, measured in millions of constant dollars. We expect this

figure to grow by 0.8 percent in 2011 and 1.6 percent in 2012.
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8.4.3

Residential load has grown at an average annual rate of 0.5 percent over the last five
years or 0.8 percent when adjusted for weather effects.

Commercial Sector

The commercial sector includes restaurants, theatres, retail stores, banks, office buildings,
malls, schools, and street and traffic lights. We expect commercial sales in 2012 to make

up 27 percent of in-province energy requirement.

The load forecast for this sector uses an econometric model that relates commercial
customer consumption to GDP, disposable income, residential sector load growth, and
prior commercial load levels. Universities, hospitals, and large firms with commercial
operations in Nova Scotia depend heavily on the strength of the provincial economy and
the level of government expenditures. We also survey Large General rate customers, and
include individual forecasts for them in our commercial sector forecast. Commercial
load has grown at an average annual rate of 0.5 percent over the last five years or 0.6

percent when adjusted for weather effects.

Figure 8.7 shows the historical forecast accuracy for this sector, without adjustment for

weather effects.
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Figure 8.7
Commercial Sector Forecast Accuracy
Year Fg\%ﬁSt 'Aé:wﬁl % Variance
2000 2,871 2,829 -1.4
2001 2,951 2,959 0.3
2002 3,075 2,996 -2.6
2003 3,091 3,091 0.0
2004 3,197 3,188 -0.3
2005 3,255 3,223 -1.0
2006 3,340 3,211 -3.9
2007 3,345 3,343 -0.1
2008 3,345 3,327 -0.5
2009 3,449 3,320 -3.7
2010 3,319 3,305 -0.4

8.4.4

Industrial Sector

The industrial sector includes customers who manufacture finished goods, or who process
material to make a product of higher value. This includes fish plants, pulp and paper
mills, mines, tire manufacturers, and furniture and clothing manufacturers. In 2012, we

forecast industrial sales to make up 32 percent of in-province energy requirements.

To develop a load forecast for this sector, we use a combination of econometric modeling
and large customer load trends and surveys. Econometric models for small and medium
industrial classes relate electricity consumption to GDP. For the large industrial classes,
which exert a substantial impact on overall load, surveys provide an effective basis for
forecasting. These classes consist of relatively few customers spanning a variety of
industries. Factors external to Nova Scotia, such as foreign exchange rates and
international demand for their products, can exert a heavy influence on them. Because

customer surveys can capture this information more effectively, we use surveys to
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develop large customer forecasts. Unplanned plant or production changes within this

large customer group add significantly to the uncertainty of the load forecast.

The large industrial forecast also takes account of economic conditions, changes in
technology and end-uses, planned production changes, shutdowns, and changes in the
electric intensity of processes. Industrial load has declined at an average annual rate of

1.4 percent over the last five years.

Figure 8.8 shows historical forecast accuracy for this sector. Because weather has little
influence on industrial sales, we do not use weather normalization in these forecasts. In
2009, economic conditions led to temporary shutdowns of some large industrial

customers, and reduced production for many others. This reduced energy consumption

for this sector, which is the main cause of the 14.7 percent variance from forecast.

Figure 8.8
Industrial Sector Forecast Accuracy
Forecast | Actual %
Year GWh GWh Variance
2000 3,806 3,930 3.3
2001 4,020 3,873 -3.7
2002 4,008 3,799 -5.2
2003 3,899 4,046 3.8
2004 4,120 4,212 2.2
2005 4,339 4,215 -2.9
2006 4,363 2,888 -33.8
2007 4,388 4,207 -4.1
2008 4,300 4,161 -3.2
2009 4,289 3,658 -14.7
2010 4,117 3,932 -4.5

* - a major plant was closed for several months in 2006
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8.4.5 Exports

Whenever economically and technically feasible, NS Power sells energy to customers

outside Nova Scotia, usually during periods of low in-province demand. The margin on

these sales contributes to our annual fixed costs, thereby reducing the revenue required

from in-province customers. The forecast method for exports is described in Section 2.

Figure 8.9 shows export sales over the years 2000 to 2010 and forecasts for 2011 and
2012. We forecast export sales of 33.9 GWh in 2012. Associated losses of 1.0 GWh
bring the total export requirement to 34.9 GWh, which is the figure we use in the 2012

test year.
Figure 8.9
Export Sales

Year GWh Change yr/yr
2000 170 -14
2001 304 134
2002 489 185
2003 301 -188
2004 167 -134
2005 136 -31
2006 384 248
2007 59 -325
2008 24 -35
2009 18 -6
2010 6 -12
2011F 158 152
2012F 34 -124
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8.4.6 Line Losses

The percentage of energy lost in delivery varies with volume, delivery voltage,
temperature, and line impedance. Overall, we forecast delivery losses at 6.6 percent of

the 2012 net in-province energy requirement.

8.5 2011 Peak Demand Forecast

8.5.1 System Peak

System peak is defined as the highest average demand over a single hour experienced in a

calendar year.

The hourly peak demand during the winter of 2009/2010 was 2,114 MW. It occurred in
February. This was 124 MW lower than the previous record of 2,238 MW, set in January
2004. The lower peak in 2009 resulted from differences in temperature and large

customer behaviour.
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Figure 8.10
Annual Net System Peak (winter-Ending)
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8.5.2
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The forecast peak for 2012 is 2,308 MW. We base this forecast on a variety of

information including industrial customer load and typical winter temperatures, and we

use this value for rate-making purposes.

Non-Firm Coincident Peak

Certain industrial customers who meet specific criteria may contract to permit Nova

Scotia Power to interrupt their electricity supply on short notice in order to meet any

necessary emergency peak reductions critical to system stability. In return for this

flexibility, they pay a lower rate. Electric load of this type is called “non-firm”.

One effective measure of non-firm load is the amount of electricity we are permitted to

interrupt during maximum system load. We track these “non-firm coincident peaks”

each month. They typically range between 300 MW and 350 MW.
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8.5.3

Because we expect current non-firm customers to continue taking this service, we

forecast non-firm coincident peak to remain near its current level.

Total Coincident Firm Peak

“Total Coincident Firm Peak” is the demand at the time of system peak caused by non-
interruptible (firm) customer classes (such as residential, small general, etc.). It excludes
demand attributable to the non-firm customer classes described in the previous section.
Since the non-interruptible group includes many customers who use electric space

heating, the firm peak varies substantially with weather.

In February 2010, the firm peak was 1,820 MW and we forecast a peak of 2,000 MW for

2012, based on typical winter temperatures.
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9.0

COST OF SERVICE

At its most basic level, a General Rate Application has two steps. First, the Board must
determine how much it will cost to produce and distribute Nova Scotia’s total electricity
requirements, using the lowest-cost method of generation, and allowing a fair rate of
return on the money shareholders have invested in NS Power. Second, the Board must
determine how much of this total revenue requirement should come from each customer

class.

This section and the two sections that follow, deal with the second step.

Many factors bear on the cost of providing electricity to different categories of customers.
The process of allocating costs is complex, but well-established, having been examined

and resolved through many previous rate applications.

In a cost of service environment, revenue to be recovered through rates is intended to
reflect the costs of serving each class, as measured by the revenue-to-cost (R/C) ratio.
We have determined the costs for each rate class using NS Power’s Cost of Service Study
(COSS) which we have prepared for the 2012 test year. We used the methodology
approved by the Board with one exception. NS Power proposes to change the method of
allocating depreciation costs of the existing streetlight fixtures accounted for under the
unmetered class. The proposed change will more accurately reflect the direct
responsibility for this cost by the streetlight customers. Anticipated changes in the
operating environment, caused by a comprehensive replacement of existing fixtures with
the Light Emitting Diode streetlights beginning in mid-2012, are the reasons for this
change. We propose to move the capital-related costs of LED fixtures out of the Cost of
Service Study, and treat them as a Below-the-Line service category. Further details

regarding the proposed changes are discussed in the Revenue Section of this Application,
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the Unmetered Class Ratemaking Report in Appendix G, and in the COSS document
SR-01.

The COSS is predicated on the revenue requirement and costs presented in financial
tables, which are included in the Standardized Filing sections of this Application. The
revenue requirement used in this study is reflective of costs that are forecasted to be
incurred by NS Power in 2012. It does not include forecasts for the 2012 Fuel
Adjustment Mechanism (FAM AA and BA). In this regard, the COSS differs from the
revenue information displayed in some financial tables, which shows revenues inclusive
of the FAM amounts.*® These amounts will be determined in a separate 2011 FAM

proceeding.

Amortization of NS Power Demand Side Management expenditures incurred by NS
Power in 2008 and 2009, as approved for recovery through rates in 2009 (based on a 6-
year amortization schedule), continues to be included in the COSS.*® Consistent with the
2009 GRA, these amortized costs are allocated in the same way as fixed generation costs.

They will be fully recovered by 2015.

The Cost of Service Study is included in this Application as SR-01. Exhibit 1 of this

appendix presents class revenue-to-cost ratios under current and proposed rates.

% The revenue figures presented in financial tables FOR-01 and FOR-05 include revenues associated with FAM AA
and BA riders. The revenue figures in table FOR-09 do not include FAM-related revenues and match those used in
the COSS.

0 DSM amortization costs are grouped within the regulatory amortization item in financial table FOR-01.
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10.0

10.1

REVENUE FORECAST AND PROPOSED RATES

This section deals with a number of technical details regarding the allocation of revenue

responsibilities among rate classes.

The 2012 FAM adjustment riders, designed to true-up fuel costs incurred in prior years,
are not part of the rate analysis in this Application. This aligns with the way FAM (AA
and BA) costs are treated from a Cost of Service Study (COSS) perspective. However, in
order to provide a comprehensive view on changes in cost of power to ratepayers in 2012,
we also present the combined effects of the proposed changes to the base cost rates and
the preliminary forecasts of the amounts associated with annually adjusted DSM Cost
Recovery Rider (DCRR), administered by Efficiency Nova Scotia Corporation (ENSC),
and the FAM.

Proposed Tariff Changes Other than those Arising from Revenue Requirement

Aside from rate changes driven by an increase in revenue requirement, NS Power is

proposing to change:

J certain billing provisions of the Extra Large Two-Part Real Time (ELI 2P-
RTP) Rate

J wording of the billing provisions of the Large Industrial Rate (LIR)
concerned with the availability of this rate to its current interruptible
customers

) ratemaking methodology of the Unmetered Rate Class

The details behind the proposed changes are discussed in separate appendices to this
Application. The summaries are provided below.
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10.1.1

10.1.2

Extra Large Two-Part Real Time Price Rate

NS Power is proposing to change billing provisions around setting of the Customer
Baseline Load (CBL) and calculation of tier-based compensation for decremental energy.
These changes are intended to address issues with the current operation of this rate, as
identified by NS Power, in its annual and semi-annual ELI 2P-RTP reports. The
proposed changes have no effect on the GRA-based rate setting process of this rate class.

Please see Appendix H for details.

Large Industrial Rate

The language of the availability provisions, as captured in special condition 3 of the LIR
rate and the availability clause of the Large Industrial Interruptible Rider (LIIR), does not
reflect NS Power’s billing practice and does not capture recent technological advances
implemented by NS Power in the execution of its supply interruption program. The
language of these provisions is a historical legacy of rate class changes brought into
effect in 1996 when two separate rate classes, large industrial firm and large industrial
interruptible, with 2,000 kVA minimum demand requirement each, were combined into a
new single LIR class. The newly created LIR class allowed its customers to contract for
both firm and interruptible power, without necessarily having to adhere to the 2,000 kVA
load requirement under both firm and interruptible load nominations at the same time.
The interruptible rider section of the LIR tariff has a 2,000 kVA billing demand-based
availability clause, mimicking that of its host LIR tariff, without clearly indicating
whether it is the interruptible load that must be in excess of the 2,000 kVA requirement

or the total load of the LIR customer who nominated a fraction of its load as interruptible.
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10.1.3

Several LIR interruptible customers today have interruptible load falling below the
2,000 kVA threshold. Further, the total combined firm and interruptible load of some of
these customers also falls below the 2,000 kVA threshold. The automated dialling
system*! used by NS Power for the purposes of requesting load interruptions of LIIR
customers since 2006 allows for effective integration of these smaller interruptible loads
into the Control Centre Operations. NS Power relies today on the compliance of these

customers with interruption requests to maintain balanced supply of power on its system.

Consequently, NS Power proposes to grandfather into the rate all those customers, who
contract a portion or total of their load for interruptible power, however no longer meet
the 2,000 kVA requirement. This is accomplished by the proposed wording changes to
special condition 3 of the LIR tariff. Further, the wording of “a minimum regular billing
demand of 2,000 kVA” in the availability clause in the LIIR section is proposed to be
replaced with “a minimum regular billing demand, as determined by NS Power to add
value to the interruptible program”, to align tariff language with the current rate

classification practice of the company.

Unmetered Class

NS Power has been advised by the Provincial Government that in 2011, the company will
be mandated to begin a large-scale deployment of Light Emitting Diode (LED) based
streetlights, which will replace the Mercury Vapour (MV), Low Pressure Sodium (LPS)
and High Pressure Sodium (HPS) streetlights that are currently being used. The
deployment is expected to start in 2012, and last approximately five years. The LED
project will change the static streetlight operating environment, which gave rise to the
current streetlight ratemaking methodology. In the next few years the net plant value of
streetlights is expected to increase significantly while the amount of electricity used to

*1' NS Power uses a service provider which uses an automated dialling system.
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10.2

power these fixtures is expected to go down. NS Power is proposing changes to the
ratemaking methodology of the unmetered class to appropriately recover the costs

associated with this mandated program.

These developments will render the current, embedded cost-based, ratemaking
methodology inappropriate and unsustainable. NS Power proposes to align rates for
electric power, fixture maintenance and fixture capital with costs. To ensure
transparency in the ratemaking treatment of the LED capital costs and to find a suitable
pricing platform for the treatment of an incremental, rather than embedded, cost approach
to pricing of LED-related capital costs, NS Power proposes to take these costs out of the
COSS-based Unmetered Class and place them Below-the-Line to form an LED category
of their own. NS Power proposes that these rates be set in the GRA. The approach

would be the same as that used for setting miscellaneous charges.

The LED deployment brings into focus the recovery of costs associated with early
retirements, or sacrificed asset life, of non-LED streetlight fixtures, as well as the
associated disposal costs (or salvage value). NS Power proposes that these costs be
recovered from all full service, non-LED streetlight customers at the time of their
conversion to LED, regardless whether the customers continue to purchase these full
services from NS Power after the conversion. The proposed approach is reflective of a
cost causation principle and ensures that the costs associated with the sacrificed life of the

existing streetlight assets are recovered from the customers.

Rate-setting Process Overview

From the perspective of revenue inputs used in this GRA rate setting process, NS

Power’s rates fall into four revenue categories:
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1)

2)

3)

4)

Above-the-Line Electric Service rates (ATL) which are changed through

revenue requirement proceedings of a GRA, or in the absence of a GRA,
through the FAM adjustment process which allows re-setting of the Base
Cost of Fuel in ATL rates every second year. The ATL rates are
developed according to the Board-approved Cost of Service and Rate
Design methodology. Most of NS Power’s customers are billed under
ATL rates. From a rate setting perspective, the ELI 2P-RTP rate is
considered an ATL rate even though from an operational perspective it is a

Below-the-Line rate.*?

Below-the-Line electric service rates (BTL), excluding the ELI 2P-RTP

rate. All of these rates, except Mersey Additional Energy (MAE), are set
annually based on pre-approved formulae and/or methodology. At the
customer’s choice the MAE load can be billed under the ATL rate of a
Large Industrial Rider or at the BTL rate of Generation Replacement and
Load Following (GRLF).

Miscellaneous service rates applicable to non-electric services such as

customer connections, equipment rentals or wiring inspections.

Beginning with this Application Capital Costs of LED streetlights.

The 2012 GRA rate-setting process, under the assumption that the MAE customer’s

choice of rate will be a GRLF rate, consists of two steps:

2 NSPI - Establish a Rate to Replace NSPI’s Extra Large Industrial Interruptible Rate, UARB Decision, NSUARB-
NSPI-P883, September 28, 2006, paragraphs 178-179.
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10.3

10.3.1

1) Determine the total revenue shortfall from the 2012 revenue requirement,
if no rates were to change, except for those BTL rates which are annually
adjusted and the LED capital cost related rates, which will come into
effect for the first time in 2012.

2) Calculate the remaining revenue increases required applicable to the ATL
classes and to Miscellaneous Revenue. This is an iterative process, which

requires reconciling adjustments between ATL and Miscellaneous rates.

Revenue Allocation Process and Results

The total revenue forecast for 2012, based on current ATL and Miscellaneous Service
rates, projected BTL rates, inclusive of forecast Export revenues, but absent new LED
streetlight rates is $1,244.5 million. Compared to the 2012 revenue requirement of
$1,338.9 million, this represents a revenue shortfall of $94.4 million.** With the MAE
rate class assumed to be priced at the GRLF rate in 2012 and the LED capital cost-related
revenue of $1.3 million proposed to be placed Below-the-Line and priced using an
incremental cost approach, the shortfall applicable to ATL and Miscellaneous Service
Rates is $93.1.** The pricing assumptions behind the LED fixture services and BTL
electric service classes form an important intermediate step in the determination of this
shortfall.

Revenue Forecast of LED Fixture-related Capital Services and BTL Electric Service

Rate Classes

*3 The figures of $1,244.5 and $1,338.9 million are arrived at by subtracting the forecasted FAM BA revenue of
$50.2 million for 2012 from the total revenues of $1,294.7 (present rates) and $1,389.1 (proposed rates) million
displayed in the financial table FOR-01.

* The choice of the GRLF rate under the MAE class, as opposed to the LIIR rate, eliminates the need for iterative
adjustments in allocation of revenue responsibility between the ATL classes and the MAE making for simpler
ratemaking calculations.
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NS Power forecasts the LED fixture-related revenues to be $1.3 million. The details

behind these calculations are included in the Streetlight Study in Appendix G.

The BTL electric service class revenues reflect customer uptake under the GRLF rate and
Mersey Basic Contract. NS Power forecasts total sales to this BTL category to be

477.3 GWh or approximately 4 percent of total in-province sales in 2012. The forecast
revenue from BTL sales is $27.2 million or 2 percent of total revenues. The details are

discussed below.

10.3.1.1 Generation Replacement and Load Following Rate

The GRLF rate is designed to provide both load following and back-up service to large

customers who own their own generation or otherwise qualify for the rate.

For 2012, NS Power forecasts energy sales priced under this rate at 288.3 GWh. The
sales are comprised of 108.4 GWh billed directly under the GRLF class and 179.9 GWh
billed under the Mersey Additional Energy Class, which permits its customer to choose
between the LF or the Large Industrial Interruptible rates. The load forecast for 2012
represents a significant increase in the uptake under this rate since the last time NS Power
filed its GRA in 2009 and is reflective of lower avoided fuel costs forecasted for 2011
and 2012.

GRLF revenue is determined by applying the relevant rate components to the Load
Following (LF) and Generation Replacement (GR) portions of the kWh sales projected
for each customer. The LF rate is based on the forecast average incremental cost of
serving 25 MW of load in the 2012 test year, plus a $5/MWh adder. The GR rate is the

sum of the $5/MWh adder and the actual (or quoted) marginal costs for a specified period
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of time when the customer’s generation is out of service. NS Power estimates the rates
based on the assumption that no exports are being served. The projected 2012 revenue
under the GRLF rate amounts to $6.7 million and that under the MAE rate $11.2 million.

The current forecast Load Following rate for 2012 is 6.212 cents/kWh.

10.3.1.2 Mersey System Rate and Mersey Additional Energy

10.3.2

The Mersey System Rate is based on the 1965 Mersey Agreement, as amended. The rate
is based on estimated costs which are used for tentative billing throughout the year, and is
reconciled following year-end via a “thirteenth bill” or credit, depending upon the
difference between actual and budgeted costs. The revenue amount forecast for 2012 is
$9.3 million.

A portion of energy sold to Bowater and also covered under the Mersey Agreement is
known as “Mersey Additional Energy”. Bowater is entitled, in advance of each rate year,
to select either GRLF or Large Industrial Interruptible Rider pricing for this load. For
2012, NS Power has assumed that this load will be priced at the Load Following Rate.

Allocation of Revenue Responsibilities to ATL Classes and Miscellaneous Revenues

Subtracting $27.2 million in revenue forecast from BTL classes, $1.3 million from LED
capital costs and $1.0 million in revenue expected to be received from export sales from
the total revenue requirement of $1,338.9 million yields a revenue shortfall of $93.1
million to be recovered from ATL and Miscellaneous Revenues. The revenue allocation
process apportions $92.7 million of that amount to ATL classes and $0.4 million to
Miscellaneous Revenues. The $92.7 million shortfall requires an average increase in

ATL revenue of 7.7 percent.
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The following section discusses the process used by NS Power in allocation of revenue
responsibilities among ATL classes and Miscellaneous Revenue. NS Power has followed
a process intended to fairly and equitably recover costs from all classes. Revenue from
each class is designed to recover 95-105 percent of costs. Classes with the lowest
existing revenue to cost ratios require higher revenue increases to bring them closer to

other class R/C ratios.

10.3.2.1 Revenue to Cost Ratios and Proposed Changes to ATL classes and Miscellaneous

Revenue

Figure 10.1 compares projected costs to expected 2012 revenues at present rates (that is,
ATL and Miscellaneous Revenues). The revenues of new LED fixture services are set at
zero as presently there are no LED capital-related rates in effect. This comparison
presents a revenue shortfall of $94.4 million between the revenue collected under present

rates and the revenue required in 2012,
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Figure 10.1
Proposed
R/C % Revenue Revenue
Ratio Increase $)
ABOVE-THE-LINE CLASSES
Residential 92.1% 0.0% $564.2
Commercial
Small General 99.0% 0.0% $29.4
General Demand 98.6% 0.0% $273.2
Large General 93.5% 0.0% $36.0
Total Commercial 98.0% 0.0% $338.6
Industrial
Small Industrial 93.5% 0.0% $26.3
Medium Industrial 90.4% 0.0% $45.0
Large Industrial 90.6% 0.0% $70.4
ELI 2P-RTP (1) 83.2% 0.0% $113.5
Total Industrial 87.4% 0.0% $255.1
Other
Municipal 91.0% 0.0% $17.6
Unmetered 97.0% 0.0% $25.3
Total Other 94.4% 0.0% $42.9
Total Above-the-line classes 92.7% 0.0% $1,200.8
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $0.0
Miscellaneous 0.0% $15.5
Total Revenue 0.0% 1,2445
Revenue Requirement 0.0% $1,338.9
Revenue Shortfall/Surplus -$94.4

Figure 10.2 compares projected costs to expected 2012 revenues at present rates with the
inclusion of $1.3 million for LED capital costs proposed to be treated as Below-the-Line

category. This comparison now presents a revenue shortfall of $93.1 million.
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Figure 10.2
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 92.2% 0.0% $564.2
Commercial
Small General 99.1% 0.0% $29.4
General Demand 98.6% 0.0% $273.2
Large General 93.5% 0.0% $36.0
Total Commercial 98.1% 0.0% $338.6
Industrial
Small Industrial 93.6% 0.0% $26.3
Medium Industrial 90.4% 0.0% $45.0
Large Industrial 90.7% 0.0% $70.4
ELI 2P-RTP (1) 83.2% 0.0% $113.5
Total Industrial 87.4% 0.0% $255.1
Other
Municipal 91.0% 0.0% $17.6
Unmetered 99.7% 0.0% $25.3
Total Other 95.9% 0.0% $42.9
Total Above-the-line classes 92.8% 0.0%  $1.200.8
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 0.0% $15.5
Total Revenue 0.1% $1.245.8
Revenue Requirement 0.0%  $1,338.9
Revenue Shortfall/Surplus -$93.1

Figure 10.3 presents revenue to cost ratios for ATL classes after BTL rates have been

adjusted for projected 2012 costs and Unmetered Class revenue has been set at cost. This
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results in a 7.7 percent average increase to all the ATL classes other than the Unmetered
class.

As in the 2009 and 2007 Compliance Filings, the R/C ratio for the unmetered class has
been set at 100 percent. As a result, the revenue from this class is determined at this
stage without further adjustment for R/C ratios. However, in contrast to prior
proceedings, the revenues associated with electric, fixture maintenance and capital
services have been set at their respective costs as determined in the COSS. The
Unmetered Class Cost of Service and Pricing Study Review, included in Appendix G,
provides further details.

At this stage of rate development, the Small General, General, and ELI 2P-RTP classes

have revenue to cost ratios outside of the 95 — 105 percent range.
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Figure 10.3
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 99.5% 7.9% $608.7
Commercial
Small General 106.9% 7.9% $31.7
General Demand 106.4% 7.9% $294.7
Large General 100.9% 7.9% $38.8
Total Commercial 105.8% 7.9% $365.3
Industrial
Small Industrial 101.0% 7.9% $28.4
Medium Industrial 97.5% 7.9% $48.5
Large Industrial 97.8% 7.9% $75.9
ELI 2P-RTP (1) 89.8% 7.9% $122.4
Total Industrial 94.3% 7.9% $275.2
Other
Municipal 98.2% 7.9% $19.0
Unmetered 100.0% 0.3% $25.4
Total Other 99.2% 3.4% $44.4
Total Above-the-line classes 100.0% 1.7%  $12935
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 2.5% $15.9
Total Revenue 7.6%  $1,338.9
Revenue Requirement 0.0%  $1,338.9
Revenue Shortfall/Surplus $0.0
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NS Power’s objective in allocation of revenue responsibilities among rate classes is to
ensure, by using a transparent allocation process, that the revenue to cost ratios of all rate
classes fall within the 95 percent to 105 percent bandwidth. The use of this bandwidth is

a long-standing regulatory practice in this jurisdiction.

Nova Scotia Power used a process of adjusting the 7.7 percent increase by rate class, such
that all classes were brought within the allowable band, while at the same time providing

sufficient revenue to meet the revenue requirement.

The process used is as follows:

. The Small General increase was reduced from 7.9 percent to 5.9 percent
and the General class increase was reduced from 7.9 percent to 6.5 percent
in order to set their revenue-to-cost ratios at 105.0 percent, reduced from
106.9 percent and 106.4 percent, respectively. This change reduces the
revenue from the Small General class and General class, producing a

revenue shortfall of $4.4 million as shown in Figure 10.4.
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Figure 10.4
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 99.5% 7.9% $608.7
Commercial
Small General 105.0% 5.9% $31.1
General Demand 105.0% 6.5% $290.9
Large General 100.9% 7.9% $38.8
Total Commercial 104.5% 6.6% $360.8
Industrial
Small Industrial 101.0% 7.9% $28.4
Medium Industrial 97.5% 7.9% $48.5
Large Industrial 97.8% 7.9% $75.9
ELI 2P-RTP (1) 89.8% 7.9% $122.4
Total Industrial 94.3% 7.9% $275.2
Other
Municipal 98.2% 7.9% $19.0
Unmetered 100.0% 0.3% $25.4
Total Other 99.2% 3.4% $44.4
Total Above-the-line classes 99.7% 74%  $1,289.1
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 2.4% $15.9
Total Revenue 1.2%  $1,3345
Revenue Requirement 0.0%  $1.338.9
Revenue Shortfall/Surplus -$4.4
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. As Figure 10.5 shows, the $4.4 million shortfall is eliminated by allocating

it across other classes such that R/C targets are kept, with the exception of

ELI 2P-RTP.
Figure 10.5
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 99.9% 8.4% $611.5
Commercial
Small General 105.0% 5.9% $31.1
General Demand 105.0% 6.5% $290.9
Large General 101.4% 8.4% $39.0
Total Commercial 104.6% 6.6%0 $361.0
Industrial
Small Industrial 101.4% 8.4% $28.5
Medium Industrial 98.0% 8.4% $48.7
Large Industrial 98.3% 8.4% $76.3
ELI 2P-RTP (1) 90.3% 8.4% $123.0
Total Industrial 94.8% 8.4% $276.5
Other
Municipal 98.6% 8.4% $19.1
Unmetered 100.0% 0.3% $25.4
Total Other 99.4% 3.6% $44.4
Total Above-the-line classes 100.0% 7.7% $1,293.5
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 2.5% $15.9
Total Revenue 7.6%  $1,338.9
Revenue Requirement 0.0%  $1,338.9
Revenue Shortfall/Surplus $0.0
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) Increasing the R/C ratio of the ELI 2P-RTP class to the minimum 95
percent results in a revenue surplus of $6.5 million as shown in Figure
10.6.
Figure 10.6
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 99.9% 8.4% $611.5
Commercial
Small General 105.0% 5.9% $31.1
General Demand 105.0% 6.5% $290.9
Large General 101.4% 8.4% $39.0
Total Commercial 104.6% 6.6% $361.0
Industrial
Small Industrial 101.4% 8.4% $28.5
Medium Industrial 98.0% 8.4% $48.7
Large Industrial 98.3% 8.4% $76.3
ELI 2P-RTP (1) 95.0% 14.1% $129.5
Total Industrial 97.0% 10.9% $283.0
Other
Municipal 98.6% 8.4% $19.1
Unmetered 100.0% 0.3% $25.4
Total Other 99.4% 3.6% $44.4
Total Above-the-line classes 100.5% 8.3%  $1,300.0
BTL (Electric Services) 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 2.7% $15.9
Total Revenue 8.1%  $1,345.4
Revenue Requirement 0.0%  $1,338.9
Revenue Shortfall/Surplus $6.5
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. Figure 10.7 shows the result of allocating this $6.5 million surplus across

all classes within the 95-105 range.

Figure 10.7
R/C % Revenue Proposed
Ratio Increase Revenue
ABOVE-THE-LINE CLASSES
Residential 99.1% 7.5% $606.7
Commercial
Small General 105.0% 5.9% $31.1
General Demand 105.0% 6.5% $290.9
Large General 100.6% 7.5% $38.7
Total Commercial 104.5% 6.5% $360.7
Industrial
Small Industrial 100.6% 7.5% $28.3
Medium Industrial 97.2% 7.5% $48.3
Large Industrial 97.5% 7.5% $75.7
ELI 2P-RTP (1) 95.0% 14.1% $129.5
Total Industrial 96.6% 10.5% $281.8
Other
Municipal 97.9% 7.5% $18.9
Unmetered 100.0% 0.3% $25.4
Total Other 99.1% 3.3% $44.3
Total Above-the-line classes 100.0% 7.7%  $1,2935
Below-the-line 0.0% $27.2
Exports 0.0% $1.0
LED SL Capital-related Costs N/A $1.3
Miscellaneous 2.5% $15.9
Total Revenue 7.6%  $1,338.9
Revenue Requirement 0.0%  $1,338.9
Revenue Shortfall/Surplus $0.0
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10.4 Combined 2012 Revenue Increase Effect Reflective of all known Rate Changes

At the time of preparing this Application, early in the fiscal year, NS Power did not make
a projection of the FAM AA effect. However, ENSC’s proposed 2012 DSM budget is
known, as is the estimate of the 2012 FAM BA amount. All of the rider amounts will be
approved for recovery by the Board in separate FAM and DSM processes to be held in
the fall of 2011. The combined effect of the proposed rate changes in this GRA and the
FAM BA and DCRR rider amounts, as measured against the 2012 revenues priced at
present rates and adjusted for the 2011 rider effects of FAM AA/BA and DSM DCRR,
are presented in the following table.

Please note that Figures 10.7 and 10.8 do not show the same percent increases as they are

not compared to the same base revenue rates.
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Figure 10.8
Combined Revenue Effect of all Rate Changes in 2012
(as Measured Against 2012 Revenues at Present Rates Adjusted for FAM and DSM Rider Effects from 2011)
DCRR|DCRR BA| Combined
Rate Classes 2012 GRA |FAM 2012 AA|FAM 2012 BA| 2012 2012 effect in 2012
ATL
Residential 7.1% -1.2% 2.4% 0.5% 0.0% 8.8%
Small General 5.5% -1.1% 2.5% -0.2% 0.0% 6.7%
General Demand 6.1% -1.1% 3.0% -0.5% 0.0% 7.5%
Large General 7.0% -1.0% 3.6% -2.5% 0.0% 7.1%
Total Commercial 6.1% -1.1% 3.0% -0.7% 0.0% 7.4%
Small Industrial 7.2% -1.1% 3.1% 1.9% 0.0% 11.1%
Medium Industrial 7.1% -1.0% 3.4% 1.4% 0.0% 11.0%
Large Industrial 7.2% -1.0% 4.1% 0.4% 0.0% 10.7%
ELI 2PT - RTP 13.5% -1.3% 4.5% 0.0% 0.0% 16.6%
Total Industrial 10.0% -1.2% 4.1% 0.6% 0.0% 13.4%
Municipal 7.0% -1.2% 3.5% -0.2% 0.0% 9.1%
Unmetered 0.3% -0.5% 1.5% 0.2% 0.0% 1.6%
Total Other 3.2% -0.8% 2.4% 0.0% 0.0% 4.8%
Total ATL Classes 7.3% -1.1% 2.9% 0.1% 0.0% 9.2%
BTL
GRLF 0.0% 0.0% 0.0% 0.0% 0.0% 0.0%
Mersey Additional Energy 0.0% -1.4% 3.5% 0.1% 0.0% 2.2%
Bowater Mersey 0.0% 0.0% 0.0% 0.0% 0.0% 0.0%
Total BTL Classes 0.0% -0.6% 1.5% 0.0% 0.0% 0.9%
FAM classes 7.2% -1.1% 2.9% 0.1% 0.0% 9.2%
In Province Total 7.2% -1.1% 2.9% 0.1% 0.0% 9.1%
Export 0.0% 0.0% 0.0% 0.0% 0.0% 0.0%
Total Electric Sales 7.2% -1.1% 2.9% 0.1% 0.0% 9.1%
Misc Revenue 0.0% 0.0% 0.0% 0.0% 0.0% 2.5%
Grand Total 7.2% -1.1% 2.9% 0.1% 0.0% 9.1%

Page 154 of 161



© 00 N oo o B~ W N P

N DN R NN RNDND R R R B R R R R R e
N~ o 00 R W N RFP O © 0o N o o~ W N kO

REDACTED

NS Power 2012 General Rate Application DE-03 - DE-04

10.5

Detailed calculations behind the percentage increases above are provided in Appendix I.

Proposed Rates

Electric rates typically comprise:

. Demand charges ($/kVA or kW)
. Energy charges (cents/kWh)

. Customer charges ($/month)

From a pure rate design perspective, demand charges are generally intended to recover
the demand-related costs of providing electric service. The energy charge is intended to
recover the energy-related costs, and the customer charge is intended to recover the costs
associated with customer-related activity. Due to historical revisions to the rates
resulting from various regulatory proceedings, NS Power’s rate components are not

currently set purely in this fashion.

Consistent with the UARB’s decision regarding Generic Rate Design in 2003, NS
Power is not proposing to increase customer charges in this Application. In addition, NS
Power is not proposing changes to the interruptible and transformer ownership credits.
Only demand and energy charges are proposed to change. NS Power proposes to set the
energy charges for firm and interruptible services under the Large Industrial Rate at the
same level. The current separation of these charges came into effect in 2009 as a result of
a “temporary equalization adjustment” reached in the 2008 Settlement Agreement for the

purposes of setting rates in the 2009 GRA Proceeding only.

** NSPI 2003 Generic Rate Design, UARB Decision, NSUARB — NSPI - P-878, August 1, 2003, paragraph 128.
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The allocated revenue responsibilities by rate class, shown in Figure 10.7, form an input
into calculations of rate components presented in the “Proof of Revenue” included in the
standard filing sections of this Application. Figure 10.9 shows proposed rates

components by class and their changes against current values.

Figure 10.9
PROPOSED INCREASES BY RATE COMPONENT
RESIDENTIAL TARIFFS
Domestic Service Rate units  Current Rate Proposed Rate % change
Customer Charge $/mo 10.830 10.830 0.0%
Energy Charge ¢/kWh 11.798 12.787 8.4%

Domestic Service TOD Rate
Customer Charge $/mo 18.820 18.820 0.0%
December, January & Feb: energy charge

on-peak ¢/kWh 15.322 16.631 8.5%

shoulder ¢/kWh 11.798 12.787 8.4%

off-peak ¢/kWh 6.030 6.546 8.6%
Other months: energy charge

on-peak ¢/kKWh 11.798 12.787 8.4%

off-peak ¢/kWh 6.030 6.546 8.6%

COMMERCIAL TARIFFS

Small General Rate units  Current Rate Proposed Rate % change
Customer Charge $/mo 12.650 12.650 0.0%
Energy Charge, block 1 (first 200 kWhs) ¢/kWh 13.067 13.952 6.8%
Energy Charge, block 2 ¢/kWh 11.496 12.274 6.8%
General Rate

Demand Charge $kW 9.034 9.618 6.5%
Energy Charge, block 1 (first 200kWh * demand) ¢/kWh 9.646 10.270 6.5%
Energy Charge, block 2 ¢/kKWh 6.824 7.265 6.5%
Transformer Ownership Credit ¢/kKVA (32.000) (32.000) 0.0%
Large General Rate

Demand Charge (Ratcheted) $/KVA 11.000 11.827 7.5%
Energy Charge ¢/kWh 6.618 7.115 7.5%
Transformer Ownership Credit ¢/kVA (32.000) (32.000) 0.0%
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Figure 10.9 (continued)

INDUSTRIAL TARIFFS
Small Industrial Rate units  Current Rate Proposed Rate % change
Demand Charge $/KVA 6.442 6.928 7.5%
Energy Charge, block 1 (first 200 kWhs * demand) ¢/kKWh 8.426 9.061 7.5%
Energy Charge, block 2 ¢/kWh 6.436 6.921 7.5%
Transformer Ownership Credit ¢/kVA (32.000) (32.000) 0.0%
Medium Industrial Rate
Demand Charge $/kKVA 10.369 11.150 7.5%
Energy Charge ¢/kWh 6.006 6.459 7.5%
Transformer Ownership Credit ¢/KVA (32.000) (32.000) 0.0%
Large Industrial Rate
Demand Charge (Ratcheted) $/kVA 9.886 10.573 6.9%
Energy Charge to firm Customers ¢/kWh 6.067 6.432 6.0%
Energy Charge to interruptible customers 5.996 6.432 7.3%
Transformer Ownership Credit ¢/kVA (32.000) (32.000) 0.0%
Interruptible Credit $/kVA (3.430) (3.430) 0.0%
Extra Large Industrial Rate
Customer Charge $/mo 20,700.000 20,700.000 0.0%
Demand Charge (Ratcheted) $/kVA - - NA
Energy Charge ¢/kWh 6.228 7.109 14.1%
Interruptible Credit $/kVA - - NA
MUNICIPAL TARIFFS
Municipal Rate units  Current Rate Proposed Rate % change
Demand Charge (Ratcheted) $/kVA 10.256 11.026 7.5%
Energy Charge ¢/kKWh 6.213 6.680 7.5%
Transformer Ownership Credit $/KVA (32.000) (32.000) 0.0%
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11.0 MISCELLANEOUS CHARGES

Nova Scotia Power provides a variety of services to customers. Section 7 (Schedule of
Charges) of the Board-approved Regulations sets out the charges for these services.*®* NS
Power reviews these charges from time to time in light of changes in service delivery,

cost structure, and technological advances.

Nova Scotia Power seeks to apply the average general rate of increase for Above-the-
Line rates to Miscellaneous Charges. The Board approved this approach in the 2006 Rate

Case.”’

In any case where applying the average general rate increase results in a charge greater
than the cost of delivering the service, we cap the charge at the estimated actual cost. A
number of changes are proposed to charges associated with Regulation 7.3 and are

described in Appendix J.

Miscellaneous revenue is forecasted to increase $1.4 million. As shown in PR-02, the
application of the average general rate of increase for Above-the-Line rates to

Miscellaneous Charges brings the rates closer to the costs of providing the service.

Nova Scotia Power requests UARB approval of these changes to miscellaneous charges
as presented in PR-02 and PR-03.

*® NSPI Tariffs & Regulations (UARB Approved), January 1, 2011, Retrieved on May 3, 2011 from
http://www.nspower.ca/en/home/aboutnspi/ratesandrequlations/nsuarbsapprovedregulations.aspx
*" NSPI 2006 Rate Case, UARB Decision, NSUARB — NSPI — P-882, March 10, 2006, paragraph 610.
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12.0 A FINAL WORD

Electricity plays a crucial role in the livelihoods and lifestyles of Nova Scotians. It forms
an intrinsic part of our way of life in the 21% Century. An application to increase the
price of electricity is a matter of interest to every business and household in the province.
We understand this, and we recognize our obligation to produce and deliver electricity
safely, reliably, and efficiently—while managing the cost of doing so.

This Application takes place at a time of profound change in the way we produce
electricity. Governments have mandated a transition to new, local, more renewable
sources of electricity. They have done so for sound policy reasons that NS Power
supports: to reduce the environmental impact of coal-based generation; to lessen our
vulnerability to volatile world energy markets; to replace foreign fuel purchases with
local economic activity and employment; and to preserve and enhance Nova Scotia’s

treasured environmental heritage.

Making such a profound change is a complex and difficult business. It requires an
orderly, carefully planned transition from legacy solid-fuel plants to new renewable
generation. We can’t simply scrap one system and replace it overnight with the new.

Even with the addition of new renewable energy sources, much of our electricity will
continue to come from plants that use coal and petcoke. They require necessary and
appropriate systems to meet new limits on emissions of mercury, mercury, sulphur
dioxide, and nitrogen oxide. Coal clean enough to meet these standards is harder to find

and more expensive.

World fuel prices, meanwhile, remain volatile, and that volatility follows a relentless

upward course. In the last three months alone, solid-fuel prices have risen by 30 percent.
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This upward trend is proof that Nova Scotia’s environmental leadership is not just the
right policy, but the smart one. If we did not begin an orderly transition from imported,
carbon-based fuels to local, cleaner, more renewable generation, we would leave
ourselves and our children vulnerable to spiralling world energy prices over which we

have neither control nor influence.

We believe our customers are buying a better product today than they bought three years
ago. They are buying electricity that is cleaner and more sustainable. It will become
even cleaner and more reliable in the years ahead.

With this Application, Nova Scotia Power seeks an order, effective January 1, 2012,

approving:

a) The 2012 revenue requirement set out in this Application to enable Nova
Scotia Power to recover the reasonable costs of providing service to
customers and to meet its financial obligations, including provision for a
just and reasonable return; and, as a consequence, the rates, charges and

regulations requested in this Application.

b) A change in the Extra-Large Industrial Two-Part Real-Time Pricing tariff
described in this Application.

C) Adjustments to the rates, charges, or regulations as needed to reflect
decisions and directives in Nova Scotia Power-related proceedings, or as

the UARB may determine in response to this Application.
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d) An increase on the return on common equity from the current 9.35 percent
to 9.6 percent, with a corresponding adjustment to the range of return.

e) NS Power’s portion of the Point Tupper Wind Farm OM&G, financing,
and depreciation costs, currently recovered through the Fuel Adjustment
Mechanism, be recovered through the fixed rate component NS Power’s

rates, in the traditional manner.

We look forward to rigorous examination and robust discussion of the facts and
arguments underpinning these requests. We have done our best to present the case with
clarity that will help every interested Nova Scotian understand what’s at stake and the

reasons for our position, while meeting the requirements of this Board’s oversight role.
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Nova Scotia Renewable Energy Supply

2011 2013 2015 2020 Source Energy

NS Electricity Sales Forecast (GWh) (Note 1) 11,603 11,558 11,328 10,635

RES Requirement (%) (Note 2) 5% 10% 25% 40%

Renewable Energy Requirement (GWh) (Note 3) 580 1,156 2,832 4,254

Pre 2001 Renewable Energy (GWh)
NSPI Hydro 970 970 NSPI Hydro
IPP Hydro (Morgan Falls, Black River) 4 4 IPP Hydro
IPP Biomass (Brooklyn Energy, Taylor Lumber) 157 157 IPP Biomass
Total Pre 2001 Renewable Energy 1,131 1,131

Post 2001 Renewable Energy - Committed (GWh)
NSPI Wind (Existing, Nutthy, Digby) (Note 4) 261 261 261  NSPI Wind
Port Hawkesbury Biomass Project 388 388 388 NSPI Biomass
FPL Energy Pubnico 88 88 88 88 IPP Wind
Confederation Power Inc. 55 57 57 57 IPP Wind
Halifax Renewable Energy Corp. 9 9 9 9 IPP Biogas
RESL 64 64 64 64 IPP Wind
Shear Wind 145 169 169 169 IPP Wind
RMS Energy 165 165 165 165 IPP Wind
Maryvale 16 16 16 16 IPP Wind
IPPs Distribution connected (December 19, 2008 RFP) 125 125 125 IPP Various
Total Post 2001 Renewable Energy - Committed 542 1,342 1,342 1,342

Total Renewable Energy Supply (GWh) 542 1,342 2,473 2,473

Surplus / (Shortfall) (GWh) (Note 5) (38) 186 (359) (1,781)

Options for 2015 and beyond Renewable Energy Supply
Co-generation Large Scale Biomass (GWh) 170 170 IPP Biomass
IPP and NSPI Large Scale Wind Projects (GWh) 600 600-1,500 IPP/NSPI Wind
NSPI Co-firing (GWh) 150  150-300 NSPI Biomass
Import Power - eg. Lower Churchill Muskrat Falls (GWh) 1,000-2,000  Import Hydro
Community based Feed-in-Tariff (COMFIT) (GWh) 50-300 50-600 COMFIT  Various
New NSPI Small Hydro (GWh) 0-10 0-10  NSPI Hydro
Bay of Fundy Tidal (GWh) 0-10 0-300  Various Hydro

Notes:
1) NSPI 2011 Base Cost of Fuel FAM Forecast, August 16, 2010; NSPI 10 Year Energy and Demand Forecast, April 30, 2010.
2) RES for 2011 and 2013 are based on renewable energy sources post 2001; 2020 figure is a target only
3) Renewable energy requirement excludes any planning contingency for margin of safety with resource uncertainties
4) NSPI renewable energy not eligible for 2011 RES
5) In the event of a shortfall in 2011, additional renewable energy will be supplied with RES qualified import power
Prepared February 2011
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INTRODUCTION

The Canadian Electricity Association (CEA) was founded in 1891 and is the voice of the
Canadian electricity industry, promoting electricity as the critical enabler of the economy
and Canadians’ expectations for an enhanced quality of life. A safe, secure, reliable,
sustainable and competitively priced supply of electricity is essential to Canada’s
prosperity. This 2009 Generation Equipment Status Reports contains information that
feeds directly into the “reliable” portion of CEA’s Mission.

Scope:

This annual report on Generating Unit performance in Canada includes statistics for
commercial generating units in Canada of the following specifications:

Combustion Turbine units with a Maximum Continuous Rating (MCR) > 1 MW
Fossil units with MCR > 60 MW

Hydro units with MCR > 5§ MW

Nuclear units with MCR > 200 MW

Fossil units including Coal, Oil and Natural Gas

Use of Information:
Information from this report can be used by utility companies to

benchmark Generating Unit performance

make decisions regarding new Generating Unit Construction
make decisions regarding existing Unit upgrades

focus resources for maintenance programs and system planning

The goal of using the information is to maximize Generating Unit performance within a
company’s financial and logistical constraints.

Contributors:

The publication of this report would not be possible without the data contribution of
member utilities. These members include:

Canadian Electricity Association 1
ERIS — Generation Equipment Status Report 2009
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ATCO Power

BC Hydro

Churchill Falls (Labrador Corp)
EPCOR

FortisBC

Manitoba Hydro

New Brunswick Power
Newfoundland & Labrador Hydro
Nova Scotia Power

Ontario Power Generation
RioTinto Alcan

SaskPower

TransAlta Utilities Corporation

History:

In 1975, the CEA adopted a proposal to create a system for the centralized collection,
processing and reporting of reliability and outage statistics for electrical generation,
transmission and distribution equipment. To coordinate the development of this
system, CEA constituted the Consultative Committee on Outage Statistics (CCOS). In
2007, after many distinguished years of service, Dr. Roy Billinton stepped down as the
Chair of this committee. Through the work for Dr. Billinton and the CCOS committee,
statistics have been generated for the electricity systems that have been adopted world-
wide. The current chair of the Generation — CCOS program is Joe Renna of Ontario
Power Generation. The mission and vision of CCOS are as follows:

Mission:

Provide a comprehensive database of component and system reliability and
performance data which will assist member utilities in the optimal utilitization of
corporate and financial resources.

Vision:

To be recognized as a world-class reliability database which meets the needs
of its member utilities.

Canadian Electricity Association 2
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DATABASE OVERVIEW

CEA has been collecting performance data for Canadian generating units from
participating utilities since 1978. This database of information is used to produce this
annual report. There is a wealth of information stored in the database including:

e Performance data on over 1000 generating units

e Details of over 7000 equipment components

e Fuel types including hydro, fossil, combustion turbine, internal combustion and
nuclear

¢ Details about individual generating units including manufacturers, Maximum
Continuous Ratings (MCRs), ages

¢ Design information including speeds, ratings, temperatures, insulation types,
pressures, capacities, diameters

e Component information for fans, pumps, condensers, boilers, generators, turbine
reactors

Participating utilities monitor every change in state including:

Normal operation

derated states — including forced and scheduled
outage states — including forced and scheduled
available but not operating

More details about the states monitored can be found in section 4, Definition of Terms,
Table of State and Time Codes.

The collection of this data follows a common set of definitions that has been accepted
as the global industry standard for over 20 years. This data is reported to CEA annually
and CEA follows a rigorous validation process for monitoring data quality to ensure that
this report is of a high standard.

To date the database contains over 5,000,000 events.

The Weighted Capability Factor, by generating unit type, for 2009 and for the period
of 2005-2009 Is as follow:

Hydro Fossil Nuclear Combustion
2009 91.51 71.21 62.59 88.27
2004-2009 91.37 79.32 72.96 88.62
Canadian Electricity Association 3
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The tables in this section list the generating units of each type which experienced the
lowest Incapability Factors (ICbF) and the highest Operating Factors in the 2009
calendar year.

Table 1 A — Hydro Units by ICbF with Operating Time more than 4000 hrs

Ranking Plant Name Unit # Operated By ICBF(%)
1 Pointe du Bois 5 Manitoba Hydro 0.00
2 Island Falls 7 SaskPower 0.02
3 McArthur Falls 7 Manitoba Hydro 0.03
4 Corralinn 3 Fortis BC (Aquila Networks) 0.03
5 Wellington 2 SaskPower 0.03
6 Long Spruce 5 Manitoba Hydro 0.04
7 Lower 1 Fortis BC (Aquila Networks) 0.04
Bonnington

8 Wellington 1 SaskPower 0.04
Lower 3 Fortis BC (Aquila Networks) 0.06
Bonnington

10 E. B. Campbell 6 SaskPower 0.07

Table 1 B — Hydro Units by Operating Factor with Operating Time more than 4000

hrs
Ranking Plant Name Unit # Operated By Op Fact (%)
1 Pine Falls 3 Manitoba Hydro 100.00
2 Charlot River 1 SaskPower 100.00
3 McArthur Falls 7 Manitoba Hydro 99.89
4 Pointe du Bois 5 Manitoba Hydro 99.89
5 Pine Falls 6 Manitoba Hydro 99.88
6 Kelsey 4 Manitoba Hydro 99.88
7 Charlot River 2 SaskPower 99.84
8 Seven Sisters 1 Manitoba Hydro 99.77
9 Coteau Creek 1 SaskPower 99.75
10 Pointe du Bois 6 Manitoba Hydro 99.75
Canadian Electricity Association 4
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Ranking Plant Name Unit # Operated By ICBF(%)
1 Coleson Cove 1 New Brunswick Power 0.63
2 Brandon 5 Manitoba Hydro 1.73
3 Genesee 2 EPCOR 2.67
4 Sheerness 1 ATCO Power 2.74
5 Lingan 1 Nova Scotia Power Inc. 3.67
6 Burrard 3 BC Hydro Corporation 3.95
7 Burrard 2 BC Hydro Corporation 3.99
8 Battle River 5 ATCO Power 4.19
9 Belledune 2 New Brunswick Power 4.29
10 Boundary Dam 6 SaskPower 8.21

Table 2 B — Fossil Units by Operating Factor with Operating Time more than 4000

hrs
Ranking Plant Name Unit # Operated By Op Fact (%)
1 Sheerness 1 ATCO Power 97.76
2 Boundary Dam 6 SaskPower 95.90
3 Belledune 2 New Brunswick Power 95.73
4 Genesee 2 EPCOR 94.91
5 Lingan 1 Nova Scotia Power Inc. 94.21
6 Battle River 5 ATCO Power 91.34
7 Genesee EPCOR 90.76
8 Point Tupper 2 Nova Scotia Power Inc. 90.37
9 Boundary Dam 4 SaskPower 90.07
10 Sheerness 2 ATCO Power 89.75
Canadian Electricity Association 5
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Table 3A — Combustion Turbine Units by ICbF with Operating Time more than
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100 hrs
Ranking Plant Name Unit # Operated By ICBF (%)
1 Tusket 1 Nova Scotia Power Inc. 0.00
2 Victoria Junction 1 Nova Scotia Power Inc. 0.10
3 Ermine 1 SaskPower 0.49
4 Grand Manan 3 New Brunswick Power 0.61
5 Victoria Junction 2 Nova Scotia Power Inc. 0.68

Table 3B — Combustion Turbine Units by Operating Factor with Operating Time

more than 100 hrs

Ranking Plant Name Unit # Operated By Op Fact (%)
1 Fort Nelson Gas 1 BC Hydro Corporation 89.95
2 Tufts Cove 5 Nova Scotia Power Inc. 64.57
3 Tufts Cove 4 Nova Scotia Power Inc. 47.14
4 Landis 1 SaskPower 1117
5 Meadow Lake 1 SaskPower 10.01

Table 4A — Nuclear Units by ICbF with Operating Time more than 100 hrs

Ranking Plant Name Unit # Operated By ICBF (%)
1 Pickering NGS-B 7 Ontario Power Generation 5.40
2 Pickering NGS-B 8 Ontario Power Generation 7.44
3 Pickering NGS-A 1 Ontario Power Generation 7.52
4 Darlington 1 Ontario Power Generation 9.01
5 Darlington 4 Ontario Power Generation 10.26

Table 4B — Nuclear Units by Operating Factor with Operating Time more than 100

hrs

Ranking Plant Name Unit # Operated By Op Fact (%)

1 Pickering NGS-B 7 Ontario Power Generation 92.37

2 Pickering NGS-B 8 Ontario Power Generation 85.33

3 Pickering NGS-A 1 Ontario Power Generation 77.84

4 Pickering NGS-B 6 Ontario Power Generation 74.56

5 Darlington 2 Ontario Power Generation 68.92
Canadian Electricity Association 6
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Definition of terms

Generating Unit: all equipment up to the high voltage terminals
of the generator transformer and the station service
transformers.

Maximum Continuous Rating (MCR): the gross maximum
electrical output (in megawatts) which a generating unit has
been designed for and/or shown by acceptance test to be
capable of producing continuously.

The definitions of outages, deratings, states and times are
reproduced here from the Instruction Manual on Generation
Equipment Status.

4.1 Definition of Qutages and Deratings

Forced Outage: the occurrence of a component failure or
other condition which requires that the generating unit be
removed from service immediately or up to and including the
very next weekend.

There are 4 types of Forced Outages:

1.Sudden Forced Outage: the occurrence of a
component failure or other condition which results in the

unit being automatically or manually tripped.

2. Immediately Deferrable Forced Outage: the
occurrence of a component failure or other condition which
requires that the unit be removed from service within 10
minutes.

3. Deferrable Forced Outage: the occurrence of a
component failure or other condition which requires that the
unit be removed from service from 10 minutes up to and
including the very next weekend.

4. Starting-Failure Outage: the unsuccessful attempt to
bring a unit from a shutdown to synchronized or from
synch-condensed or spin no load to generate with the
electric system within a specified time interval. (The specified
time interval may be different forindividual units and should
allow a reasonable time for the unit to pick up load.) This
definition is most commonly associated with stand-by and
peak units. Note: repeated failures to start for the same cause
without accomplishing corrective repairs are counted as one
failure and the repeated attempts at starting are counted as a
single attempt.

Maintenance Outage: the removal of a generating unit from
service to perform work on specific components which could
have been postponed past the very next weekend. This is work
done to prevent a potential forced outage and which could not
be postponed from season to season.

Canadian Electricity Association
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Planned Outage: the removal of a generating unit from service
for inspection and/or general overhaul of one or more major
equipment groups. This work is usually scheduled well in
advance (e.g. annual boiler overhaul, five-year turbine overhaul).

Forced Derating: a reduction (below MCR) of generating unit
capacity in excess of 2% of its MCR resulting from a
component failure or other condition which requires that the
generating unit be derated at once or as soon as possible up to
and including the very next weekend.

Scheduled Derating: a reduction (below MCR) of generating
unit capacity in excess of 2% of its MCR resulting from a
planned or maintenance outage of a piece of equipment.

4.2 Definition of States, (State Codes)

Operating State, (11): the generating unit is spinning
and/or synchronized with the system and is capable of operating
at MCR under normal operating procedures.

Operating under a Forced Derating, (12): the
generating unit is spinning and/or synchronized with the
system but not capable of carrying its MCR due to a forced
derating being in effect.

Operating under a Scheduled Derating, (13): the
generating unit is synchronized with the system but not
capable of carrying its MCR due to a scheduled derating being
in effect.

Available But Not Operating State, (14): the
generating unit can carry its MCR but is not being operated to
supply system load.

Available But Not Operating — Forced Derating State,
(15): the generating unit can deliver only part of its MCR due to
a forced derating but is not being operated to supply system
load.

Available But Not Operating — Scheduled Derating
State, (16): the generating unit can deliver only part of its MCR
due to a scheduled derating but it is not being operated to supply
system load.

Forced Outage State, (21): the generating unit has a forced
outage which requires that it be removed from service.



Forced Extension of a Maintenance Outage State,
(22): the generating unit has an outage resulting from a
condition discovered during a maintenance outage which
has forced the extension of the maintenance outage.

Forced Extension of a Planned Outage State, (23):
the generating unit has an outage resulting from a condition
discovered during a planned outage which has forced the
extension of the planned outage.

Maintenance Outage State, (24): the generating unit has
a maintenance outage which requires that it be removed from
service.

Planned Outage State, (25): the generating unit has a
planned outage which requires that it be removed from service.

Not in Commercial Service State, (30): the generating
unit is decommissioned, mothballed, or on a prolonged outage
to make modifications that will alter its performance beyond the
original design and/or provide life extension through
rehabilitation. The type codes associated with this state are:

1 - Decommissioned

2 - Mothballed

3 - Refurbishment

4 - Deferred

Operating as a Synchronous Condenser/Spin No-
Load: The above state codes can also be used to identify the
various modes of synchronous condenser or spin no-load
(spinning reserve at 0 MW) operation as follows:

STATE OF THE TURBINE STATE CODE OF

THE UNIT
Spin No-Load De-Coupled (Hydro 11,12,13
units only)
Synchronous Condenser 11,12,13
Coupled
Unbolted or declutched but available 14,15, 16

Unbolted or declutched but not
available

21,22,23,24, 25

4.3 Definition of Times

O: the number of hours the generating unit was in the
Operating State during the period.

O(FD): the number of hours the generating unit was operating
under a Forced Derating during the period.

Canadian Electricity Association
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O (SD): the number of hours the generating unit was operating
under a Scheduled Derating during the period.

ABNO: the number of hours the generating unit was in the
Available But Not Operating State.

ABNO(FD): the number of hours the generating unit
was in the Available But Not Operating - Forced
Derating State.

ABNO (SD): the number of hours the generating
unit was in the Available But Not Operating -
Scheduled Derating State.

FO: the number of hours the generating unit was in a
Forced Outage State.

FEMO: the number of hours the generating unit was in a
Forced Extension of a Maintenance Outage State.

FEPO: the number of hours the generating unit was in a
Forced Extension of a Planned Outage State.

MO: the number of hours the generating unit was in the
Maintenance Outage State.

PO: the number of hours the generating unit was in the
Planned Outage State.

Table of State and Time Codes
(Summary of Section 4.2 and 4.3)

States State Duration
Codes (Hours)
Available States

Operating 11 0
Operating under a Forced Derating 12 O(FD)
Operating under a Scheduled 13 O(SD)
Derating

Available But Not Operating 14 ABNO
Available But Not Operating - Forced 15 ABNO(FD)
Derating

Available But Not Operating - 16 ABNO(SD)

Scheduled Derating
Not-Available States:

Forced Outage 21 FO
Forced Extension of Maintenance 22 FEMO
Outage
Forced Extension of Planned Outage 23 FEPO
Maintenance Outage 24 MO
Planned Outage 25 PO
No-in-Commercial Service 30 NICS
8



The Concept of Adjusted Time:

To take into account the derated levels of a generating unit, the
operating time at these levels is transformed into an equivalent
outage time. Thus, the time of X% of MCR, called O(FD) x, is
converted to an equivalent outage time, called O(FD)adj according
to the transformation.

O(FD)adj :Eoo - x} O(FD)x
100

For example, if a generating unit is derated to 80 percent of its
MCR for 5 hours, that would be equivalent to a full outage of the
generating unit for 1 hour. O(SD), ABNO(FD) and ABNO(SD) are
treated in the same manner.

4.4 Definition of Headings Used on the Tables of
Sections 5 and 6

4.4.1 Column Headings

UNIT YEARS (A): the number of Unit Hours divided by
8760. The number of Unit Hours is the sum of the durations of all
states (i.e. O + O(FD) + O(SD) + ABNO + ABNO(FD)

+ ABNO(SD) + FO + FEMO + FEPO + MO + PO) of the
generating units being considered.

ABNOF (%): the Available But Not Operating Factor. It is
calculated by dividing ABNO + ABNO(FD) + ABNO(SD) by
Unit Hours times 100.

OP FACTOR (%): Operating Factor. It is calculated by
dividing the Total Operating Time by Unit Hours times 100.
Total Operating Time means the sum of O + O(FD) +
O(SD).

NO. OF FORCED OUTAGES: the number of occurrences
of State Codes 21, 22 and 23.

TOTAL F.O.T. (A): Total Forced Outage Time expressed in
years. Itis FO + FEMO + FEPO divided by 8760.

MAXIMUM F.O.D. (H): the longest single residence in
hours of one of the forced outage states 21, 22 and 23 in the
study period.

TOTAL EQ. OUT. TIME (A): the Total Equivalent Outage
Time expressed in years. It is the Total Forced Outage Time plus
planned and maintenance outage times plus adjusted derated
times (i.e. FO + FEMO + FEPO + MO + PO + O(FD) adj + O(SD)
adj + ABNO(FD) adj + ABNO(SD) adj all divided by 8760). This
equivalent time is used when calculating ICbF.
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ICbF (%): the Incapability Factor. It is the ratio of
Total Equivalent Outage Time, in hours, to number of
Unit Hours times 100.

CbF (%) is the complement of the Incapability Factor. It is
calculated by subtracting ICbF from 100. This index is not listed in
the report tables.

WEIGHTED CAPABILITY FACTOR (%) is the Capability
Factor of a unit weighted by its MCR

Weighted Capability Factor = 1- weighted ICbF

=1- ¥ICbF*MCR
ZMCR

FAIL RATE: the Failure Rate. It is the rate at which
a generating unit encounters a forced outage. It is
computed by dividing the Number of Transitions from
an Operating State (11, 12 and 13) to a Forced
Outage (21) by the Total Operating Time times 8760.

MEAN F.O.D. (H): the mean duration of a forced outage. It
is computed by dividing the Total Forced Outage Time by the
Number of Forced Outages.

FOR (%): the Forced Outage Rate. Itis the ratio
of Total Forced Outage Time to Total Forced
Outage Time plus Total Operating Time times 100.

FOR = FO + FEMO + FEPO X100
FO+FEMO+FEPO+0O+0O(FD)+0O(SD)

Cautionary Note: The Forced Outage Rate obtained by the

above equation is not equal to Lambda over Lambda + Mu (I/l+m)
where Lambda (1) is the Fail Rate and Mu (m) is the reciprocal of
Mean F.O.D.

DAFOR (%): the Derated Adjusted Forced Outage Rate. It is the
ratio of Equivalent Forced Outage Time (i.e. FO + FEMO + FEPO
+ O(FD) adj + ABNO(FD) adj) to Equivalent Forced Outage Time
plus Total Equivalent Operating Time (i.e. O + O(SD) + (O(FD) -
O(FD)adj)). This can be written as follows:

DAFOR = FO+FEMO+FEPO+O(FD)adj+ABNO(FD)adj X100
FO+FEMO+FEPO+ABNO(FD)adj+O+O(FD)+O(SD)

MOF (%): the Maintenance Outage Factor. It is computed by
dividing the number of maintenance outage hours by the number of
Unit Hours times 100.



POF (%): the Planned Outage Factor. Itis computed by dividing
the number of planned outage hours by the number of Unit Hours
times 100.

SYN. CD. FACTOR (%): the Synchronous Condenser
Factor. It is the total hours spent as a synchronous condenser
divided by the number of Unit Hours times 100.

SR: the Starting Reliability. It gives the ratio of successful
starts to start attempts.

SR = Total Attempted Start — Total Start Failures
Total Attempted Starts

Total Start
Failures= Total number of occurences of State 21 type 4

Total Attempted

Starts = Total Start Failures plus the number of transitions to
states 11, 12 and 13 from any of the remaining states plus the
number of transitions into a synchronous condenser mode from
a not operating state.

UFOP (%): the Utilization Forced Outage Probability. It is the
probability that a generating unit will not be available when
required.

UFOP = f(FO + FEMO + FEPO)

f(FO + FEMO + FEPO) + O + O(SD) + O(FD)

Where f = Demand Factor

s/ 54

Where r = Average Forced Outage Time (see above)
D = average in-service time per occasion of demand

= 0 + O(FD) + O(SD)

SR x Total Attempted Starts

T = average reserve shutdown time between periods of need,
exclusive of periods for maintenance or other planned
unavailability.

D+ T= O+O(FD)+O(SD)+ABNO+ABNO(FD) + ABNO(SD)
Total Attempted Starts

DAUFOP (%): the Derated Adjusted Utilization Forced
Outage Probability. It is the probability that a generating

Canadian Electricity Association
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Unit will not be available when required (derating included).
It can be calculated as follows:

f (FO + FEMO + FEPO) + O(FD)ad]

DAUFOP =
f (FO + FEMO + FEPO) + O + O(FD) O(SD)

4.4.2 Row Headings

The row headings indicate the data for which the statistics in
that row have been calculated.

YEARS O UNIT: all year zero data for a particular generating
unit type over the specified time interval. For example, in the
combined 1998-02 report, this row would have the 2002 data for
the generating units commissioned in 2002 and the 2001 data for
the generating units commissioned in 2001 and so on.

EXCL YR O0: all data for a particular generating unit type minus
the year 0 data.

ALL UNITS: the data for all generating units of a particular
type.

CLASSIFICATION BY MCR (MW): the data for all
generating units whose MCR's fall within the indicated range.

CLASSIFICATION BY YEAR OF SERVICE: the data for
all generating units in the indicated year or years of service. For
example, a generating unit that was commissioned in 1994 would
have its 1994 data grouped in the "0" row and its 1995 data in the
"1st" row.

CLASSIFICATION BY OPERATING FACTOR: the
data for all generating units with operating factors in the indicated
ranges over the specified time interval.

4.5 Calculation of Cumulative Normalized Unit
Years

Cumulative Normalized Unit Years is plotted on one of the graphs
in Section 5-1 of this report. The information to produce the figure
was taken from the Classification By Operating Factor sections of
Tables 6.1.1, 6.2.1, 6.3.1 and 6.4.1. The calculation of the
Cumulative Normalized Unit Years corresponding to the Operating
Factor of 50% for combustion turbine units is given below to
illustrate the method of calculation. Referring to Table 6.3.1, the
sum of the unit years with operating factor equal to or less than
50% is 34 unit years. As the total for all units is 36.0 unit years,
the percentage of unit years with operating factor equal to or less
than 50% is (34/36) x 100 or 94.4% as is plotted on the graph.

10
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5.0

All Unit Types
Summary Statistics
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ALL CANADA Summary Table 5.1

External Causes Excluded, 2009 Data

Unit ABNOF OoP OoP No. Total Maximum Mean FOR DAFOR Total EQ. ICBF Fail Attempted Successful MOF POF
years (%) Time Factor Forced F.O.T. F.O.D. F.OD. (%) (%) Out. Time (%) Rate Starts Starts (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Combustion Turbine Unit
Year 0 Units 02 9297 0.0 6.42 5 0.0 4.70 1.81 864 8.64 0.0 0.61 0 34 29 0.00 0.00
Exc. Year O 291 8233 25 8.59 130 0.6 1108.95 37.29 18.07 37.02 34 1177 23.97 1288 1273 5.24 1.69
All Units 29.2 82.39 25 8.58 135 0.6 1108.95 35.98 18.03 36.93 3.4 11.70 23.86 1322 1302 5.21 1.68

Fossil Generating Unit

Year 0 Units 0.0 0.00 0.0 0.00 0 0.0 0.00 0.00 0.00 0.00 0.0 0.00 0 0 0 0.00 0.00
Exc. Year 0 723  22.09 39.3  50.32 538 43 285015 69.31 8.84 17.11 20.8 26.67 9.36 1650 1643 3.17 11.63
All Units 72.3 22.09 39.3 50.32 538 4.3 2850.15 69.31 8.84 17.11 20.8 26.67 9.36 1650 1643 3.17 11.63

Hydro Generating Unit

Year 0 Units 09 3466 02 2874 2 00 13618 9842 823 823 03 3641 804 61 61 6.96 26.86
Exc. Year O 4488 1188 3566 77.14 1072 64 724667 5260 177  1.88 379 819 199 40878 40813 1.06 563
All Units 449.7 11.92 3568 77.05 1074 6.5 7246.67 52.69 1.77 1.88 38.2 824 200 40939 40874 1.07  5.67

Nuclear Generating Unit

Year 0 Units 00  0.00 0.0 0.00 0 00 0.00 0.00 0.00 0.00 0.0 0.00 0 0 0 0.00 0.00
Exc. Year 0 104 0.00 6.8 56.70 19 06  779.87 287.38 6.94 965 39 3255 167 20 20 000 2511
All Units 10.4  0.00 6.8 56.70 19 0.6 779.87 287.38 6.94 9.65 3.9 3255 1.67 20 20 0.00 25.11
TOTAL NUMBER OF COMBUSTION GENERATING UNITS: 31.00

TOTAL NUMBER OF FOSSIL GENERATING UNITS: 77.00

TOTAL NUMBER OF HYDRO UNITS: 462.00

TOTAL NUMBER OF NUCLEAR GENERATING UNITS: 13.00
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ALL CANADA Summary Table 5.1

External Causes Excluded, 2009 Data
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Table 5.1

External Causes Excluded, 2009 Data
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ALL CANADA Summary Table 5.2

External Causes Excluded, 2005 to 2009 Data

Unit ABNOF OoP OoP No. Total Maximum Mean FOR DAFOR Total EQ. ICBF Fail Attempted Successful MOF POF
years (%) Time  Factor  Forced F.O.T. F.O.D. F.OD. (%) (%) Out. Time (%) Rate Starts Starts (%) (%)
(A) (%) (%) Outages (A) (H) (H) (A)
Combustion Turbine Unit
Year 0 Units 2.2 34.64 1.3 60.14 43 0.0 107.95 718 264 3.48 0.1 5.64 17.70 541 535 0.56 291
Exc. Year O 164.5 80.99 15.4 9.34 639 57 8016.01 77.51 26.78  36.07 19.1 11.56 16.85 7259 7154 218 3.7
All Units 166.6 80.39 16.7 10.00 682 5.7 8016.01 73.07 25.34 34.35 19.2 11.49 16.92 7800 7689 2.15 3.70

Fossil Generating Unit

Year 0 Units 0.0 0.00 0.0 0.00 0 0.0 0.00 0.00 0.00 0.00 0.0 0.00 0 0 0 0.00 0.00
Exc. Year 0 384.7 2115 2328 58.06 2994 18.9 3688.95 55.28 7.10 11.15 80.1 19.98 9.77 8436 8402 258 9.41
All Units 384.7 21.15 232.8 58.06 2994 18.9 3688.95 55.28 7.10 11.15 80.1 19.98 9.77 8435 8401 2.58 9.41

Hydro Generating Unit

Year 0 Units 47 10.19 3.3 7111 19 0.1 162.30 2585 1.65 1.65 0.9 1841  3.60 294 287 1.35 15.86
Exc. Year 0 2816.5 12.82 22023 75.54 8082 51.3 8783.98 55.65 2127 241 2443 8.38 2.30 219444 217894 0.73 5.76
All Units 2821.2 12.81 2205.7 75.53 8101 51.4 8783.98 55.58 2.27 2.41 245.2 8.40 2.31 219740 218183 0.73 5.78

Nuclear Generating Unit

Year 0 Units 0.0 0.00 0.0 0.00 0 00 000 000 000  0.00 0.0  0.00 0 0 0 000 0.00
Exc. Year 0 49.3 0.01 370 64.66 125 51 5700.87 36022 10.29  12.11 137 2390 214 125 124 0.00 1258
All Units 493  0.01 37.0 64.66 125 5.1 5700.87 360.22 10.29 12.11 13.7 23.90 2.14 125 124 0.00 12.58
TOTAL NUMBER OF COMBUSTION GENERATING UNITS 47.00

TOTAL NUMBER OF FOSSIL GENERATING UNITS: 94.00

TOTAL NUMBER OF HYDRO UNITS: 796.00

TOTAL NUMBER OF NUCLEAR GENERATING UNITS: 14.00
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ALL CANADA Summary Table 5.2

External Causes Excluded, 2005 - 2009 Data
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ALL CANADA Summary Table 5.2

External Causes Excluded, 2005 - 2009 Data
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Table 5.2

ALL CANADA Summary

External Causes Excluded, 2005 - 2009 Data
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ALL CANADA Summary Table 5.2

External Causes Excluded, 2005 - 2009 Data
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Generating
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6.1

Hydro
Summary
Statistics
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Hydro Units Table 6.1.1
External Causes Excluded, 2009 Data
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Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF  POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages (A (H) (H) (A)
Classification By MCR (MW)
5.23 1159 546 0.25  80.58 315 13 1663.98 3535 126  1.29 1.29 97 785 230 1.04 574
24-99 230.0  14.21 762 7647 561 2.9 4811.53 4454 156 173 1.70 177 755 200 1.01 5.17
100-199 57.8 1755 914  73.49 9% 0.1 516.20 1250 031 033 0.33 41 693 111 0.81 5.87
200-299 121 475 982 7435 22 05 2772.18 188.38 500  5.32 5.30 26 2111 1.34 445 1248
300-399 20 2298 0.00 6845 13 0.0 226.05 26.82 281  2.86 2.83 02 818 653 0.60 556
400-499 11.0 1407 1200  69.76 19 041 181.88 2596 073  1.07 1.04 1.8 1635 234 157 13.92
500 & OVER 80  16.72 0.00  66.11 21 1.0 7246.67 41534 1584 1584 1571 14 1747 3.21 0.89  3.83
Classification By Year Of Service
0 0.9 3466 000 28.74 2 00 136.18 9842 823  8.23 8.13 03 3641 804 6.96  26.86
1ST 27 1376 000 66.77 27 0.1 880.68 37.84 6.00  6.00 5.83 05 1921 14.25 512 9.82
2ND 30 27.84 000 69.42 3 00 284.38 9535 154  1.54 1.49 0.1 274 144 0.50 1.15
5TH 260 019 000 85.02 87 13 4406.60 13391 567  5.67 5.55 38 1472 253 034 926
6TH-10TH 58 1078 328 79.29 21 0.1 347.78 4583 226  2.26 2.23 04 713  3.36 317 213
11TH-15TH 965 597 040 80.96 233 05 814.92 1871 059  0.63 0.59 6.1 590 198 099 438
16TH-20TH 100  11.69 000 86.56 15 0.1 516.20 4118 081 081 0.81 02 170 127 036 064
21ST-25TH 9.0 956 2480 83.84 15 0.0 39.45 822 019  0.24 0.24 06 648 186 139 4585
26TH-30TH 20.0 19.93 1324  70.69 45 0.1 226.05 1439 052 055 0.54 1.9 935 219 075 821
31ST-35TH 130.5 1593  4.04  75.00 308 22 7246.67 6225 216 226 2.2 1.1 840 202 1.08 556
36TH-40TH 218 1316 508 76.78 43 02 673.98 4027 115 115 1.15 20 921 147 187 643
41ST-45TH 251 2282 1996  63.85 49 07 2772.18 13092 4.22 473 4.54 26 1009 151 132 557
46TH-50TH 275 911 1016  80.34 7% 04 1250.17 4237 160  1.81 1.79 25 880  2.08 114 617
51ST-55TH 443 1260 277 7877 92 03 365.27 31.21 091  0.93 0.92 32 704 132 077 553
56TH & OVER 26.8 954 1676  73.20 58 04 2066.90 57.06 174 232 2.3 29 1001 211 0.99  7.28
Classification By Operating Factor
0-10 3.3 3763 000 862 8 09 7246.67 990.52 7167 67.73  66.34 1.0 19.93  11.60 122 061
11-20 62  37.00 1.89  18.60 13 0.0 78.02 2124 275 593 3.92 18 2312  3.36 1.03  20.94
21-30 118 5156 494 2631 36 02 272.42 39.65 4.94 471 4.56 18 1415 561 130 11.54
31-40 211 4056 518  35.19 61 06 2041.58 80.79 777  6.27 6.07 3.0 1238  3.08 0.88  9.12
41-50 282 3505  6.13 4596 79 14 4811.53 16040 1165 11.02  10.87 49 1714 218 1.81 9.70
51-60 247 2004 551 56.54 79 08 2772.18 8527 560  4.97 4.87 52 2020  3.95 3.38  13.80
61-70 362 1179 777 66.42 116 0.7 2066.90 5587 3.93 292 2.91 65 17.11 252 133 13.65
71-80 460 1069 503 76.36 15 0.5 1663.98 3656 1.63 137 1.36 51 1089  2.34 112 8.68
81-90 909 772 499 8586 221 08 125017 33.01 1.36  1.12 1.10 49 535 182 126 3.2
91-100 181.3 118 6.02  96.38 346 05 578.10 1341 040  0.33 0.33 39 214 1.60 0.48 1.34
All Units 4497 11.92 563 77.05 1074 6.5 7,246.67 5269 1.77 1.88  1.87 38.2 824 2.00 1.07  5.67
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Hydro Units Table 6.1.2
External Causes Excluded, 2005 to 2009
ABNOF OP FACTOR ICBF
10 Planned
E Maintenan...
8 =3 Forced
6
X X X
4
2
0
@ ©w © ~ ©o O @ 0 ©O© N~ © O 59 6 8
0 0 5 7 9
Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF POF
years (%) Factor Factor ForcedF.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
5-23 6769  10.31 0.44  74.75 1942 185 8137.21 8332 329  3.36 3.35 614 848 250 0.86 5.01
24-99 1368.8  12.73 6.09  77.51 3734 15.9 5791.98 3724 143 163 1.60 1029 732 216 0.70 5.33
100-199 4329 1591 414 7356 1163 3.0 2229.63 2279 0.91 0.98 0.95 347 779  2.00 0.44 6.53
200-299 1028  16.17 6.92 67.35 404 23 7314.50 4959 319 342 3.39 16.8 1629 259 133 1257
300-399 539 2281 0.00 6564 359 0.4 371.33 10.89 124  1.25 1.24 62 1146 375 047  10.16
400-499 581  15.39 926 7123 16 05 1947.65 3891 120 158 1.53 74 1260 213 0.85 1059
500 & OVER 400 1287 0.00 7569 106 1.8 7246.67 14666 553 553 5.50 46 1143 310 1.12 5.88
Classification By Year Of Service
0 47 1019 0.00 7111 19 0.1 162.30 2585 1.65 165 1.64 09 1841 360 135  15.86
1ST 36.7 4.06 0.00 79.86 130 33 8759.98 22410 10.10  10.36 3.72 57 1543  3.89 1.47 476
2ND 361  16.77 046  65.63 102 44 6206.98 37720 1558 1559 1157 62 1717 3.1 0.76 4.28
3RD 29.4 7.30 039 7454 105 4.0 8759.98 33426 1544 1544 12 53 17.92  3.83 0.47 3.84
ATH 27.8 1.92 070  87.68 86 2.3 8783.98 23584 855 858 5.05 27 957 280 0.30 1.00
5TH 29.9 0.26 062 8274 129 24 7832.23 166.03 896  8.96 7.77 50 1673 359 0.35 8.22
6TH-10TH 172.8 6.07 013  77.24 565 5.3 8137.21 8173 345 356 2.72 148 782 299 1.33 3.62
11TH-15TH 5406  13.14 061  73.01 1524 7.1 5402.25 4083 165  1.70 1.55 422 729 222 0.69 5.33
16 TH-20TH 612  14.06 169  71.80 192 05 516.20 2069 098 098 0.95 62 976 222 0.42 8.63
21ST-25TH 1095  18.03 6.32 7254 402 05 394.21 1107 063 067 0.66 100 910 230 0.41 8.20
26TH-30TH 7593  13.16 397 7544 2343 6.9 2919.03 2588 1.16 1.24 1.1 652 830 253 0.53 6.76
31ST-35TH 3220 14.35 372 7720 740 6.0 7246.67 7084 233 245 1.94 255 788  1.86 0.88 5.04
36TH-40TH 1258  21.06 7.87  69.43 291 25 7314.50 76.30 280  3.00 2.54 115 906 175 1.14 5.77
A41ST-45TH 1006 17.46 1502  73.17 405 1.4 2772.18 2982 178 213 2 66 638 334 0.97 3.81
46TH-50TH 2074  13.76 495 7788 492 19 1848.21 3465 118 129 1.27 163  7.83 139 0.67 6.13
51ST-55TH 136.5 9.02 372 83.1 248 0.8 598.35 2806 0.68  0.81 0.78 87 625 123 0.72 4.84
56TH & OVER 120.7 880 1855 78.76 328 2.0 2336.75 5248 1.95 294 2.89 123 983 245 0.73 6.73
Classification By Operating Factor
0-10 9.0 1035 0.26 3.73 19 1.9 7832.23 862.61 83.20 8216  82.03 7.4 6857 37.04 028 51.05
11-20 386 3549 223 18.11 153 4.7 8783.98 27085 33.66 33.63  33.19 10.6 2015  7.06 068  10.32
21-30 838  51.16 296 2599 332 3.0 5402.25 79.86 1125 1154  11.14 131 1422 566 0.83  10.01
31-40 86.3  40.83 350 3625 347 24 2336.75 59.82 6.60  6.86 6.74 151 1630  3.49 130  12.33
41-50 841  29.75 573  46.51 334 36 8137.21 9411 7.9 7.85 7.73 13.7 1484 468 075  10.14
51-60 169.3  24.93 390 5627 744 4.4 7812.66 5215 414  4.06 4.00 189 1017 365 0.91 6.87
61-70 3891 1826 357  66.09 1425 10.4 7246.67 6379 373  3.90 3.80 470 1158  3.06 0.89 7.99
71-80 469.8  11.38 321  76.06 1491 10.2 6928.63 59.83 269  2.81 2.75 452 929 261 1.04 5.96
81-90 848.4 6.67 408  86.31 2018 7.5 3390.77 3252 1.01 1.17 1.16 529 617  1.86 0.59 454
91-100 642.9 1.44 544 9501 1238 3.3 1637.53 2361 055 061 0.60 213 330 165 0.43 2.29
All Units 2821.2 12.81 4.11 75,53 8101 51.4 8,783.98 55.58 2.27 2.41 238 2452 840 231 073 578
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Hydro Units Table 6.1.3

Major Component Outage Code Report, 2005 to 2009

Major Componenent Contribution to Hydro Unit ICbF based on 2005-2009 data.

Instrumentation and Control
(15.30)

Electrical Power System (14.41) Hydro Turbine (17.91)

Buildings and Structures (10.43)

Conditions (12.35)
Plant Aux. Processes and
Services (1.63)

Generators (27.96)

UNIT STATISTICS

Number of Units: 796.00
Number of Unit Yars: 2941.44
Overall Operating Factor: 75.60
FORCED FORCED SCHEDULED MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT
NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR DAFOR
MAJOR COMPONENT OCC. (%) OCC. (%) OcCC. (%) occ. (%)  OCC. (%) (%) (%) (%)
Buildings and Structures 286  0.09 1734 0.18 168 0.02 1378 0.13 1018 0.57 0.96 0.09 0.13
Conditions 1381 0.09 1197 0.10 750 0.05 971 0.07 995 0.15 0.35 0.06 0.08
Electrical Power System 1050  0.20 371 0.04 48 0.01 1251 0.14 1532 0.54 0.97 0.29 0.29
Generators 1790  0.53 2389 0.23 69 0.05 2385 0.20 2711 244 3.39 0.65 0.69
Hydro Turbine 1807 0.74 460 0.11 64 0.01 1332 0.20 1583 1.84 2.92 0.94 0.95
Instrumentation and Control 2118 0.17 357 0.04 53 0.00 1036 0.04 965 0.35 0.62 0.22 0.22
Plant Aux. Processes and Services 174 0.03 8 0.01 0 0.00 169 0.00 84 0.02 0.07 0.05 0.05
TOTAL (External Causes Included) 8606 1.85 6516 0.71 1152 0.14 8522 0.78 8888 5.91 9.28 2.30 2.41
TOTAL (External Causes Excluded) 7354  1.91 5320  0.67 402 0.12 7565  0.84 7954 6.06 9.25 2.28 2.37
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Hydro Units Table 6.1.4

Major Component Outage Code Report, 2005 t0 2009 Buildings and Structure

X
TR
Qo
(]
0
FO FD SD MO PO
Buildings and Structures ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Buildings and Structures
22100 Powerhouse Substructure 9 0.00 0 0.00 34 0.00 32 0.00 30 0.01 0.02 0.00
22110 Draft Tubes (Concrete) 1 0.00 0 0.00 1 0.00 29 0.00 3 0.00 0.00 0.00
22121  Scroll Case (Concrete) 2 0.00 0 0.00 0 0.00 10 0.00 7 0.00 0.00 0.00
26000 Water And Earth Retaining Structures 1 0.00 0 0.00 1 0.00 0 0.00 11 0.00 0.00 0.00
26100 Main Dam And Associated Wingwalls - Concrete 0 0.00 0 0.00 1 0.00 2 0.00 4 0.01 0.01 0.00
26200 Main Dam And Associated Wingwalls - Earth 0 000 0 000 0 000 15 0.00 2 001 001 0.00
And Rock Fill
29200 Channels & Tunnels 0 0.00 2 0.00 1 0.00 7 0.00 19 0.01 0.01 0.00
29210 Intake (Headrace) Channel 21 0.02 26 0.00 0 0.00 79 0.01 52 0.01 0.04 0.03
29250 Tailrace (Channel) 10 0.00 6 0.00 4 0.00 354 0.02 46 0.02 0.04 0.00
29260  Tunnels (Including Shafts And Pipelines) 3 0.00 9 0.00 0 0.00 9 0.02 23 0.05 0.08 0.00
29270 Dewatering Structure (Tunnel) 1 0.00 0 0.00 4 0.00 12 0.00 1 0.00 0.00 0.00
29300 Intake Structures Or Control Structures 58 0.01 13 0.02 4 0.00 73 0.01 140 0.10 0.13 0.02
29320 Intake Sectional Service Gates And Followers 7 0.00 0 0.00 3 0.00 44 0.01 43 0.01 0.02 0.00
(Also Stop Logs)
29330 Trash Racks And Followers 57 0.03 113 0.03 69 0.01 342 0.02 212 0.02 0.09 0.04
29400  Sluiceway And Spillway (Concrete) 0 0.00 1 0.00 0 0.00 10 0.00 1 0.00 0.00 0.00
29420  Sluice Gates (Power Operated) 2 0.00 6 0.00 10 0.00 12 0.00 2 0.00 0.01 0.00
29440  Fishladders And Log Chutes 0 0.00 2 0.00 0 0.00 4 0.00 6 0.00 0.00 0.00
29500 Headworks 4 0.00 0 0.00 1 0.00 67 0.00 119 0.06 0.07 0.00
29550 Headgates 69 0.01 10 0.00 30 0.00 226 0.01 174 0.19 0.21 0.01
29620  Penstock 25 0.02 1546 0.13 3 0.01 37 0.03 105 0.05 0.20 0.03
29626  Penstock Relief Valve 9 0.00 0 0.00 2 0.00 7 0.00 9 0.02 0.02 0.00
29800  Surge Tanks And Chambers 7 0.00 0 0.00 0 0.00 6 0.00 9 0.00 0.00 0.00
29900 Pump Storage Reservoirs 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
Buildings and Structures Total 286 0.09 1734 0.18 168 0.02 1378 0.13 1018 0.57 0.96 0.13
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Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Hydro Turbines

2
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Hydro Turbine ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Hydro Turbine
41100  Turbines 75 0.22 31 0.02 8 0.00 201 0.03 574 1.08 1.34 0.28
41105  Turbine Aeration Equipment 2 0.00 0 0.00 0 0.00 10 0.00 7 0.00 0.00 0.00
41110 Runner 43 0.05 36 0.02 41 0.00 126 0.11 253 0.39 0.56 0.06
41111  Hub 1 0.04 0 0.00 0 0.00 1 0.00 2 0.03 0.08 0.05
41112  Blades 6 0.04 2 0.00 0 0.00 15 0.00 18 0.01 0.06 0.05
41113 Cone 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
41120  Head Cover 14 0.05 71 0.01 0 0.00 11 0.00 5 0.02 0.08 0.07
41122  Turbine Guide Bearing 185 0.07 30 0.01 2 0.00 86 0.01 58 0.03 0.12 0.09
41123  Turbine Guide Bearing Oil System 63 0.01 0 0.00 0 0.00 36 0.00 20 0.00 0.01 0.01
41124  Turbine Guide Bearing Cooling Equipment 34 0.00 0 0.00 0 0.00 28 0.00 11 0.00 0.01 0.00
41125 Head Cover Drainage 35 0.01 6 0.00 0 0.00 1 0.00 10 0.00 0.01 0.01
41130  Turbine Regulation 32 0.01 0 0.00 0 0.00 22 0.00 45 0.02 0.03 0.01
41132 Wicket Gate (Guidevanes) 30 0.05 3 0.00 0 0.00 23 0.00 20 0.01 0.06 0.07
41133  Wicket Linkage (Including Shear Pin) 271 0.09 88 0.00 1 0.00 80 0.01 19 0.01 0.11 0.12
41139  Nozzle Assembly 1 0.00 1 0.00 0 0.00 2 0.00 12 0.00 0.00 0.00
41140  Scroll Case 6 0.00 0 0.00 0 0.00 19 0.00 4 0.00 0.01 0.00
41145  Pit Liner 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41150  Turbine Shaft 7 0.00 3 0.00 0 0.00 10 0.00 2 0.00 0.00 0.00
41151  Shaft Seal (Packing, Carbon Seal, Etc.) 43 0.01 170 0.05 0 0.01 71 0.01 46 0.04 0.09 0.01
41160 Inlet Valve 93 0.00 0 0.00 2 0.00 77 0.01 75 0.05 0.06 0.00
41171  Draft Tube Liner 2 0.00 0 0.00 0 0.00 3 0.00 8 0.00 0.00 0.00
41180 Greasing System 2 0.00 0 0.00 0 0.00 30 0.00 13 0.00 0.01 0.00
41700 Governor System 302 0.03 7 0.00 4 0.00 147 0.01 165 0.06 0.10 0.03
41710  Governor 265 0.02 6 0.00 0 0.00 184 0.01 148 0.06 0.10 0.03
41711  Governor Head 2 0.00 0 0.00 1 0.00 10 0.00 3 0.00 0.00 0.00
41712 Governor Gain 0 0.00 0 0.00 0 0.00 14 0.00 0 0.00 0.00 0.00
41713  Speed Detection 46 0.00 3 0.00 1 0.00 17 0.00 7 0.00 0.00 0.00
41714  Governor Feedback 19 0.00 1 0.00 0 0.00 3 0.00 3 0.00 0.00 0.00
41715  Governor Auxiliary Systems 105 0.02 1 0.00 4 0.00 48 0.00 34 0.03 0.06 0.03
41720  Governor Oil Pumps 76 0.01 1 0.00 0 0.00 18 0.00 6 0.00 0.01 0.02
41740  Governor Oil Piping 5 0.00 0 0.00 0 0.00 6 0.00 6 0.00 0.00 0.00
41741  Governor Oil Piping System - Components 17 0.01 0 0.00 0 0.00 8 0.00 8 0.00 0.01 0.01
41742 Governor Oil Piping System - Leakage 17 0.00 0 0.00 0 0.00 10 0.00 1 0.00 0.00 0.00
41743  Governor Oil Piping System - Filters 7 0.00 0 0.00 0 0.00 4 0.00 0 0.00 0.00 0.00
Hydro Turbine Total 1807 0.74 460 0.11 64 0.01 1332 0.20 1583 1.84 2.92 0.95
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Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Generators

2
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Generators ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100 Generators 233 0.12 18 0.00 27 0.00 429 0.05 1526 1.74 1.91 0.15
42110  Generator Rotor 45 0.01 22 0.00 0 0.00 56 0.00 67 0.13 0.15 0.01
42111  Braking/Jacking System 99 0.01 0 0.00 0 0.00 7 0.00 57 0.02 0.03 0.01
42112  Brake Pneumatic System 25 0.01 0 0.00 0 0.00 20 0.00 8 0.00 0.02 0.02
42113  Pole Windings And Connections 18 0.02 3 0.00 1 0.00 25 0.01 15 0.02 0.05 0.03
42114  Slip Rings And Commutator 10 0.01 0 0.00 1 0.00 118 0.01 39 0.01 0.02 0.01
42115  Brushes And Brush Rigging 51 0.01 1 0.00 3 0.00 918 0.07 212 0.10 0.17 0.01
42120  Generator Stator 59 0.03 1070 0.10 7 0.01 34 0.01 197 0.18 0.31 0.04
42121  Generator Stator Terminals 0 0.00 0 0.00 0 0.00 3 0.00 1 0.00 0.00 0.00
42123  Generator Stator Winding 28 0.08 940 0.09 14 0.04 52 0.02 29 0.12 0.27 0.09
42124  Generator Stator Winding Wedges 1 0.00 0 0.00 0 0.00 1 0.00 4 0.01 0.01 0.00
42125  Core Iron 4 0.00 0 0.00 1 0.00 5 0.00 2 0.00 0.01 0.00
42126  Generator Stator Cooling System 23 0.00 82 0.01 6 0.00 40 0.01 20 0.00 0.02 0.01
42170  Thrust And Guide Bearings 117 0.03 17 0.00 1 0.00 56 0.01 21 0.01 0.05 0.04
42171  Thrust Bearing 70 0.08 4 0.00 0 0.00 24 0.00 6 0.00 0.08 0.10
42172  Thrust Bearing Oil System 48 0.00 2 0.00 0 0.00 35 0.00 9 0.01 0.01 0.00
42174  Thrust Bearing Oil Lift System 18 0.00 0 0.00 0 0.00 9 0.00 4 0.00 0.00 0.00
42176  Guide Bearing 32 0.01 190 0.02 0 0.00 9 0.00 2 0.00 0.03 0.02
42177  Guide Bearing Oil System 14 0.00 0 0.00 0 0.00 14 0.00 10 0.00 0.01 0.00
42178  Bearing Oil Cooling System 45 0.01 2 0.00 0 0.00 31 0.00 2 0.00 0.01 0.01
42200  Excitation 436 0.06 28 0.00 8 0.00 218 0.01 196 0.05 0.12 0.08
42210  Exciter Transformer 15 0.00 0 0.00 0 0.00 25 0.00 16 0.00 0.01 0.00
42220  Static Exciter(Thyristors, Diodes, Etc.) 88 0.01 2 0.00 0 0.00 66 0.00 71 0.01 0.03 0.02
42230 Field Breaker 128 0.01 0 0.00 0 0.00 58 0.00 28 0.01 0.02 0.01
42240 Rotating Exciters 9 0.00 0 0.00 0 0.00 21 0.00 7 0.00 0.00 0.00
42260 Automatic Voltage Regulators 174 0.02 8 0.01 0 0.00 47 0.00 162 0.02 0.05 0.03
Generators Total 1790 0.53 2389 0.23 69 0.05 2385 0.20 2711 2.44 3.39 0.69
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Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Elec. Power Sys.
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Electrical Power System ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Electrical Power System
51100 Output System Generator Voltage 80 0.02 10 0.00 0 0.00 83 0.02 75 0.03 0.08 0.03
51120  Generator Power Transformers 282 0.06 296 0.04 13 0.01 361 0.08 656 0.17 0.33 0.07
51130 Switching Equipment - Generator Voltage 15 0.00 0 0.00 0 0.00 25 0.00 34 0.03 0.04 0.01
51133  Circuit Breakers - Generator Voltage 349 0.05 9 0.00 5 0.00 347 0.02 357 0.18 0.25 0.07
51136 Disconnect Switches - Generator Voltage 71 0.01 2 0.00 4 0.00 125 0.01 155 0.04 0.06 0.02
51150 Bus Duct, Bus, Cable 82 0.06 28 0.00 6 0.00 108 0.01 131 0.08 0.16 0.08
51151  Bus Duct Cooling System 10 0.00 24 0.00 7 0.00 11 0.00 5 0.00 0.00 0.00
51170  Generator Neutral Grounding Equipment 6 0.00 0 0.00 0 0.00 3 0.00 5 0.00 0.01 0.01
52100 Generator Voltage Supply System 33 0.00 0 0.00 1 0.00 25 0.00 30 0.00 0.01 0.00
52120  Station Service Transformer 25 0.00 0 0.00 4 0.00 67 0.00 15 0.00 0.00 0.00
52130  Unit Service Transformer 9 0.00 2 0.00 4 0.00 1 0.00 13 0.01 0.01 0.00
53000 Station Power Distribution 59 0.00 0 0.00 4 0.00 63 0.00 40 0.00 0.01 0.00
55000 Direct Current Power Supplies 29 0.00 0 0.00 0 0.00 22 0.00 16 0.00 0.01 0.00
Electrical Power System Total 1050 0.20 371 0.04 48 0.01 1251 0.14 1532 0.54 0.97 0.29
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Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Ins. And Controls
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Instrumentation and Control ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Instrumentation and Control
Hydraulic Turbine And Auxiliaries - Instruments &

64100 e 100  0.02 6 0.00 8 0.00 64 0.01 29 001  0.04 0.03
64112  Turbine Guide Bearing - Instruments 27 0.01 105 0.01 0 0.00 15 0.00 4 0.00  0.02 0.01
64170  Governor - Instruments And Controls 162 0.01 3 0.02 0 0.00 81 0.01 44 0.00 0.04 0.01
64171  Governor Oil System - Instruments And 50 0.01 0 0.00 0 0.00 7 0.00 4 0.00 0.01 0.01
64200  Generator And Auxiliaries - 442 0.06 132 0.01 20 0.00 230 001 188 0.08  0.16 0.07
64210  Supervisory Control & Data Acquisition - 134 0.01 16 0.00 3 0.00 119 0.01 17 0.01 0.02 0.01
64211  Generator Brakes - Instruments And 28 0.00 0 0.00 0 0.00 26 0.00 0 0.00 0.00 0.00
64216  Generator Thrust Bearing - Instruments 24 0.00 2 0.00 0 0.00 1 0.00 4 0.00 0.00 0.00
6az17  Gonerator Guide Bearing - Instruments & 2 000 12 000 0 000 8 000 3000 001 000
64220  Excitation Instrumentation & Control 113 0.00 0 0.00 2 0.00 63 0.00 35 0.00 0.01 0.01
64260 g’é:f:‘;f”"“s Condensor - Instrumentation & 9 0.00 0 000 4 000 6  0.00 20 000 001 0.00
65100 Main Power Output Systems - 142 0.01 5 0.00 4 0.00 57 0.00 76 0.01 0.02 0.01
g5200 Station Service Main Transformation - 21 0.01 1 0.00 0 000 10 0.00 11 001 001 0.01
Instruments & Control
65300 ztf:tc';';rfle”"ce Power Distribution - Instruments 48 0.00 0 000 1 0.00 33 0.00 35 004 004 0.00
65500 oot Current Power Supplies - Instruments & 23 000 0 000 0 000 9 000 7 000 000 000
65900  System Control 256 0.01 4 0.00 1 0.00 189 0.00 363 014 015 0.02
66000 Telecom and Communications 478 0.02 71 0.00 1 0.00 86 0.00 115 0.05  0.08 0.03
67000  Hlant Auxiliary Processes And Services - 39 000 0 000 9 000 22 000 10 000 000 000
Instruments & Control

Instrumentation and Control Total 2118 0.17 357 0.04 53 0.00 1036 0.04 965 0.35 0.62 0.22
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Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Aux. Processes
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Plant Aux. Processes and Services ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Plant Aux. Processes and Services
72300 Cooling Water Systems 114 0.02 6 0.01 0 0.00 92 0.00 48 0.02 0.05 0.03
72400  Fire Protection Water System 39 0.01 0 0.00 0 0.00 58 0.00 25 0.00 0.02 0.02
72600 Turbine Dewatering & Rewatering Piping System 2 0.00 0 0.00 0 0.00 6 0.00 6 0.00 0.00 0.00
75000 Compressed Air To Brakes & Governor 16 0.00 1 0.00 0 0.00 3 0.00 5 0.00 0.00 0.00
75140  Water Depressing System 3 0.00 1 0.00 0 0.00 8 0.00 0 0.00 0.00 0.00
75220  Fixed Fire Protection CO2 & Halon System 0 0.00 0 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
Plant Aux. Processes and Services Total 174 0.03 8 0.01 (0] 0.00 169 0.00 84 0.02 0.07 0.05
Canadian Electricity Association 30

ERIS — Generation Equipment Status Report 2009



2012 GRA DE-03 - DE-04 Appendix D Page 36 of 107

Hydro Units Table 6.1.4

Detail Component Outage Code Report, 2005 t0 2009 Conditions
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Conditions ICbF by event type forHydro units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 796.00
Number of Unit Years: 2941.44
Overall Operating Factor: 75.60
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
00500 Regulatory Bodies 12 0.01 662 0.03 59 0.01 365 0.02 249 0.03 0.06 0.01
05200 Transmission Limitations 540 0.02 258 0.01 114 0.01 317 0.03 292 0.05 0.09 0.02
05201 Powerhouse Substation (non-generating unit 8 0.0 1 0.00 0 000 10 0.00 32 002 003 0.00
equipment)
05202 | ransmission Line (connected to powerhouse 84 0.0 0 000 0 000 3 0.00 17 000 0.0 0.00
substation)
05203 Er:zr)‘sm'ss"’” Equipment (beyond transmission 3 0.00 0 000 0 000 0 000 10 000 000 000
07010  Site Environment, Storms, Floods 226 0.01 14 0.01 1 0.00 15 0.00 47 0.00 0.01 0.00
07060  Upstream Water Conditions 33 0.01 80 0.02 508 0.03 33 0.01 5 0.01 0.05 0.01
07070  Downstream Water Conditions 4 0.00 9 0.00 63 0.00 31 0.00 52 0.01 0.02 0.00
07080 Headpond Ice Cover 95 0.03 24 0.01 0 0.00 15 0.00 0 0.00 0.03 0.03
08160 Fire, General 9 0.00 0 0.00 1 0.00 1 0.00 2 0.00 0.00 0.00
08910  Staff Shortage 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
08940 Labour Troubles 2 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
99999  Other 333 0.01 149 0.02 4 0.00 180 0.01 289 0.03 0.06 0.01
Conditions Total 1381 0.09 1197 0.10 750 0.05 971 0.07 995 0.15 0.35 0.08
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6.2

Fossil
Summary
Statistics
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Fossil Units Table 6.2.1
External Causes Excluded, 2009 Data
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MCR Age
Unit ABNOF  SynCD OP No. Total Maximum Mean FOR DAFOR DAUFOP Total EQ. ICBF Fail MOF POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages (A) (H) (H) (A)
Classification By MCR (MW)
60-99 81 2120 0.00 3653 62 1.0 2148.48 14778 20.89 4242 4114 43 4790 11.86 257  17.67
100-199 271 2418 229 5416 139 0.9 1781.35 5527 523 9.1 8.39 59 2109 774 163  13.86
200-299 28 1893 0.00 62.63 29 02 321.83 4579 695 10.10 9.91 05 1574 11.82 0.72 7.61
300-399 1.4 1579 0.00  59.92 95 05 422.25 4952 543 2048  20.37 35 2671 942 0.03 7.91
400-599 229 2370 0.00 4453 213 16 2850.15 67.67 1148  16.41 15.58 6.7 2659 10.18 7.00 9.40
Classification By Year Of Service
11TH-15TH 29 0.00 0.00  90.91 15 0.4 165.02 3618 215 441 4.4 02 826 426 0.15 3.86
16 TH-20TH 37 0.00 0.00  85.50 37 01 132.10 2667 296 1327 13.2 0.7 1867 10.02 3.09 1.75
21ST-25TH 45 1199 0.00 67.17 30 01 188.95 3830 3.31 5.41 5.35 06 1289  6.13 0.28 8.28
26TH-30TH 99 1173 428 5961 78 03 321.83 3907 437 1592 1578 32 2884 855 243 1322
31ST-35TH 387 3127 042 4043 283 25 2850.15 77.39 1241 17.74 1662 10.9 2646 10.64 422 1225
36TH-40TH 64  19.20 0.00 61.00 57 0.1 161.23 2171 285 995 9.88 11 1586  11.42 1.50 7.26
41ST-45TH 1.0 6.49 0.00  47.46 5 03 1927.08 47542 36.38 37.65  37.65 05 4699  6.32 13.14 5.77
46TH-50TH 35 1945 000 15.82 25 07 2148.48 236.93 4149 6924  64.48 26 6436 14.68 057 3453
51ST-55TH 1.7 15.89 0.00  61.40 8 00 89.65 1572 091 3540  35.04 1.0 4986  5.13 3.43 2.85
Classification By Operating Factor
0-10 127 6213 1.32 4.75 36 07 2148.48 17961 59.19 57.76  44.53 41 3176 2273 252 2259
11-20 57  57.32 0.00 1459 41 041 622.53 3204 1354 2282  19.14 15 2476 21.06 582  14.21
21-30 58  43.71 0.00 2583 31 06 2850.15 17424 3544 2976  29.11 17 2764 903 9.02 7.02
31-40 6.3  19.04 658 3524 58 04 1026.72 63.76 1220 1658 1599 26 3669 13.88 6.08 2184
41-50 49 1118 0.00  44.40 37 05 1927.08 107.96 1098 17.36  16.90 19 3164 568 6.47 1205
51-60 5.1 713 0.00 5548 64 04 855.25 59.59 929 3454  34.26 25 4249 1176 194 1275
61-70 6.2 7.45 0.00  64.19 53 04 321.83 60.82 651 1529  15.01 22 3181 738 1.84  10.15
71-80 45 1.14 0.00 7452 52 04 1781.35 73.06 930 2311 2299 15 2976 11.82 0.47 4.95
81-90 15.4 0.48 0.00 86.47 120 05 350.33 3516 324 932 9.26 25 1582  7.99 0.94 5.47
91-100 5.9 0.23 0.00 9497 46 02 165.02 2960 261 4.04 4.02 03 429 776 0.25 0.00
All Units 72.3 22.09 0.82 50.32 538 4.3 2,850.15 69.31 8.84 17.11 16.51 20.8 26.67 9.36 3.17 11.63
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Fossil Units Table 6.2.2
External Causes Excluded, 2005 to 2009 Data
ABNOF OP FACTOR ICBF
Planned
I ] [ Maintenan...
60 Forced
40 .
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0 [te) 5 7 9
Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF POF
years (%) Factor Factor ForcedF.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
60-99 50.1  40.83 0.34  36.06 261 3.3 3688.95 11201 1358 21.04  20.10 119 2261 983 3.44 8.40
100-199 1447 23.57 394 5849 951 4.8 2894.31 4411 510  7.00 6.60 256 17.31  9.33 160  11.06
200-299 14.5 9.21 0.00 7182 187 08 890.78 36.31 646 896 8.45 27 1790 1321 1.85 8.58
300-399 61.1  11.24 0.00 69.83 469 26 1774.03 4764 476 967 9.52 109 1655 852 0.31 7.28
400-599 1142 16.46 0.00 5899 1126 74 2978.43 5791 905 1423  13.79 290 24.28 1063 476 9.10
Classification By Year Of Service
6TH-10TH 1.0 0.00 0.00 92.08 3 00 37.16 1463 053  1.25 1.25 01 693 213 0.00 5.75
11TH-15TH 18.6 0.06 0.00  88.41 123 04 263.00 2963 236  3.59 2.88 21 1084  6.23 0.67 6.68
16TH-20TH 16.7 0.12 0.00 89.69 121 05 451.75 36.66 3.1 6.06 5.49 19 1085  7.29 0.87 3.85
21ST-25TH 40.7 3.88 027 7522 388 2.1 2894.31 46.56 5.61 7.30 5.24 74 1718 913 0.97 9.72
26TH-30TH 167.6  27.19 292  54.06 1238 7.1 2978.43 50.03 678 11.16 9.53 331  19.22  10.08 262 9.39
31ST-35TH 814 2693 0.81  47.32 625 4.8 2850.15 67.77 994 14.82 12.2 211 2461 1097 351  11.74
36TH-40TH 264 1127 0.00  69.66 318 1.1 880.58 3119 494 853 7.62 41 1430 1281 1.29 6.03
41ST-45TH 81 4190 0.00  30.18 42 10 3688.95 20525 26.24 2816  20.83 21 2575 1022 223 1079
46TH-50TH 224 2582 073  41.89 128 1.9 2148.48 12786 13.86 2195  15.56 7.3 3044 864 630 1115
51ST-55TH 1.7 15.89 0.00  61.40 8 00 89.65 1572 091 3540  34.49 10 4986 513 3.43 2.85
Classification By Operating Factor
0-10 60.3  76.18 0.29 6.24 151 25 3688.95 14345 3930 39.83  33.71 104 1711 1475 192 10.88
11-20 9.0 7203 1160 17.91 15 0.0 142.58 2492 257 743 317 10 1081  6.82 0.31 9.12
21-30 50 5279 3149 2842 24 04 220.65 4485 751 1013 9.36 09 18.07 10.58 027 1363
31-40 220 3979 1420 37.23 75 05 1630.08 56.68 543 879 6.98 52 2340  6.99 278 1695
41-50 440 2420 0.00 4561 345 2.8 2894.31 71.83 1170 1588  14.91 13.9 3071 11.17 586  15.07
51-60 285  19.59 0.00 5525 200 1.8 2978.43 79.65 1001  14.31 14.06 77 2666 828 480 1239
61-70 63.4 457 0.00 6570 696 4.6 1781.35 57.78 808 1416  13.94 181 2592  9.88 4.88 8.82
71-80 40.6 0.97 0.00 7564 440 26 860.06 51.01 624 12.81 12.68 94 2086 10.26 0.96 6.92
81-90 82.0 0.22 0.00 86.55 814 32 1774.03 3471 410  6.82 6.72 112 1328 10.18 0.54 6.00
91-100 29.8 0.07 0.00 9265 234 07 45175 2793 259 336 3.31 22 734 789 0.53 3.51
All Units 384.7 21.15 1.50 58.06 2994 18.9 3,688.95 55.28 7.10 11.15 10.76 80.1 19.98 9.77 2.58 9.41
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Table 6.2.3

Fossil Units

Major Component Outage Code Report, 2005 to 2009

Major Componenent Contribution to Fossil Unit ICbF based on 2005-2009 data.

Steam Generation Facilities (43.49)

Steam Turbine (12.16)
Instrumentation and Control (12.81)

Generators (5.45)
Plant Aux. Processes and Services
(2.72)

Conditions (3.38)

Electrical Power System (5.28)

Heat Power Cycle (14.09)

Buildings and Structures (0.62)

UNIT STATISTICS

Number of Units: 94.00
Number of Unit Yars: 412.06
Overall Operating Factor: 61.51
FORCED FORCED SCHEDULED  MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT
NO. ICBF  NO. ICBF  NO. ICBF NO. ICBF  NO. ICBF ICBF FOR DAFOR
MAJOR COMPONENT OCC. (%) OcC. (%) OcC. (%) occ. (%)  OcCC. (%) (%) (%) (%)
Buildings and Structures 3 0.00 1 0.00 2 0.00 18 0.03 7 0.03 0.06 0.01 0.01
Conditions 90 0.82 10501  4.01 224 0.80 32 068 25 0.79 4.50 0.28 1.25
Electrical Power System 161 0.23 235  0.08 39 002 55  0.09 22 0.06 0.46 0.33 0.34
Generators 131 063 253 0.14 97  0.03 78  0.28 29 0.44 1.47 0.91 0.94
Heat Power Cycle 323 068 28385 210 213 053 280 083 14 0.69 3.19 0.40 1.00
Instrumentation and Control 505  0.37 1542 0.77 426 0.18 50 0.15 10 0.23 1.25 0.35 0.53
Plant Aux. Processes and Services 58 0.18 581  0.42 286  0.18 41 0.14 23 043 1.11 0.18 0.25
Steam Generation Facilities 1125 444 19761 1140 2333  3.38 452 3,07 262 8.21 22.60 3.66 6.11
Steam Turbine 354 097 671 1.05 1102  0.80 109 075 78 2.12 488 1.16 1.26
TOTAL (External Causes Included) 2750 832 36430 19.97 4722 592 1115 6.02 470 13.00 39.52 728 11.69
TOTAL (External Causes Excluded) 2667 7.88 25935 16.72 4498 536 1086  5.65 446 12.78 36.52 751 11.16
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Table 6.2.4

Building and Structure
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Buildings and Structures ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Buildings and Structures
22000 Powerhouse 1 0.00 0 0.00 0 0.00 2 0.01 0 0.00 0.01 0.01
23290 Chimney 2 0.00 1 0.00 2 0.00 16 0.02 7 0.03 0.05 0.00
Buildings and Structures Total 3 0.00 1 0.00 2 0.00 18 0.03 7 0.03 0.06 0.01
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Steam Generators
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Steam Generation Facilities ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO.  ICBF NO. ICBF  NO. |ICBF  NO. ICBF  NO. |ICBF ICBF DAFOR
OCC. (%)  OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Steam Generation Facilities
31000 Steam Generator/HRSG 168 0.61 1434 1.14 512 0.71 85 0.69 236 6.13 8.07 0.72
31120  Primary Air Fans - Pulverized Fuel 17 0.11 1051 0.81 51 0.12 12 0.13 0 0.09 0.90 0.15
31130  Primary Air Fan Drives - Pulverized Fuel 2 0.01 32 0.02 0 0.00 0 0.00 0 0.00 0.02 0.01
31150 Air Heaters 33 0.09 258 0.33 10 0.05 58 0.16 0 0.05 0.49 0.13
31170  Primary Air Duct - Pulverized Fuel 6 0.01 32 0.02 3 0.01 1 0.00 0 0.00 0.03 0.01
31210 Coal Feeders (Gravimetric Or Volumetric) 5 0.11 2615 0.56 150 0.14 2 0.11 0 0.11 0.59 0.16
31220  Pulverized Fuel Burner Piping And Valves 5 0.05 599 0.26 32 0.07 7 0.05 0 0.05 0.28 0.07
31230  Oil Burner Piping And Valves 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
31240  Gas Burner Piping And Valves 5 0.00 10 0.00 0 0.00 1 0.00 7 0.15 0.16 0.00
31250 Pulverizers 15 0.61 5315 3.12 1111 1.29 4 0.60 0 0.60 3.81 0.73
31262  Pulverizer Motors 0 0.01 55 0.05 5 0.01 0 0.01 0 0.01 0.05 0.01
31270  Burners And Windboxes 14 0.01 39 0.04 6 0.01 2 0.01 0 0.00 0.05 0.01
31280 Igniters 10 0.01 112 0.03 0 0.01 5 0.01 0 0.01 0.04 0.02
31300  Sootblower Systems 1 0.02 151 0.10 4 0.02 2 0.02 2 0.04 0.13 0.02
31510 Steam Drum - Scrubbers,Separators, Etc. 7 0.00 8 0.00 0 0.00 1 0.01 1 0.03 0.04 0.00
31530 Steam Generating Tubes (Between Steam Drum 16 0.05 14 002 0 000 5 002 0 000 008 007
and Mud Drum)
31540 Waterwalls 272 0.79 137 0.07 1 0.01 48 0.11 3 0.03 0.98 1.18
31550  Circulating Pumps 6 0.01 60 0.05 10 0.01 1 0.01 1 0.01 0.06 0.02
31560 Circulating Pumps Drives 2 0.01 153 0.06 1 0.01 4 0.01 0 0.01 0.07 0.01
31570  Safety Valves 17 0.07 312 0.31 122 0.09 11 0.04 0 0.03 0.42 0.08
31580 Water Gauges 2 0.00 0 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
31701  Superheater/High Pressure Section 161 0.47 242 0.08 53 0.07 14 0.05 2 0.07 0.67 0.69
31702 Reheater 71 0.27 66 0.04 1 0.01 10 0.04 1 0.02 0.33 0.40
31703  Economizer/Low Pressure Section 53 0.14 20 0.00 0 0.00 3 0.00 0 0.00 0.15 0.21
31810 Attemperation 2 0.01 58 0.03 4 0.01 5 0.01 0 0.01 0.04 0.01
31820  Burner Tilt 0 0.00 10 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
31832  Flue Gas-Recirculation Fans 4 0.03 67 0.05 3 0.01 4 0.02 0 0.01 0.08 0.04
31833  Recirculation Fans Variable Speed 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
31834  Flue Gas Recirculation Motors 0 0.00 1 0.01 0 0.00 1 0.01 0 0.00 0.02 0.00
32100 Forced Draft Ducts 2 0.01 15 0.09 3 0.01 4 0.01 0 0.01 0.10 0.01
32310 Forced Draft Fans 28 0.11 198 0.35 18 0.10 10 0.09 0 0.09 0.39 0.16
32320  Forced Draft Fan Variable Speed Coupling 3 0.01 12 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
32330 Forced Draft Fan Motors 3 0.01 26 0.03 2 0.01 1 0.01 0 0.01 0.04 0.02
32400 Induced Draft Flues 1 0.00 1 0.00 1 0.00 10 0.02 1 0.00 0.02 0.00
32510 Induced Draft Fans 44 0.12 1064 0.75 37 0.11 28 0.14 0 0.08 0.87 0.17
32520 '[';r‘i’\‘/‘;’:d Draft Fan Variable Speed Coupling 3 001 1000 1000 4 001 0 000 002 001
32530 Induced Draft Fan Motors 3 0.01 141 0.06 2 0.01 1 0.01 0 0.01 0.07 0.02
33100 Main Steam Piping 18 0.06 11 0.01 1 0.00 14 0.03 1 0.02 0.11 0.09
33200 Hot Reheat Piping 4 0.01 4 0.00 0 0.00 0 0.00 0 0.00 0.02 0.02
33300 Cold Reheat Piping 3 0.01 2 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
33600 High Pressure Steam Piping 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
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Fossil Units Table 6.2.4
Detail Component Outage Code Report, 2005 to 2009 Steam Generators
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF  ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Generation Facilities
34100 Furnace And Water Gauge Television 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
34200 Boiler Blowdown System 2 0.00 27 0.01 0 0.00 1 0.00 0 0.00 0.01 0.00
34400 Boiler Drains System 3 0.00 1 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
34500 Boiler Boiling-Out, Alkaline Flushing 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
35110 Furnace Ash Removal System 39 0.15 904 0.46 19 0.13 12 0.13 1 0.12 0.52 0.23
35120  Pulverizer Pyrites Removal System 1 0.01 291 0.05 9 0.01 0 0.01 0 0.01 0.05 0.01
35130 Fly Ash Removal System - Dry Transportation 1 0.02 142 0.07 8 0.02 5 0.04 0 0.02 0.09 0.02
35140 Fly Ash Removal System - Wet 0 0.00 14 0.01 10 0.01 5 0.00 0 0.00 0.01 0.00
35210 Precipitators-Electrostatic 27 0.26 2780 1.90 36 0.21 54 0.32 2 0.24 213 0.39
35220 Precipitators-Mechanical 1 0.00 4 0.00 0 0.00 1 0.00 1 0.04 0.04 0.00
35230 Precipitators-Baghouse 0 0.00 7 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
36100 Coal Receiving Systems 1 0.01 70 0.02 8 0.01 1 0.01 0 0.01 0.03 0.01
36200 Coal Storage Systems 1 0.03 647 0.13 35 0.03 1 0.03 1 0.03 0.13 0.04
36300 Coal Handling Systems 24 0.09 393 0.18 34 0.06 2 0.05 0 0.05 0.24 0.13
36370  Coal Stacker/Reclaimer Machine 1 0.00 6 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
36400 Coal Processing Systems 0 0.00 23 0.01 2 0.00 0 0.00 0 0.00 0.01 0.00
37100 Fuel Oil Receiving Systems 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37300 Fuel Oil Transfer Systems 0 0.00 0 0.00 6 0.00 0 0.00 2 0.01 0.01 0.00
37400 Fuel Oil Forwarding Systems 2 0.00 4 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37500  Fuel Oil Boosting Systems 2 0.00 4 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
37600 Fuel Oil Heating Systems 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
38000  Sulphur Oxides Removal System 11 0.01 37 0.02 20 0.00 6 0.04 0 0.00 0.06 0.01
aga00 g rURNACE BEDLIMESTONE INJECTION 0 000 1 000 1 000 0 000 0 000 000  0.00
38400 FLUID BED LIMESTONE INJECTION SYSTEM 0 0.00 62 0.03 0 0.00 0 0.00 0 0.00 0.03 0.00
Steam Generation Facilities Total 1125 4.44 19761 11.40 2333 3.38 452 3.07 262 8.21 22.60 6.11
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Fossil Units Table 6.2.4
Detail Component Outage Code Report, 2005 to 2009 Steam Turbine
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Steam Turbine ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%)  OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Steam Turbine
41100  Turbine 140 0.57 357 0.77 223 0.28 45 0.41 65 1.60 3.39 0.81
41110 Cylinders 5 0.03 7 0.00 0 0.00 0 0.00 0 0.00 0.03 0.04
41120 Rotors 5 0.00 4 0.00 0 0.00 2 0.00 1 0.07 0.07 0.00
41121  Shaft Coupling Mechanism 2 0.00 0 0.00 0 0.00 4 0.03 7 0.21 0.24 0.00
41130 Blades 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
41140  Crossover Piping 3 0.00 6 0.00 0 0.00 1 0.01 1 0.03 0.04 0.01
41150  Turning Gear 4 0.01 0 0.00 0 0.00 1 0.01 0 0.00 0.02 0.01
41157  Turning Gear Motor 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41160 Valve Gear 41 0.07 87 0.06 53 0.02 22 0.10 0 0.02 0.20 0.10
41170  Bearings And Pedestals 29 0.02 61 0.03 1 0.01 4 0.03 1 0.04 0.10 0.03
41200  Lubricating Oil System 28 0.02 7 0.01 0 0.00 7 0.02 0 0.00 0.04 0.03
41500 Gland Seal System-Steam 11 0.03 2 0.00 1 0.00 7 0.01 2 0.04 0.07 0.05
41540  Gland Seal System-Water 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41600  Turbovisory 35 0.06 25 0.01 6 0.00 3 0.00 0 0.00 0.07 0.09
41700 Governing System 49 0.16 114 0.17 818 0.49 12 0.13 1 0.11 0.61 0.09
Steam Turbine Total 354 0.97 671 1.05 1102 0.80 109 0.75 78 2.12 4.88 1.26
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 t0 2009 Generators
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Generators ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100  Generator 22 0.09 35 0.02 27 0.01 6 0.01 11 0.13 0.24 0.13
42110  Generator Rotor 10 0.09 2 0.00 15 0.00 1 0.03 7 0.24 0.37 0.14
42111  Generator Bearings 10 0.12 44 0.01 0 0.00 3 0.02 0 0.00 0.15 0.18
42112  Generator Hydrogen Seals 10 0.05 3 0.00 0 0.00 5 0.02 1 0.02 0.09 0.07
42114  Generator Collector And Brushes 2 0.00 5 0.01 2 0.00 23 0.04 0 0.00 0.05 0.00
42120  Generator Stator 4 0.06 16 0.01 1 0.00 0 0.00 1 0.03 0.10 0.08
42200 Excitation Systems Equipment 43 0.02 21 0.01 28 0.00 22 0.05 8 0.00 0.09 0.03
42300 Hydrogen Gas Cooling System 19 0.05 82 0.06 22 0.02 7 0.08 1 0.02 0.17 0.08
42400  Generator Liquid Cooling System 8 0.15 41 0.02 2 0.00 6 0.02 0 0.00 0.19 0.23
42500 Seal Oil System 3 0.00 4 0.00 0 0.00 5 0.01 0 0.00 0.02 0.00
Generators Total 131 0.63 253 0.14 97 0.03 78 0.28 29 0.44 1.47 0.94
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Heat Power Cycle
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Heat Power Cycle ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Heat Power Cycle
43090 Boiler Feedwater Piping And Supports 28 0.03 25 0.01 0 0.00 15 0.03 0 0.00 0.06 0.05
43100 High Pressure Feedwater Heaters And 37 0.07 359 0.33 10 0.05 32 0.09 4 0.10 0.48 0.11
43200 Boiler Feed Pumps And Auxiliaries 67 0.15 761 0.37 34 0.12 38 0.16 0 0.11 0.48 0.22
43260 Boiler Feed Pump Variable Speed Coupling 5 0.01 30 0.02 3 0.01 2 0.01 0 0.01 0.03 0.01
43300 Boiler Feed Pump Turbines & Auxiliaries 14 0.05 175 0.13 17 0.04 8 0.05 0 0.04 0.16 0.07
43400 Boiler Feed Pump Motors And Auxiliaries 12 0.08 74 0.18 8 0.11 2 0.08 1 0.08 0.24 0.10
44090 Condensate Piping And Supports 7 0.01 21 0.01 1 0.00 2 0.00 0 0.00 0.02 0.01
44110 Condensor 22 0.04 316 0.26 12 0.03 28 0.07 6 0.15 0.46 0.06
44120 Condensor Tubes 40 0.14 658 0.42 92 0.10 116 0.22 1 0.11 0.70 0.20
44200 Condensate Extraction Pumps And 12 0.05 220 0.20 22 0.05 7 0.05 0 0.04 0.22 0.08
44300 Condensate Extraction Pump Motors And 1 0.00 28 0.03 2 0.01 0 0.00 0 0.00 0.03 0.01
44400 Low Pressure Feedwater Heaters And 7 0.01 57 0.07 2 0.01 1 0.01 0 0.01 0.08 0.01
44500 Deaerator, Storage Tank, And Auxiliaries 24 0.02 36 0.01 2 0.00 14 0.03 2 0.04 0.10 0.04
45000  Air Extraction System 13 0.01 21 0.01 0 0.00 2 0.01 0 0.00 0.03 0.01
45090  Air Extraction System And Piping Support 1 0.00 4 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
45100  Air Extraction System Vacuum Pumps 10 0.00 20 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
45200 sz'ﬁi’:;f‘ecs“m System Vacuum Pump, Motor and 4 000 0 000 0 000 0 000 0 000 000 0.00
45300 Steam Air Ejectors 5 0.00 5 0.00 0 0.00 1 0.00 0 0.00 0.01 0.01
46100  Turbine Bypass System 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
47000 Condensate Make-up System 4 0.00 5 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48000 Feed Cycle Auxiliary Systems 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48100  Extraction Steam System 2 0.01 13 0.01 1 0.00 2 0.00 0 0.00 0.02 0.01
48200 Feedwater Heater Drains System 4 0.00 21 0.02 2 0.00 4 0.00 0 0.00 0.03 0.00
48400 Feedwater Heater Relief Valve, Vent 1 0.00 35 0.02 4 0.00 2 0.00 0 0.00 0.02 0.00
48500  Turbine And Piping Drains 2 0.00 0 0.00 0 0.00 3 0.02 0 0.00 0.02 0.00
Heat Power Cycle Total 323 0.68 2885 2.10 213 0.53 280 0.83 14 0.69 3.19 1.00
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Electrical Power Sys.
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Electrical Power System ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Electrical Power System
51100 Output System Generator Voltage Equipment 12 0.01 8 0.00 17 0.00 0 0.00 4 0.00 0.01 0.01
51120  Generator Power Transformers 38 0.07 59 0.03 5 0.01 9 0.01 7 0.01 0.11 0.10
51130 Switching Equipment-Generator Voltage 2 0.00 1 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51133  Circuit Breakers-Generator Voltage 6 0.00 3 0.00 0 0.00 1 0.00 3 0.00 0.00 0.00
51136 Disconnect Switches-Generator Voltage 4 0.00 1 0.00 0 0.00 1 0.00 1 0.00 0.00 0.00
51150 Bus Duct, Bus, Cable 2 0.00 0 0.00 0 0.00 2 0.00 2 0.01 0.02 0.00
51151  Bus Duct Cooling System 0 0.00 4 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51170  Generator Neutral Grounding Equipment 7 0.00 5 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
52100 Generator Voltage Supply System 7 0.05 7 0.00 2 0.00 0 0.00 1 0.01 0.07 0.08
52120  Station Service Transformer 8 0.01 15 0.01 8 0.00 0 0.00 0 0.00 0.02 0.01
52130  Unit Service Transformer 10 0.01 36 0.01 1 0.00 10 0.02 0 0.00 0.03 0.01
52140  Exciter XFMR 3 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
53200 Station Service Power Distribution 52 0.08 91 0.03 6 0.01 21 0.05 2 0.02 0.17 0.11
55000 Direct Current Power Supplies 10 0.00 4 0.00 0 0.00 9 0.01 2 0.01 0.02 0.01
Electrical Power System Total 161 0.23 235 0.08 39 0.02 55 0.09 22 0.06 0.46 0.34
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Ins. and Control
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Instrumentation and Control ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Instrumentation and Control
63100 Steam Generator Controls 125 0.07 817 0.36 341 0.08 13 0.05 0 0.04 0.44 0.09
63200 Equipment Controls-Furnace Draft 10 0.02 171 0.14 4 0.02 0 0.02 0 0.02 0.14 0.03
63300 Primary Steam Instrumentation & Control 6 0.00 19 0.00 7 0.00 0 0.00 0 0.00 0.01 0.00
63400  Auxiliary Systems -Instrumentation and Control 5 0.00 9 0.01 3 0.00 2 0.00 0 0.00 0.01 0.00
63500 g:;‘;lRemm’a' Systems - Instrumentation and 0 000 6 000 0 000 0 000 0 000 000 0.00
63600 (10 Coal Management - Instrumentation and 15 001 133 004 1 001 1 001 0 001 004 001
63700 Fuel Oil Management - Instrumentation 2 0.00 4 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
gagop  Sulphur Oxide Removal System - 0 000 0 000 1 000 0 000 0 000 0.00 0.00
Instrumentation and Control
63900 Ignition Fuel,Fuel Gas, & Miscellaneous 24 0.01 18 0.00 1 0.00 0 0.00 1 0.00 0.02 0.02
64100 Steam Turbine And Auxiliaries - 58 0.02 51 0.04 14 0.01 17 0.01 0 0.01 0.06 0.03
6ag00  Gonerator And Auxliaries - Instrumentation and 40 006 50 006 12 003 5 004 2 010 018 008
64210  Supervisory Control & Data Acquisition 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
64300 oner Feedwater System -Instrumentation and 68 003 97 004 4 001 2 001 0 001 007 004
64400 gg:ﬂirsa‘e System - Instrumentation and 10 0.01 21 001 1 000 0 000 0 000 002 0.02
paspp  Condensate Air Extraction System - 5 0.00 1 000 0 000 0 000 0 000 000 000
Instrumentation and Control
64700 Condensate Make-up system - Instrumentation 1 0.00 7 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
and Control
gagop | eedwater Heating Andiliary Systems - 4 001 29 003 0 000 0 000 0 000 003 0.01
Instrumentation and Control
g5100 Main Power Output Systems - Control and 2 001 12 0.00 2 0.00 4 000 3 000 001 001
Protection
65200 Station Ser\_/lce Main Transformation - Control 7 0.00 5 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
and Protection
65300 Alternating Qurrent Power Distribution - Control 14 0.00 15 0.00 1 0.00 1 0.00 0 0.00 0.01 0.01
and Protection
65500 Direct C_:urrent Power Distribution - Control and 16 0.01 1 0.00 0 0.00 1 0.00 0 0.00 0.01 0.01
Protection
65900 System Control Facilities 1 0.00 2 0.00 2 0.00 0 0.00 0 0.00 0.00 0.00
67000 | 'antAuwliary Processes And Services - 9 001 38 002 16 0.01 0 000 0 000 003 0.01
Instrumentation and Control
69000 Computers 62 0.10 27 0.01 16 0.01 4 0.01 4 0.04 0.15 0.15
Instrumentation and Control Total 505 0.37 1542 0.77 426 0.18 50 0.15 10 0.23 1.25 0.53
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Auxiliary Processes
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Plant Aux. Processes and Services ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Plant Aux. Processes and Services
71000  Circulating Water Systems 8 0.02 70 0.03 1 0.01 12 0.02 11 0.12 0.19 0.03
71110 Travelling Water Screens 5 0.01 70 0.03 2 0.01 2 0.01 0 0.01 0.04 0.01
71120  Circulating Water Pumps 6 0.03 62 0.04 3 0.01 1 0.01 0 0.01 0.06 0.05
71127  Circulating Water Pump Motors 1 0.01 21 0.09 1 0.01 0 0.01 0 0.01 0.09 0.02
71149 ~ Circulating Water Main Butterfly Valves and 3 0.00 13 000 1 000 3 001 0 000 001 0.01
Operators
71190  Circulating Water Piping And Supports 1 0.00 14 0.01 2 0.00 5 0.01 2 0.00 0.02 0.00
71500  Circulating Water Screenwash System 0 0.00 4 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
71700  Circulating Water Cooling Towers 0 0.01 154 0.11 0 0.01 1 0.01 0 0.01 0.11 0.01
71800  Circulating Water Cooling Ponds 0 0.00 97 0.04 0 0.00 0 0.00 0 0.00 0.04 0.00
72000  Service Water Systems 3 0.03 8 0.00 1 0.00 4 0.01 2 0.05 0.09 0.04
72100  Service Water Low Pressure Open System 5 0.00 3 0.00 0 0.00 3 0.01 1 0.02 0.03 0.00
72800 Ash Transport Water Systems 1 0.04 15 0.04 0 0.01 0 0.01 0 0.01 0.06 0.05
73000 Heating, Ventilating, And Air 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
73100  Auxiliary Steam And Condensate Systems 5 0.00 10 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
73200 Powerhouse Heating & Ventilating Systems 2 0.01 4 0.01 261 0.12 2 0.01 0 0.00 0.13 0.00
74000 Water Treatment Plant 11 0.02 18 0.01 0 0.00 2 0.00 5 0.11 0.14 0.03
75000 Compressed Air Systems 1 0.00 0 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
75110  Service Air System 1 0.00 1 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
75120  Instrument Air System 4 0.00 9 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
76000 Miscellaneous Services 1 0.00 0 0.00 2 0.00 0 0.02 2 0.08 0.09 0.00
78000  Fire Protection Systems 0 0.00 7 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
Plant Aux. Processes and Services Total 58 0.18 581 0.42 286 0.18 41 0.14 23 0.43 1.11 0.25
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Fossil Units Table 6.2.4

Detail Component Outage Code Report, 2005 to 2009 Conditions
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Conditions ICbF by event type forFossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 94.00
Number of Unit Years: 412.06
Overall Operating Factor: 61.51
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
00500 Regulatory Bodies 0 0.00 2 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
01410  Poor Quality Fuel, Heat Content 8 0.34 3395 1.79 130 0.47 1 0.34 0 0.34 1.92 0.50
01420 Froblems - Primary Fuel for Units with 1002 275 013 5 002 0 002 0 002 013 0.03
Secondary Fuel Op.
04200  Synchronous Condenser Operation 1 0.00 0 0.00 0 0.00 0 0.00 1 0.00 0.00 0.00
05200 Transmission Limitations 26 0.09 144 0.22 60 0.08 21 0.08 16 0.09 0.28 0.14
05201 Powerhouse Substation 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
05202  Transmission Line 3 0.00 3 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
07010 Site Environment, Storms, Floods 9 0.04 39 0.04 10 0.01 1 0.01 0 0.01 0.09 0.07
07110 Nitrous Oxides - Environmental Restriction 0 0.00 5 0.00 3 0.00 0 0.00 0 0.00 0.00 0.00
07120  Sulphur Dioxide - Environmental 4 0.02 698 0.10 2 0.02 1 0.02 0 0.02 0.10 0.03
07130 Particulates - Environmental Restriction 6 0.14 5662 1.51 3 0.14 0 0.14 0 0.14 1.51 0.22
07210 Cooling Water Discharge - Thermal Effects 4 0.06 213 0.19 4 0.05 0 0.05 0 0.05 0.20 0.09
07220  Liquid And Chemical Effluents 0 0.00 0 0.00 0 0.00 1 0.00 1 0.00 0.00 0.00
07230  Solid Waste Effluents 0 0.00 3 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
08160 Fire, General 6 0.05 12 0.00 0 0.00 0 0.00 0 0.00 0.05 0.08
08910  Staff Shortage 2 0.01 0 0.00 0 0.00 0 0.00 0 0.00 0.01 0.02
08940  Labour Troubles 1 0.00 0 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
99999  Other 18 0.05 50 0.03 6 0.01 6 0.02 7 0.12 0.21 0.07
Conditions Total 20 0.82 10501 4.01 224 0.80 32 0.68 25 0.79 4.50 1.25
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Fossil - Coal Units Table 6.2.5
External Causes Excluded, 2007 Data
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MCR Age
Unit ABNOF  SynCD OP No. Total Maximum  Mean FOR DAFOR DAUFOP Total EQ. ICBF Fail MOF POF
years (%)  Factor  Factor Forced F.O.T. F.O.D. F.OD. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages (A) (H) (H) (A)
Classification By MCR (MW)
60-99 51  24.84 0.00 3596 55 08 2148.48 12322 2144 5049 4894 25 4144 1482 052 1020
100-199 14.3 7.57 0.00 73.76 103 03 28345 2893 281 6.78 6.70 26 1706  7.98 1.95 9.56
200-299 28 1893 0.00 62.63 29 02 321.83 4579 695 10.10 9.91 05 1574 11.82 0.72 7.61
300-399 1.4 1579 0.00  59.92 95 05 42225 4952 543 2048  20.37 35 2671 942 0.03 7.91
400-599 199 17.25 0.00 49.75 203 16 2850.15 7043 1155 1652 1574 6.0 2717 10.09 7.51 8.17
Classification By Year Of Service
11TH-15TH 29 0.00 0.00  90.91 15 0.4 165.02 3618 215  4.41 4.4 02 826 426 0.15 3.86
16TH-20TH 37 0.00 0.00 85.50 37 01 13210 2667 296 1327 13.2 07 1867 10.02 3.09 1.75
21ST-25TH 45 1199 0.00 67.17 30 01 188.95 38.30 3.31 5.41 5.35 06 1289  6.13 0.28 8.28
26TH-30TH 89  11.00 0.00  62.21 74 03 321.83 3799 423 1633 16.2 27 2709 867 234 1052
31ST-35TH 249 2175 0.00  47.79 241 20 2850.15 71.86 12.01 1809  17.42 74 2739 1127 5.92 9.00
36TH-40TH 54 12,05 0.00 66.48 57 0.1 16123 2171 302 1055 1048 10 16.87 12.13 0.11 8.47
46TH-50TH 25 2470 0.00  20.32 25 07 2148.48 23693 41.96 70.02 6532 16 5392 14.97 076  15.04
51ST-55TH 0.7 0.00 0.00  60.90 6 00 8965 1952 142 57.00  56.99 0.6 5953 648 0.09 5.79
Classification By Operating Factor
0-10 2.8  47.56 0.00 5.66 20 06 2148.48 279.38 7845 7845 7065 12 40.84 29.45 761 1195
11-20 57  57.32 0.00 1459 41 041 62253 32.04 1354 2282  19.14 1.5 2476 21.06 582 1421
21-30 38 3075 0.00  26.00 31 06 2850.15 17424 3544 3835  37.63 16 39.00 13.46 11.07  10.54
31-40 53  19.05 0.00 3551 54 04 1026.72 64.10 12.80 17.69  17.06 22 3511 14.87 652  18.85
41-50 39 1212 0.00 43.78 32 02 17663 5054 542 1294 1236 14 2855 558 512 13.31
51-60 3.1 3.16 0.00 56.28 52 03 37553 50.31 860 41.22  41.02 19 4679 13.24 275 7.18
61-70 42 3.11 0.00  65.12 49 04 32183 6339 809 18.83  18.65 15 2966  8.69 1.06 7.96
71-80 35 1.06 0.00 7494 46 02 32018 4194 592 2321 23.1 12 3077 1256 0.21 5.49
81-90 14.4 0.51 0.00 86.81 114 04 28345 3238 3.01 9.32 9.27 23 1540  8.10 1.00 5.01
91-100 5.9 0.23 0.00 9497 46 02 165.02 2960 261  4.04 4.02 03 429 776 0.25 0.00
All Units 53.5 1533 0.00 57.33 485 3.4 2,850.15 62.03 8.19 17.22 16.83 15.0 25.37 9.72 341 864
Canadian Electricity Association 46

ERIS — Generation Equipment Status Report 2009



2012 GRA DE-03 - DE-04 Appendix D Page 52 of 107

Fossil - Coal Units Table 6.2.6
External Causes Excluded, 2005 to 2009 Data
ABNOF OP FACTOR ICBF
50
100
40
30
< 10 < 50 S
20 Planned
—1 Maintenan...
=3 Forced
10
0 0 0
@ 0 © N~ ®© O QWO N~©O 59 6 8
0 0 5 7 9
Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
60-99 261  28.80 062 4299 227 27 3688.95 10290 15.48 2477 2353 71 2491 1235 0.39 9.49
100-199 77.0 6.22 0.00 7882 733 28 2894.31 3399 421 5.80 5.65 107 1350  10.03 1.12 7.27
200-299 145 9.21 0.00 7182 187 08 890.78 36.31 646 896 8.45 27 1790 1321 1.85 8.58
300-399 611 11.24 0.00 69.83 469 26 1774.03 4764 476 967 9.52 109 1655 852 0.31 7.28
400-599 99.3 8.74 0.00  66.01 1071 7.2 2978.43 5927 9.00 1426  13.86 261 2500 10.59 5.00 8.31
Classification By Year Of Service
6TH-10TH 1.0 0.00 0.00  92.08 300 37.16 1463 053  1.25 1.25 01 693 213 0.00 5.75
11TH-15TH 18.6 0.06 0.00  88.41 123 04 263.00 2963 236 359 2.88 21 1084 623 0.67 6.68
16TH-20TH 16.7 0.12 0.00  89.69 121 05 451.75 36.66 3.1 6.06 5.49 19 1085  7.29 0.87 3.85
21ST-25TH 39.9 3.58 0.00 75.86 380 2.0 2894.31 4719 566  7.26 5.2 71 1696  9.09 0.95 9.52
26TH-30TH 1084 12,02 0.00 68.13 1050 5.9 2978.43 4883 678 1161 9.76 231 2052 10.42 2.99 8.01
31ST-35TH 519 1454 0.00 58.85 547 39 2850.15 6290 979 15.02 12.4 137 2449 1181 433 8.09
36TH-40TH 234 7.48 0.00 7254 316 1.1 880.58 3134 524 905 8.1 3.8 1466 1356 0.70 6.16
41ST-45TH 41 47.60 0.00 19.58 28 07 3688.95 21474 3845 4187 2832 12 2843 1587 078 1025
46TH-50TH 134 2642 117 41.10 13 15 2148.48 11611 1624 2588  16.77 41 2736 11.30 028  11.03
51ST-55TH 0.7 0.00 0.00  60.90 6 00 89.65 1952 142 5700  56.38 0.6 5953 648 0.09 5.79
Classification By Operating Factor
0-10 147  61.71 1.18 5.60 7219 3688.95 22618 67.28 67.41  60.59 46 3095 24.92 228 1622
11-20 40 7235 0.00 2091 100 14153 1963 286  4.10 4.05 03 703 1075 0.09 6.03
21-30 03  16.92 0.00 24.01 21 041 220.65 4812 47.95 62.18 60.9 0.2 5247 104.00 3.84 0.00
31-40 6.6  50.48 0.00 3826 39 02 342.98 4601 731 1161 9.82 0.8 1203 11.93 0.76 6.29
41-50 192 2642 0.00 4429 247 15 2894.31 5205 1338 17.37 1574 53 2618 16.81 410 1216
51-60 235 1810 0.00 5488 190 1.8 2978.43 8274 1174 1683  16.54 6.9 2881 931 519 1228
61-70 58.5 3.75 0.00 6572 673 43 1270.65 5559 805 1452  14.28 173 2660 10.18 4.95 9.01
71-80 406 0.97 0.00 7564 440 26 860.06 51.01 624 1281 12.68 94 2086 10.26 0.96 6.92
81-90 78.1 0.23 0.00 86.62 760 3.0 1774.03 3502 404 682 6.73 106 1314 993 0.52 5.88
91-100 29.8 0.07 0.00 9265 234 07 45175 2793 259 336 3.31 22 734 789 0.53 3.51
All Units 278.0 10.61 0.06 68.38 2687 16.1 3,688.95 52.43 6.96 11.23 10.93 57.6 19.62 10.18 2.29 7.93
Canadian Electricity Association 47

ERIS — Generation Equipment Status Report 2009



2012 GRA DE-03 - DE-04 Appendix D Page 53 of 107

Fossil - Coal Units Table 6.2.7

Major Component Outage Code Report, 2005 to 2009

Major Componenent Contribution to Coal-Fired Fossil Unit ICbF based on 2005-2009 data.

Steam Turbine (11.65)

Heat Power Cycle (13.96)

Buildings and Structures (0.43)

Steam Generation Facilities (45.84) Generators (4.39)

Electrical Power System (5.18)

Conditions (2.41)
. Instrumentation and Control (13.88
Plant Aux. Processes and Services ( )
(2.26)
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Yars: 296.68
Overall Operating Factor: 73.04
FORCED FORCED SCHEDULED MAINTENANCE PLANNED CONTRIBUTION
OUTAGES  DERATINGS  DERATINGS OUTAGES OUTAGES TO UNIT

NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR  DAFOR

MAJOR COMPONENT OCC. (%) OCC. (%) OCC. (%) occ. (%)  OCC. (%) (%) (%) (%)
Buildings and Structures 3 0.00 1 0.00 2 0.00 9 003 4 0.02 0.05 0.01 0.01
Conditions 71 1.00 10482 543 211 1.07 6 089 8 1.02 5.93 0.16 1.25
Electrical Power System 142 022 231 0.11 39 0.02 37 011 14 0.08 0.47 0.24 0.27
Generators 109 063 245 019 72 0.04 38 0.18 12 0.27 1.18 0.72 0.78
Heat Power Cycle 285 079 2796 264 194  0.58 216 0.84 6 0.61 3.51 0.39 1.00
Instrumentation and Control 448  0.46 1491 1.05 416 0.23 41 0.20 9 0.33 1.62 0.41 0.56
Plant Aux. Processes and Services 52 022 554  0.44 283  0.22 19 0.0 10 0.40 117 0.20 0.28
Steam Generation Facilities 1039 526 19401 14.10 2194 3.79 359  3.51 184 8.22 25.85 3.79 6.32
Steam Turbine 303 1.1 634 138 1066  0.84 78 057 43 1.26 4.22 1.12 1.21
TOTAL (External Causes Included) 2452 969 35835 2534 4477  6.79 803  6.43 290 1221 44.00 7.04 1168
TOTAL (External Causes Excluded) 2386 9.31 25363 21.08 4266  6.10 798  5.94 282  11.89 40.23 742 1122
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Detail Component Outage Code Report, 2005 to 2009
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Table 6.2.8

Buildings and Structure
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Buildings and Structures ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Buildings and Structures

22000
23290

Powerhouse
Chimney

Buildings and Structures Total

Canadian Electricity Association

1 0.00 0 0.00
2 0.00 1 0.00
3 0.00 1 0.00

ERIS — Generation Equipment Status Report 2009

0 0.00 2 0.01
2 0.00 7 0.02
2 0.00 9 0.03

0 0.00 0.01 0.01
4 0.02 0.04 0.00

4 0.02 0.05 0.01
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Steam Generation
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Steam Generation Facilities ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Generation Facilities

31000 Steam Generator/HRSG 149 0.56 1283 0.86 414 0.35 67 0.63 171 5.92 7.67 0.68
31120 Primary Air Fans - Pulverized Fuel 17 0.15 1051 1.1 51 0.16 12 0.17 0 0.12 1.23 0.18
31130 Primary Air Fan Drives - Pulverized Fuel 2 0.01 32 0.03 0 0.01 0 0.01 0 0.01 0.03 0.01
31150 Air Heaters 31 0.10 227 0.28 10 0.05 34 0.16 0 0.05 0.46 0.13
31170  Primary Air Duct - Pulverized Fuel 6 0.01 32 0.03 3 0.01 1 0.01 0 0.00 0.04 0.01
31210 Coal Feeders (Gravimetric Or Volumetric) 5 0.15 2615 0.76 150 0.19 2 0.16 0 0.15 0.81 0.18
31220  Pulverized Fuel Burner Piping And Valves 5 0.07 592 0.35 32 0.09 7 0.07 0 0.07 0.38 0.08
31230 Oil Burner Piping And Valves 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
31240 Gas Burner Piping And Valves 5 0.00 9 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
31250 Pulverizers 15 0.83 5315 4.26 1111 1.77 4 0.83 0 0.82 5.20 0.84
31262  Pulverizer Motors 0 0.01 55 0.06 5 0.02 0 0.01 0 0.01 0.07 0.01
31270 Burners And Windboxes 10 0.01 35 0.04 5 0.00 2 0.01 0 0.00 0.06 0.01
31280 Igniters 8 0.01 108 0.04 0 0.01 5 0.01 0 0.01 0.05 0.02
31300 Sootblower Systems 1 0.02 149 0.14 4 0.02 0 0.02 2 0.05 0.17 0.03
31510 Steam Drum - Scrubbers,Separators, Etc. 7 0.00 8 0.01 0 0.00 0 0.00 1 0.04 0.05 0.00
31530 ::]Za,\r;‘uﬁegzﬁt)‘”g Tubes (Between Steam Drum 14 005 13 001 0 000 1 000 0 000 006 007
31540 Waterwalls 264 1.03 137 0.09 1 0.01 33 0.09 3 0.05 1.24 1.31
31550  Circulating Pumps 6 0.01 49 0.05 10 0.01 1 0.01 1 0.01 0.06 0.01
31560 Circulating Pumps Drives 2 0.01 153 0.08 1 0.01 4 0.02 0 0.01 0.10 0.01
31570 Safety Valves 15 0.05 304 0.36 98 0.08 9 0.04 0 0.03 0.45 0.05
31580 Water Gauges 2 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
31701  Superheater/High Pressure Section 152 0.53 240 0.11 53 0.10 12 0.06 1 0.05 0.75 0.67
31702 Reheater 62 0.33 65 0.06 0 0.01 9 0.05 0 0.01 0.41 0.42
31703  Economizer/Low Pressure Section 50 0.18 20 0.01 0 0.00 1 0.00 0 0.00 0.19 0.23
31810 Attemperation 2 0.01 50 0.04 3 0.01 3 0.01 0 0.01 0.05 0.01
31820 Burner Tilt 0 0.00 10 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
31832  Flue Gas-Recirculation Fans 3 0.02 67 0.07 3 0.01 4 0.03 0 0.01 0.10 0.03
31833  Recirculation Fans Variable Speed 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
31834  Flue Gas Recirculation Motors 0 0.00 11 0.02 0 0.00 1 0.01 0 0.00 0.03 0.00
32100  Forced Draft Ducts 2 0.00 4 0.00 3 0.01 1 0.00 0 0.00 0.01 0.00
32310 Forced Draft Fans 15 0.03 175 0.22 17 0.04 7 0.03 0 0.02 0.25 0.02
32320 Forced Draft Fan Variable Speed Coupling 3 0.01 12 0.01 0 0.00 0 0.00 0 0.00 0.01 0.01
32330 Forced Draft Fan Motors 3 0.01 25 0.04 1 0.01 1 0.01 0 0.01 0.04 0.02
32400  Induced Draft Flues 1 0.00 1 0.00 1 0.00 8 0.02 1 0.00 0.02 0.00
32510 Induced Draft Fans 40 0.16 1050 0.99 35 0.14 27 0.18 0 0.11 1.15 0.19
apsp0  puced Draft Fan Variable Speed Coupling 3 001 1 000 1 000 4 001 0 000 002 001
32530 Induced Draft Fan Motors 3 0.02 75 0.04 2 0.01 1 0.01 0 0.01 0.05 0.02
33100 Main Steam Piping 17 0.05 1 0.01 1 0.00 14 0.05 1 0.02 0.12 0.06
33200 Hot Reheat Piping 4 0.02 4 0.00 0 0.00 0 0.00 0 0.00 0.02 0.02
33300 Cold Reheat Piping 3 0.01 2 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
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Fossil - Coal Units Table 6.2.8
Detail Component Outage Code Report, 2005 t0 2009 Steam Generation
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Generation Facilities

34200 Boiler Blowdown System 2 0.00 27 0.01 0 0.00 1 0.00 0 0.00 0.02 0.00
34400 Boiler Drains System 2 0.00 1 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
34500 Boiler Boiling-Out, Alkaline Flushing 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
35110 Furnace Ash Removal System 39 0.21 904 0.62 19 0.18 12 0.18 1 0.17 0.71 0.26
35120  Pulverizer Pyrites Removal System 1 0.01 291 0.06 9 0.01 0 0.01 0 0.01 0.07 0.01
35130 Fly Ash Removal System - Dry Transportation 1 0.02 142 0.09 8 0.02 3 0.04 0 0.02 0.12 0.03
35140 Fly Ash Removal System - Wet 0 0.00 14 0.01 4 0.01 2 0.00 0 0.00 0.01 0.00
35210 Precipitators-Electrostatic 27 0.36 2780 2.59 36 0.29 54 0.43 1 0.30 2.89 0.45
35220 Precipitators-Mechanical 1 0.00 4 0.01 0 0.00 1 0.00 0 0.00 0.01 0.00
35230 Precipitators-Baghouse 0 0.00 7 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
36100 Coal Receiving Systems 0 0.01 63 0.03 7 0.01 1 0.01 0 0.01 0.04 0.01
36200 Coal Storage Systems 1 0.04 647 0.17 35 0.04 1 0.04 1 0.04 0.18 0.04
36300 Coal Handling Systems 24 0.13 393 0.24 34 0.09 2 0.07 0 0.07 0.32 0.15
36370 Coal Stacker/Reclaimer Machine 1 0.00 6 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
36400 Coal Processing Systems 0 0.00 22 0.01 2 0.00 0 0.00 0 0.00 0.02 0.00
37100 Fuel Oil Receiving Systems 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37300  Fuel Oil Transfer Systems 0 0.00 0 0.00 3 0.00 0 0.00 0 0.00 0.00 0.00
37400  Fuel Oil Forwarding Systems 2 0.00 3 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37500 Fuel Oil Boosting Systems 0 0.00 1 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
38000  Sulphur Oxides Removal System 9 0.01 37 0.02 20 0.01 4 0.01 0 0.00 0.04 0.01
38300 ISNY_EURNACE BED LIMESTONE INJECTION 0 0.00 1 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
38400 FLUID BED LIMESTONE INJECTION SYSTEM 0 0.00 62 0.04 0 0.00 0 0.00 0 0.00 0.04 0.01
Steam Generation Facilities Total 1039 5.26 19401 14.10 2194 3.79 359 3.51 184 8.22 25.85 6.32
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Steam Turbine
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Steam Turbine ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Turbine

41100  Turbine 126 0.68 331 1.03 191 0.14 38 0.27 37 0.89 275 0.83
41110 Cylinders 5 0.04 7 0.00 0 0.00 0 0.00 0 0.00 0.04 0.05
41120 Rotors 5 0.00 3 0.00 0 0.00 1 0.00 1 0.10 0.10 0.00
41121  Shaft Coupling Mechanism 1 0.00 0 0.00 0 0.00 0 0.00 1 0.01 0.02 0.00
41140  Crossover Piping 3 0.00 5 0.00 0 0.00 1 0.01 1 0.04 0.06 0.01
41150  Turning Gear 2 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41157  Turning Gear Motor 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41160 Valve Gear 36 0.09 86 0.08 51 0.03 15 0.08 0 0.02 0.21 0.11
41170  Bearings And Pedestals 26 0.03 59 0.03 1 0.01 4 0.04 1 0.05 0.12 0.03
41200  Lubricating Oil System 23 0.02 5 0.00 0 0.00 2 0.00 0 0.00 0.03 0.03
41500 Gland Seal System-Steam 10 0.03 2 0.00 1 0.00 5 0.01 1 0.00 0.05 0.04
41540  Gland Seal System-Water 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41600  Turbovisory 23 0.01 22 0.01 4 0.00 3 0.00 0 0.00 0.03 0.02
41700  Governing System 42 0.21 113 0.23 818 0.66 9 0.16 1 0.15 0.81 0.09
Steam Turbine Total 303 1.11 634 1.38 1066 0.84 78 0.57 43 1.26 4.22 1.21
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Generators
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Generators ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100  Generator 19 0.11 32 0.03 26 0.01 5 0.01 7 0.06 0.21 0.14
42110  Generator Rotor 2 0.02 2 0.00 10 0.00 0 0.00 3 0.13 0.15 0.02
42111  Generator Bearings 8 0.04 44 0.01 0 0.00 1 0.00 0 0.00 0.05 0.05
42112  Generator Hydrogen Seals 10 0.07 3 0.00 0 0.00 5 0.03 0 0.00 0.10 0.08
42114  Generator Collector And Brushes 2 0.00 5 0.01 2 0.00 2 0.00 0 0.00 0.01 0.00
42120  Generator Stator 4 0.08 15 0.01 1 0.00 0 0.00 1 0.05 0.13 0.10
42200  Excitation Systems Equipment 35 0.03 20 0.02 9 0.00 13 0.01 0 0.00 0.05 0.03
42300 Hydrogen Gas Cooling System 18 0.07 80 0.09 22 0.03 5 0.10 1 0.03 0.23 0.09
42400  Generator Liquid Cooling System 8 0.21 40 0.02 2 0.00 4 0.02 0 0.00 0.24 0.27
42500 Seal Oil System 3 0.00 4 0.00 0 0.00 3 0.01 0 0.00 0.01 0.00
Generators Total 109 0.63 245 0.19 72 0.04 38 0.18 12 0.27 1.18 0.78
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Heat Power Cycle
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Heat Power Cycle ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Heat Power Cycle

43090 Boiler Feedwater Piping And Supports 24 0.03 21 0.02 0 0.00 1 0.02 0 0.00 0.06 0.04
43100 High Pressure Feedwater Heaters And 33 0.09 350 0.42 8 0.06 27 0.11 2 0.08 0.57 0.12
43200 Boiler Feed Pumps And Auxiliaries 59 0.18 740 0.46 33 0.14 26 0.18 0 0.13 0.56 0.22
43260 Boiler Feed Pump Variable Speed Coupling 5 0.01 26 0.02 1 0.01 2 0.01 0 0.00 0.02 0.01
43300 Boiler Feed Pump Turbines & Auxiliaries 14 0.07 170 0.18 16 0.06 8 0.07 0 0.05 0.21 0.08
43400 Boiler Feed Pump Motors And Auxiliaries 9 0.05 59 0.15 2 0.05 0 0.05 0 0.05 0.15 0.07
44090 Condensate Piping And Supports 7 0.01 20 0.02 1 0.00 2 0.00 0 0.00 0.03 0.01
44110 Condensor 17 0.05 315 0.35 9 0.04 22 0.07 1 0.04 0.42 0.07
44120 Condensor Tubes 37 0.16 638 0.51 89 0.13 92 0.21 1 0.14 0.78 0.18
44200 Condensate Extraction Pumps And 1 0.07 218 0.27 22 0.07 7 0.07 0 0.06 0.30 0.09
44300 Condensate Extraction Pump Motors And 1 0.00 26 0.03 2 0.01 0 0.00 0 0.00 0.03 0.01
44400 Low Pressure Feedwater Heaters And 7 0.01 57 0.10 2 0.01 1 0.01 0 0.01 0.11 0.02
44500 Deaerator, Storage Tank, And Auxiliaries 21 0.03 35 0.02 2 0.00 9 0.03 2 0.05 0.12 0.04
45000  Air Extraction System 9 0.01 19 0.01 0 0.00 0 0.00 0 0.00 0.02 0.01
45090  Air Extraction System And Piping Support 1 0.00 4 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
45100  Air Extraction System Vacuum Pumps 9 0.00 20 0.00 1 0.00 1 0.00 0 0.00 0.01 0.00
45200 ﬁ'l:x'ﬁg:ﬁ;m“ System Vacuum Pump, Motor and 4 000 0 000 0 000 0 000 0 000 000 0.00
45300  Steam Air Ejectors 4 0.01 5 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
46100  Turbine Bypass System 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
47000 Condensate Make-up System 4 0.00 4 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48000 Feed Cycle Auxiliary Systems 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48100 Extraction Steam System 2 0.01 12 0.01 0 0.00 2 0.00 0 0.00 0.02 0.01
48200 Feedwater Heater Drains System 4 0.00 21 0.03 2 0.00 4 0.01 0 0.00 0.04 0.01
48400 Feedwater Heater Relief Valve, Vent 1 0.00 35 0.03 4 0.00 1 0.00 0 0.00 0.03 0.00
48500  Turbine And Piping Drains 1 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.01 0.00
Heat Power Cycle Total 285 0.79 2796 2.64 194 0.58 216 0.84 6 0.61 3.51 1.00
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Electrical Power Sys.
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Electrical Power System ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Electrical Power System

51100 Output System Generator Voltage Equipment 11 0.01 8 0.00 17 0.00 0 0.00 3 0.00 0.01 0.01
51120  Generator Power Transformers 34 0.07 58 0.04 5 0.01 2 0.01 1 0.01 0.11 0.09
51130 Switching Equipment-Generator Voltage 2 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
51133  Circuit Breakers-Generator Voltage 5 0.00 3 0.00 0 0.00 0 0.00 3 0.00 0.00 0.00
51136  Disconnect Switches-Generator Voltage 3 0.00 1 0.00 0 0.00 0 0.00 1 0.00 0.00 0.00
51150 Bus Duct, Bus, Cable 2 0.00 0 0.00 0 0.00 1 0.01 2 0.02 0.03 0.00
51151  Bus Duct Cooling System 0 0.00 4 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51170  Generator Neutral Grounding Equipment 6 0.00 5 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
52100 Generator Voltage Supply System 6 0.01 7 0.00 2 0.00 0 0.00 1 0.01 0.02 0.01
52120  Station Service Transformer 8 0.01 15 0.01 8 0.00 0 0.00 0 0.00 0.02 0.01
52130  Unit Service Transformer 9 0.01 36 0.02 1 0.00 8 0.01 0 0.00 0.04 0.01
52140  Exciter XFMR 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
53200 Station Service Power Distribution 46 0.10 89 0.04 6 0.01 18 0.07 2 0.03 0.22 0.13
55000 Direct Current Power Supplies 9 0.01 3 0.00 0 0.00 7 0.01 1 0.01 0.02 0.01
Electrical Power System Total 142 0.22 231 0.11 39 0.02 37 0.11 14 0.08 0.47 0.27
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Ins. and Control
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Instrumentation and Control ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Instrumentation and Control

63100 Steam Generator Controls 112 0.09 796 0.49 340 0.11 13 0.07 0 0.06 0.60 0.10

63200 Equipment Controls-Furnace Draft 9 0.02 169 0.19 4 0.02 0 0.02 0 0.02 0.19 0.03

63300 Primary Steam Instrumentation & Control 4 0.00 19 0.01 6 0.00 0 0.00 0 0.00 0.01 0.00

63400  Auxiliary Systems -Instrumentation and Control 5 0.00 9 0.01 3 0.00 2 0.00 0 0.00 0.01 0.00

63500 évj:tt:)lRemwa' Systems - Instrumentation and 0 000 6 000 0 000 0 000 0 000 000 0.00

63600 £ue) Coal Management - Instrumentation and 15 001 133 005 1 001 1 001 0 001 006 001

63700 Fuel Oil Management - Instrumentation 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00

pagop  Sulphur Oxide Removal System - 0 000 0 000 1 000 0 000 0 000 000 000
Instrumentation and Control

63900 Ignition Fuel,Fuel Gas, & Miscellaneous 21 0.01 16 0.01 1 0.00 0 0.00 1 0.01 0.02 0.01

64100 Steam Turbine And Auxiliaries - 51 0.03 47 0.05 14 0.01 16 0.02 0 0.01 0.08 0.03

6ag00  Senerator And Auxiiaries - Instrumentation and 31 007 59 009 12 004 1 004 2 014 023 009

64300 (B:‘;'r']f:o'lzeedwater System -Instrumentation and 60 003 88 005 4 001 2 o001 0 001 o007 0.04

64400 gg:ﬂirsa‘e System - Instrumentation and 9 002 20 001 1 000 0 000 0 000 003 0.02

paspp  Condensate Air Extraction System - 5 000 1 000 0 000 0 0.00 0 000 000 000
Instrumentation and Control

64700 Condensate Make-up system - Instrumentation 1 0.00 7 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
and Control

pagop | cedwater Heating Andiliary Systems - 4 001 28 004 0 001 0 001 0 001 004 001
Instrumentation and Control

g5100 Main Power Output Systems - Control and 18 0.01 12 001 2 000 1 000 3 000 002 0.01
Protection

65200 Station Ser\(lce Main Transformation - Control 7 0.00 5 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
and Protection

65300 Alternating Qurrent Power Distribution - Control 14 0.01 15 0.00 1 0.00 0 0.00 0 0.00 0.01 0.01
and Protection

65500 Direct (?urrent Power Distribution - Control and 15 0.01 1 0.00 0 0.00 1 0.00 0 0.00 0.01 0.02
Protection

65900 System Control Facilities 1 0.00 2 0.00 2 0.00 0 0.00 0 0.00 0.00 0.00

67000 iantAuwliary Processes And Services - 9 001 38 003 16 0.01 0o o001 0 001 004 0.01
Instrumentation and Control

69000 Computers 56 0.13 20 0.01 8 0.01 4 0.01 3 0.05 0.19 0.16

Instrumentation and Control Total 448 0.46 1491 1.05 416 0.23 41 0.20 9 0.33 1.62 0.56
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Auxiliary Processes
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Plant Aux. Processes and Services ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Plant Aux. Processes and Services

71000  Circulating Water Systems 7 0.03 68 0.03 10 0.01 4 0.01 0 0.00 0.07 0.03
71110 Travelling Water Screens 5 0.01 68 0.04 2 0.01 1 0.01 0 0.01 0.04 0.02
71120  Circulating Water Pumps 5 0.04 61 0.05 2 0.01 1 0.01 0 0.01 0.08 0.05
71127  Circulating Water Pump Motors 1 0.00 6 0.01 1 0.00 0 0.00 0 0.00 0.01 0.00
71140 8;2‘:';2:‘59 Water Main Butterfly Valves and 2 000 13 0.01 1 0.00 1 0.00 0 000 001 0.01
71190  Circulating Water Piping And Supports 1 0.00 13 0.01 2 0.00 2 0.00 1 0.00 0.01 0.00
71500 Circulating Water Screenwash System 0 0.00 4 0.00 1 0.00 1 0.00 0 0.00 0.00 0.00
71700  Circulating Water Cooling Towers 0 0.01 154 0.15 0 0.01 1 0.01 0 0.01 0.16 0.01
71800 Circulating Water Cooling Ponds 0 0.00 96 0.06 0 0.00 0 0.00 0 0.00 0.06 0.01
72000 Service Water Systems 3 0.04 8 0.00 1 0.00 4 0.02 2 0.07 0.13 0.05
72100  Service Water Low Pressure Open System 4 0.00 3 0.00 0 0.00 2 0.01 1 0.02 0.04 0.00
72800 Ash Transport Water Systems 1 0.05 15 0.05 0 0.02 0 0.02 0 0.02 0.09 0.06
73100  Auxiliary Steam And Condensate Systems 5 0.00 9 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
73200 Powerhouse Heating & Ventilating Systems 2 0.01 4 0.01 261 0.16 0 0.01 0 0.01 0.17 0.00
74000 Water Treatment Plant 9 0.03 15 0.01 0 0.00 1 0.00 4 0.15 0.18 0.04
75000 Compressed Air Systems 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
75110  Service Air System 1 0.00 1 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
75120  Instrument Air System 4 0.00 9 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
76000 Miscellaneous Services 1 0.00 0 0.00 2 0.00 0 0.00 2 0.10 0.11 0.00
78000  Fire Protection Systems 0 0.00 7 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
Plant Aux. Processes and Services Total 52 0.22 554 0.44 283 0.22 19 0.10 10 0.40 1.17 0.28
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Fossil - Coal Units Table 6.2.8

Detail Component Outage Code Report, 2005 to 2009 Conditions
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Conditions ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 64.00
Number of Unit Years: 296.68
Overall Operating Factor: 73.04
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
00500 Regulatory Bodies 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
01410 Poor Quality Fuel, Heat Content 8 0.46 3394 2.44 130 0.64 0 0.46 0 0.46 2.62 0.57
01420  Froblems - Primary Fuel for Units with 1 002 275 0.8 5 003 0 002 0 002 018 003
Secondary Fuel Op.
04200  Synchronous Condenser Operation 0 0.00 0 0.00 0 0.00 0 0.00 1 0.00 0.00 0.00
05200 Transmission Limitations 20 0.12 142 0.30 54 0.10 4 0.10 0 0.10 0.33 0.15
05201  Powerhouse Substation 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
05202 Transmission Line 3 0.00 3 0.00 0 0.00 0 0.00 0 0.00 0.01 0.00
07010  Site Environment, Storms, Floods 5 0.00 24 0.01 3 0.00 0 0.00 0 0.00 0.01 0.01
07110 Nitrous Oxides - Environmental Restriction 0 0.00 5 0.00 3 0.00 0 0.00 0 0.00 0.00 0.00
07120  Sulphur Dioxide - Environmental 4 0.03 698 0.14 2 0.03 0 0.03 0 0.03 0.14 0.04
07130 Particulates - Environmental Restriction 5 0.20 5661 2.06 3 0.19 0 0.19 0 0.19 2.06 0.25
07210 Cooling Water Discharge - Thermal Effects 4 0.08 213 0.26 4 0.07 0 0.07 0 0.07 0.27 0.10
07220  Liquid And Chemical Effluents 0 0.00 0 0.00 0 0.00 1 0.00 1 0.00 0.01 0.00
07230  Solid Waste Effluents 0 0.00 3 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
08160  Fire, General 5 0.07 12 0.00 0 0.00 0 0.00 0 0.00 0.07 0.08
08940  Labour Troubles 1 0.00 0 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
99999  Other 14 0.02 50 0.04 6 0.01 1 0.02 6 0.15 0.23 0.02
Conditions Total 71 1.00 10482 5.43 211 1.07 6 0.89 8 1.02 5.93 1.25
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Fossil - Qil Units Table 6.2.9
External Causes Excluded, 2009 Data
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- 26TH-30TH 31ST-35TH 41ST-45TH
MCR Age
Unit ABNOF SynCD OoP No. Total Maximum Mean FOR DAFOR DAUFOP Total EQ. ICBF Fail MOF POF
years (%)  Factor  Factor Forced F.O.T. F.O.D. F.OD. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages (A) (H) (H) (A)
Classification By MCR (MW)
60-99 1.0 6.49 0.00 47.46 5 03 1927.08 47542 36.38 37.65  37.65 05 4699  6.32 13.14 5.77
100-199 6.0 9.19 7.83  59.59 30 04 1781.35 131.35 1114  13.02  12.69 20 3261 643 105 2245
200-299 0.0 0.00 0.00 0.00 0 00 000 000 000 0.0 0.00 00 000 0.00 0.00 0.00
300-399 0.0 0.00 0.00 0.00 0 00 000 000 000 0.0 0.00 00 000  0.00 0.00 0.00
400-599 30 7125 0.00 6.07 10 00 10432 1164 6.80  7.98 6.80 0.7 2226 16.46 325 1841
Classification By Year Of Service
26TH-30TH 10 1898 4699  33.63 4 00 17650 59.07 720  7.45 7.15 05 4635 595 333 4022
31ST-35TH 80 3124 0.00 4277 36 04 1781.35 106.13 11.30 13.30  12.98 22 2701 7.1 159  18.71
41ST-45TH 1.0 6.49 0.00  47.46 5 03 1927.08 47542 36.38 37.65  37.65 05 4699  6.32 13.14 5.77
Classification By Operating Factor
0-10 30 7125 0.00 6.07 10 00 10432 1164 680  7.98 7.08 0.7 2226 16.46 325 1841
31-40 10 1898 4699 3363 4 00 176,50 59.07 7.20  7.45 7.15 05 4635 595 333  40.22
41-50 1.0 6.49 0.00 47.46 5 03 1927.08 47542 36.38 37.65  37.65 05 4699  6.32 13.14 5.77
51-60 20 15.05 0.00 53.89 12 041 85525 99.79 1126 1544  14.86 07 3391 742 034 2388
61-70 1.0 458 0.00 6190 2 00 104.98 5426 1.96 226 2.25 03 3370 323 077 3151
71-80 1.0 1.47 0.00 7284 6 02 1781.35 311.67 22.66 2268  22.54 03 2571 824 1.54 2.81
81-90 1.0 0.00 0.00 8142 6 041 35033 88.02 6.838  9.38 9.16 02 2211  6.14 0.00 1238
All Units 10.0 27.54 4.70 42.32 45 0.7 1,927.08 142.98 14.75 16.50 15.96 3.1 30.94 6.85 2.92 19.57
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Fossil - Qil Units Table 6.2.10
External Causes Excluded, 2005 to 2009 Data
ABNOF OP FACTOR ICBF
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Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
60-99 50 35.88 0.00 4292 15 03 1927.08 17476 1223 1262  12.27 11 2139 559 321 12.01
100-199 292  14.92 511  56.41 181 1.3 1781.35 6359 7.09 978 9.56 86 2893 902 235 2027
200-299 0.0 0.00 0.00 0.00 0 00 0.00 0.00 000  0.00 0.00 00 000 000 0.00 0.00
300-399 0.0 0.00 0.00 0.00 0 00 0.00 0.00 000  0.00 0.00 00 000 000 0.00 0.00
400-599 149  70.25 0.00  10.11 55 02 480.03 31.32 11.36 12.68  11.62 29 1930 1246 308 1464
Classification By Year Of Service
21ST-25TH 09 1670 1169  48.52 8 00 32.60 16.52 248  9.68 7.72 03 2676 11.86 202 18.01
26TH-30TH 283 3289 489 4120 165 0.8 878.76 4073 593 887 8.58 74 2595 1057 270 19.11
31ST-35TH 15.0 3576 0.00 39.72 63 07 1781.35 10127 10.87 1230  12.02 38 2514 654 244  17.00
36TH-40TH 10 3643 0.00  48.00 100 13.38 1338 032  0.32 0.3 02 1557  2.08 0.88  14.54
41ST-45TH 40 3574 0.00 41.65 14 03 1927.08 18629 1515 1563  15.36 09 2284 660 379 1138

Classification By Operating Factor

0-10 14.9 70.25 0.00 10.11 55 0.2 480.03 31.32 11.36 12.68 11.6 29 19.30 12.46 3.08 14.64
31-40 55 18.91 26.70 38.73 28 0.1 177.62 28.86 3.80 7.05 6.46 24 41.33 9.10 3.35 34.70
41-50 14.8 20.33 0.00 47.73 81 1.0 1927.08 107.04 11.88 16.06 15.59 5.0 33.26 8.65 1.87 22.28
51-60 5.0 26.71 0.00 57.01 10 0.0 104.98 21.04 0.84 0.90 09 0.8 16.31 3.51 2.91 12.87
61-70 4.9 15.26 0.00 65.44 23 0.3 1781.35 121.89 8.60 9.1 9.06 0.9 17.05 5.50 3.97 6.29
81-90 4.0 0.00 0.00 85.17 54 0.2 350.33 30.36 5.18 6.81 6.59 0.7 16.29 15.54 1.07 8.61
A” Units 49.1 33.73 3.05 41.07 251 1.8 1,927.08 63.16 7.97 10.31 9.99 12.6 25.26 8.91 2.66 17.74
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Fossil - Oil Units Table 6.2.11

Major Component Outage Code Report, 2005 to 2009

Major Componenent Contribution to Oil-Fired Fossil Unit ICbF based on 2005-2009 data.

Steam Turbine (17.30)

Heat Power Cycle (14.33)

Buildings and Structures (2.16)

Steam Generation Facilities (39.45) Generators (4.37)

Electrical Power System (6.99)

Instrumentation and Control (7.07)

Conditions (5.02) Plant Aux. Processes and Services
(3.32)
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Yars: 53.71
Overall Operating Factor: 41.30
FORCED FORCED SCHEDULED MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT

NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR  DAFOR

MAJOR COMPONENT OCC. (%) OCC. (%) OCC. (%) occ. (%)  OCC. (%) (%) (%) (%)
Buildings and Structures 0 0.00 0 0.00 0 0.0 8 005 3 0.14 0.19 0.00 0.00
Conditions 15 0.76 18 0.31 6 006 10  0.09 0 0.05 1.08 1.57 1.67
Electrical Power System 14 053 3 0.00 0 0.0 14 0.10 7 0.10 0.74 1.19 1.18
Generators 16 0.74 5 001 25  0.01 4 029 3 1.07 2.08 1.59 1.59
Heat Power Cycle 30 033 63 077 12 019 39 067 3 1.14 2.54 0.40 0.66
Instrumentation and Control 37 01 37 015 10  0.08 1 005 1 0.06 0.26 0.14 0.22
Plant Aux. Processes and Services 6 0.09 23 071 3 008 11 026 2 0.18 1.03 0.04 0.22
Steam Generation Facilities 78 223 240 441 38 1.10 72 1.81 46 10.63 16.68 2.94 4.66
Steam Turbine 45 081 35 014 25  0.06 18 0.63 27 5.61 7.08 1.69 1.76
TOTAL (External Causes Included) 241 560 424 6.50 19 158 177 3.95 92  18.98 31.68 956  11.96
TOTAL (External Causes Excluded) 227 493 410  6.31 113 1.59 169  3.91 92 19.19 30.95 8.14 10.52
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Table 6.2.12

Building and Structure
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Buildings and Structures ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Buildings and Structures
23290 Chimney 0 0.00 0 0.00 0 0.00 8 0.05 3 0.14 0.19 0.00
Buildings and Structures Total 0 0.00 o] 0.00 o] 0.00 8 0.05 3 0.14  0.19 0.00
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Steam Generation
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Steam Generation Facilities ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Generation Facilities

31000 Steam Generator/HRSG 14 0.27 38 0.51 1 0.12 4 0.17 40 9.03 9.63 0.59
31150 Air Heaters 2 0.13 31 1.01 0 0.11 24 0.35 0 0.11 1.26 0.28
31220 Pulverized Fuel Burner Piping And Valves 0 0.00 7 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
31270 Burners And Windboxes 3 0.02 3 0.05 1 0.01 0 0.01 0 0.01 0.06 0.04
31280 Igniters 2 0.00 4 0.01 0 0.00 0 0.00 0 0.00 0.01 0.01
31300 Sootblower Systems 0 0.00 2 0.01 0 0.00 2 0.02 0 0.00 0.03 0.00
31530 asﬁa,\’;‘ucc';e[;‘zﬁt)'”g Tubes (Between Steam Drum 2 006 1 043 0 004 4 o012 0 004 024 012
31540 Waterwalls 8 0.23 0 0.00 0 0.00 13 0.26 0 0.00 0.49 0.51
31550 Circulating Pumps 0 0.04 1 0.16 0 0.04 0 0.04 0 0.04 0.16 0.10
31570  Safety Valves 2 0.28 8 0.36 20 0.28 2 0.10 0 0.09 0.74 0.44
31580 Water Gauges 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
31701  Superheater/High Pressure Section 8 0.20 2 0.00 0 0.00 2 0.07 1 0.28 0.54 0.43
31702 Reheater 9 0.19 1 0.00 1 0.00 1 0.01 1 0.06 0.26 0.41
31703  Economizer/Low Pressure Section 2 0.03 0 0.00 0 0.00 2 0.01 0 0.00 0.04 0.06
31810  Attemperation 0 0.01 8 0.02 1 0.01 2 0.04 0 0.01 0.05 0.01
31832  Flue Gas-Recirculation Fans 1 0.09 0 0.00 0 0.00 0 0.00 0 0.00 0.09 0.20
32100 Forced Draft Ducts 0 0.04 1 0.72 0 0.04 3 0.05 0 0.04 0.73 0.09
32310 Forced Draft Fans 13 0.56 21 0.93 1 0.37 3 0.38 0 0.37 1.13 1.22
32330 Forced Draft Fan Motors 0 0.01 1 0.04 1 0.02 0 0.01 0 0.01 0.05 0.00
32400  Induced Draft Flues 0 0.00 0 0.00 0 0.00 2 0.04 0 0.00 0.04 0.00
32510 Induced Draft Fans 4 0.03 13 0.19 2 0.03 1 0.03 0 0.02 0.21 0.05
32530 Induced Draft Fan Motors 0 0.01 66 0.26 0 0.01 0 0.01 0 0.01 0.26 0.02
33100 Main Steam Piping 1 0.02 0 0.00 0 0.00 0 0.00 0 0.00 0.02 0.04
34100 Furnace And Water Gauge Television 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
34400 Boiler Drains System 1 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.01
35130 Fly Ash Removal System - Dry Transportation 0 0.00 0 0.00 0 0.00 2 0.06 0 0.00 0.06 0.00
35140  Fly Ash Removal System - Wet 0 0.00 0 0.00 6 0.02 3 0.01 0 0.00 0.03 0.00
35210 Precipitators-Electrostatic 0 0.00 0 0.00 0 0.00 0 0.00 1 0.15 0.15 0.00
35220 Precipitators-Mechanical 0 0.00 0 0.00 0 0.00 0 0.00 1 0.29 0.29 0.00
36100 Coal Receiving Systems 1 0.00 7 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
37300 Fuel Oil Transfer Systems 0 0.00 0 0.00 3 0.00 0 0.00 2 0.07 0.07 0.00
37400 Fuel Oil Forwarding Systems 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37500  Fuel Oil Boosting Systems 2 0.01 2 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
37600 Fuel Oil Heating Systems 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
38000  Sulphur Oxides Removal System 2 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
Steam Generation Facilities Total 78 2.23 240 4.41 38 1.10 72 1.81 46 10.63 16.68 4.66
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Steam Turbine
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Steam Turbine ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Turbine

41100  Turbine 14 0.51 26 0.02 21 0.03 3 0.07 20 3.70 4.27 1.09
41120 Rotors 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
41121  Shaft Coupling Mechanism 1 0.01 0 0.00 0 0.00 4 0.24 6 1.60 1.85 0.02
41140 Crossover Piping 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41150  Turning Gear 2 0.06 0 0.00 0 0.00 0 0.00 0 0.00 0.06 0.13
41160 Valve Gear 5 0.05 1 0.00 2 0.00 6 0.23 0 0.00 0.29 0.11
41170 Bearings And Pedestals 2 0.03 1 0.08 0 0.02 0 0.02 0 0.02 0.09 0.06
41200  Lubricating Oil System 4 0.02 2 0.03 0 0.01 2 0.05 0 0.01 0.08 0.05
41500 Gland Seal System-Steam 1 0.04 0 0.00 0 0.00 2 0.01 1 0.28 0.33 0.09
41600  Turbovisory 10 0.05 3 0.00 2 0.00 0 0.00 0 0.00 0.05 0.11
41700  Governing System 6 0.04 1 0.01 0 0.00 0 0.00 0 0.00 0.05 0.10
Steam Turbine Total 45 0.81 35 0.14 25 0.06 18 0.63 27 5.61 7.08 1.76
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Generators

1
ES
L
o
Q
0-
FO FD SD MO PO
Generators ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100  Generator 2 0.04 2 0.00 1 0.00 0 0.00 0 0.00 0.04 0.09
42110  Generator Rotor 8 0.65 0 0.00 5 0.00 1 0.24 3 1.06 1.94 1.42
42114  Generator Collector And Brushes 0 0.00 0 0.00 0 0.00 1 0.03 0 0.00 0.03 0.00
42120  Generator Stator 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
42200 Excitation Systems Equipment 5 0.04 1 0.01 19 0.01 1 0.01 0 0.01 0.05 0.07
42300 Hydrogen Gas Cooling System 1 0.01 0 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
42400  Generator Liquid Cooling System 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
42500  Seal Oil System 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
Generators Total 16 0.74 5 0.01 25 0.01 4 0.29 3 1.07 2.08 1.59
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Heat Power Cycle
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Heat Power Cycle ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Heat Power Cycle

43090 Boiler Feedwater Piping And Supports 3 0.04 4 0.01 0 0.00 1 0.01 0 0.00 0.05 0.08
43100 High Pressure Feedwater Heaters And 4 0.05 9 0.15 2 0.04 4 0.05 1 0.27 0.47 0.10
43200 Boiler Feed Pumps And Auxiliaries 6 0.11 15 0.14 1 0.07 7 0.11 0 0.06 0.26 0.21
43260 Boiler Feed Pump Variable Speed Coupling 0 0.00 0 0.00 1 0.01 0 0.00 0 0.00 0.01 0.00
43300 Boiler Feed Pump Turbines & Auxiliaries 0 0.01 5 0.02 1 0.01 0 0.01 0 0.01 0.03 0.02
43400 Boiler Feed Pump Motors And Auxiliaries 2 0.05 4 0.03 0 0.01 2 0.04 0 0.01 0.10 0.1
44090 Condensate Piping And Supports 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
44110 Condensor 4 0.01 1 0.01 3 0.02 0 0.01 2 0.76 0.77 0.01
44120  Condensor Tubes 2 0.04 18 0.39 3 0.03 20 0.29 0 0.03 0.66 0.08
44200 Condensate Extraction Pumps And 1 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
44300 Condensate Extraction Pump Motors And 0 0.00 2 0.02 0 0.00 0 0.00 0 0.00 0.02 0.01
44500 Deaerator, Storage Tank, And Auxiliaries 3 0.02 1 0.00 0 0.00 4 0.06 0 0.00 0.07 0.03
45000  Air Extraction System 4 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48100 Extraction Steam System 0 0.00 0 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
48500  Turbine And Piping Drains 1 0.00 0 0.00 0 0.00 1 0.09 0 0.00 0.10 0.01
Heat Power Cycle Total 30 0.33 63 0.77 12 0.19 39 0.67 3 1.14 2.54 0.66
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Electrical Power Sys.
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Electrical Power System ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Electrical Power System

51120  Generator Power Transformers 3 0.10 1 0.00 0 0.00 7 0.03 6 0.07 0.20 0.22
51130 Switching Equipment-Generator Voltage 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51133  Circuit Breakers-Generator Voltage 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
51170  Generator Neutral Grounding Equipment 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
52100 Generator Voltage Supply System 1 0.41 0 0.00 0 0.00 0 0.00 0 0.00 0.41 0.89
52130  Unit Service Transformer 1 0.00 0 0.00 0 0.00 2 0.04 0 0.00 0.05 0.01
52140  Exciter XFMR 2 0.02 0 0.00 0 0.00 0 0.00 0 0.00 0.02 0.05
53200 Station Service Power Distribution 4 0.00 1 0.00 0 0.00 3 0.01 0 0.00 0.02 0.01
55000 Direct Current Power Supplies 1 0.00 1 0.00 0 0.00 1 0.02 1 0.03 0.04 0.00
Electrical Power System Total 14 0.53 3 0.00 (0] 0.00 14 0.10 7 0.10 0.74 1.18
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Ins. and Control
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Instrumentation and Control ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Instrumentation and Control

63100 Steam Generator Controls 12 0.02 20 0.05 1 0.01 0 0.01 0 0.01 0.06 0.04
63300 Primary Steam Instrumentation & Control 1 0.00 0 0.00 1 0.00 0 0.00 0 0.00 0.00 0.00
63700 Fuel Oil Management - Instrumentation 1 0.02 4 0.07 0 0.02 0 0.02 0 0.02 0.07 0.04
63900 Ignition Fuel,Fuel Gas, & Miscellaneous 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
64100 Steam Turbine And Auxiliaries - 7 0.01 3 0.00 0 0.00 0 0.00 0 0.00 0.01 0.03
64200 ggr’:ﬁ;altor And Auwiliaries - Instrumentation and 1000 0 000 0 000 1 000 0 000 000 0.00
64210  Supervisory Control & Data Acquisition 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
64300 gg‘;f:;eedwater System -Instrumentation and 5 001 2 000 0 000 0 000 0 000 002 0.03
pagop  eedwater Heating Anciliary Systems - 0 000 1 000 0 000 0 000 0 000 000 000
Instrumentation and Control
g5100 ain Power Output Systems - Control and 1 001 0 000 0 000 0 000 0 000 001 0.02
Protection
65500 Direct C_)urrent Power Distribution - Control and 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
Protection
69000 Computers 6 0.04 7 0.03 8 0.05 0 0.02 1 0.03 0.09 0.06
Instrumentation and Control Total 37 0.11 37 0.15 10 0.08 1 0.05 1 0.06 0.26 0.22
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Auxiliary Processes
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Plant Aux. Processes and Services ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Plant Aux. Processes and Services

71000  Circulating Water Systems 1 0.00 1 0.00 1 0.00 4 0.06 1 0.05 0.12 0.00
71110 Travelling Water Screens 0 0.00 2 0.00 0 0.00 1 0.05 0 0.00 0.05 0.00
71120  Circulating Water Pumps 1 0.00 1 0.00 1 0.00 0 0.00 0 0.00 0.01 0.01
71127  Circulating Water Pump Motors 0 0.08 15 0.70 0 0.08 0 0.08 0 0.08 0.70 0.18
71140 8';2?52?3 Water Main Butterfly Valves and 1 000 0 000 0 000 0 000 0 000 000 0.01
71190  Circulating Water Piping And Supports 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
72100  Service Water Low Pressure Open System 1 0.01 0 0.00 0 0.00 1 0.00 0 0.00 0.01 0.02
73000 Heating, Ventilating, And Air 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
73100  Auxiliary Steam And Condensate Systems 0 0.00 1 0.01 1 0.00 0 0.00 0 0.00 0.01 0.00
73200 Powerhouse Heating & Ventilating Systems 0 0.00 0 0.00 0 0.00 2 0.06 0 0.00 0.06 0.00
74000 Water Treatment Plant 2 0.00 1 0.00 0 0.00 0 0.00 1 0.05 0.06 0.00
75000 Compressed Air Systems 0 0.00 0 0.00 0 0.00 2 0.01 0 0.00 0.01 0.00
78000 Fire Protection Systems 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
Plant Aux. Processes and Services Total 6 0.09 23 0.71 3 0.08 11 0.26 2 0.18 1.03 0.22
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Fossil - Oil Units Table 6.2.12

Detail Component Outage Code Report, 2005 to 2009 Conditions
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Conditions ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 53.71
Overall Operating Factor: 41.30
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
01410  Poor Quality Fuel, Heat Content 0 0.00 1 0.00 0 0.00 1 0.00 0 0.00 0.01 0.00
05200 Transmission Limitations 4 0.03 2 0.00 0 0.00 7 0.02 0 0.00 0.05 0.07
07010 Site Environment, Storms, Floods 4 0.34 15 0.31 6 0.06 1 0.07 0 0.05 0.63 0.73
07120  Sulphur Dioxide - Environmental 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
07130 Particulates - Environmental Restriction 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
08160 Fire, General 1 0.03 0 0.00 0 0.00 0 0.00 0 0.00 0.03 0.07
08910  Staff Shortage 2 0.10 0 0.00 0 0.00 0 0.00 0 0.00 0.10 0.22
99999  Other 3 0.26 0 0.00 0 0.00 0 0.00 0 0.00 0.26 0.58
Conditions Total 15 0.76 18 0.31 6 0.06 10 0.09 [0} 0.05 1.08 1.67
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Fossil — Natural Gas Table 6.2.13

External Causes Excluded, 2009 Data
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Unit ABNOF  SynCD OP No. Total Maximum  Mean FOR DAFOR DAUFOP Total EQ. ICBF Fail MOF POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.OD. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
60-99 20 17.66 0.00  32.76 2 00 793 434 015 3.84 2.57 14 6776  3.06 344 46.09
100-199 6.9 7260 2.44 7.53 6 0.1 721.77 126.98 1415  26.62 14.08 14 19.83 11.39 142 15.71
200-299 0.0 0.00 0.00 0.00 0 00 0.00  0.00 0.00 0.00 0.00 00 000  0.00 0.00 0.00
300-399 0.0 0.00 0.00 0.00 0 00 0.00  0.00 0.00 0.00 0.00 00 000  0.00 0.00 0.00
400-599 0.0 0.00 0.00 0.00 0 00 0.00  0.00 0.00 0.00 0.00 00 000  0.00 0.00 0.00
Classification By Year Of Service
31ST-35TH 59 7435 2.85 4.10 6 01 72177 12698 26.04 4396  19.55 13 2150 2440 0.02 1833
36TH-40TH 1.0 6210 0.00 28.09 0 00 0.00  0.00 0.00 0.00 0 0.1 9.81 0.00 9.81 0.00
46TH-50TH 1.0 3.17 0.00 1.88 0 00 0.00  0.00 0.00 0.00 0 09 9670  0.00 0.00 9495
51ST-55TH 10 3133 0.00 61.89 2 00 793 434 0.16 3.95 2.64 04 4046  3.15 6.68 0.00
Classification By Operating Factor
0-10 20 57.40 0.00 7.58 6 01 72177 12698 36.46 43.89  28.65 07 3592 39.59 0.00  30.20
61-70 1.0 3133 0.00  61.89 2 00 793 434 016 3.95 2.64 04 4046  3.15 6.68 0.00
All Units 89 6042 190 13.12 8 0.1 721.77 96.32 6.93 15.64 8.42 2.7 3046 6.78 1.87 22.44
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Fossil — Natural Gas Table 6.2.14
External Causes Excluded, 2005 to 2009 Data
ABNOF OP FACTOR ICBF
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Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
60-99 19.0  60.29 0.00 23.79 19 04 1737.25 17128 758 1218  11.81 37 1946  3.76 8.12 5.81
100-199 385 6583 1114  18.39 37 06 1868.38 14934 814  10.72 8.10 63 1621  3.66 198  11.77
200-299 0.0 0.00 0.00 0.00 0 00 0.00 0.00 000  0.00 0.00 00 000 000 0.00 0.00
300-399 0.0 0.00 0.00 0.00 0 00 0.00 0.00 000  0.00 0.00 00 000 000 0.00 0.00
400-599 0.0 0.00 0.00 0.00 0 00 0.00 0.00 000  0.00 0.00 00 000 000 0.00 0.00
Classification By Year Of Service
26TH-30TH 31.0 7698 11.68  14.86 23 05 1868.38 17197 892 919 7.9 26 829 282 1.18 5.37
31ST-35TH 146 65.10 470  11.20 15 0.2 786.22 10475 9.83  19.17 8.5 36 2456 852 147 2025
36TH-40TH 20 47.38 0.00  43.50 100 0.03 0.03 000  0.00 0 02 911 115 9.11 0.00
46TH-50TH 9.0  24.82 0.00 43.21 15 04 1737.25 216.31 871 1344 1324 32 3563 335 16.42  11.36
51ST-55TH 10 3133 0.00 61.89 2 00 7.93 434 016 395 2.64 04 4046  3.15 6.68 0.00
Classification By Operating Factor
0-10 229 8185 0.00 6.02 24 04 1868.38 15224 2319 2506  22.13 28 1225 1158 1.58 8.43
11-20 50 7177 208 1551 4 00 142.58 3947 226 10.14 2.23 07 13.83 258 048 1159
21-30 48 5523 3363 2872 3 00 50.78 2197 054 054 0.54 08 1573 2.6 0.03  14.56
31-40 99 4459 1658  35.68 8 02 1630.08 206.12 506  7.79 5.18 21 2076  1.98 382 1393
41-50 10.0 2548 0.00 4513 17 04 1737.25 19137 760 1219  11.87 36 3612 332 1542 10.19
All Units 57.5 64.01 7.47 20.17 56 1.0 1,868.38 156.78 7.93 11.27 9.54 10.0 17.28 3.70 4.00 9.80
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Fossil - Natural Gas Table 6.2.15

Major Component Outage Code Report, 2005 to 2009 Data

Major Componenent Contribution to Natural Gas-Fired Fossil Unit ICbF based on 2005-2009 data.

Steam Generation Facilities (22.73)

Steam Turbine (10.10)

Heat Power Cycle (14.54)
Conditions (11.97)

Plant Aux. Processes and Services
(7.52)

Generators (20.59)

Electrical Power System (3.06)
Instrumentation and Control (9.49)

UNIT STATISTICS

Number of Units: 16.00
Number of Unit Yars: 61.67
Overall Operating Factor: 20.17
FORCED FORCED SCHEDULED  MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT

NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR  DAFOR

MAJOR COMPONENT OCC. (%) OCC. (%) OCC. (%) occ. (%)  OCC. (%) (%) (%) (%)
Conditions 4 002 0 0.0 6  0.01 16 0.07 17 0.17 0.28 0.08 0.08
Electrical Power System 5 0.00 0 0.0 0 0.00 3 0.00 1 0.01 0.01 0.02 0.02
Generators 6 067 1 0.00 0  0.00 3 0.83 14 0.83 2.33 3.06 3.01
Heat Power Cycle 8 044 24 072 7 056 25 085 5 0.53 1.98 0.69 1.55
Instrumentation and Control 19  0.06 13 0.09 0 002 8 0.08 0 0.02 0.19 0.17 0.26
Plant Aux. Processes and Services 0 0.00 3 001 0 0.00 10 024 11 0.80 1.05 0.00 0.03
Steam Generation Facilities 8 1.90 118 3.60 101 3.19 21 1.98 32 5.93 11.27 2.56 5.00
Steam Turbine 5 039 2 008 11 1.20 12 175 8 3.39 6.48 1.43 1.41
TOTAL (External Causes Included) 55 348 161 4.50 125 498 131 5.80 88  11.68 23.59 8.01 11.36
TOTAL (External Causes Excluded) 54 348 161 453 119  5.00 118 575 72 1157 23.38 793 1128
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Table 6.2.16

Steam Generation Fac.

0-
FO FD SD MO PO
Steam Generation Facilities ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS

Number of Units: 16.00

Number of Unit Years: 61.67

Overall Operating Factor: 20.17

Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Generation Facilities
31000 Steam Generator/HRSG 5 1.17 113 3.08 97 3.01 14 1.46 25 4.69 8.76 1.73
31240  Gas Burner Piping And Valves 0 0.00 1 0.00 0 0.00 1 0.01 7 1.07 1.08 0.00
31270 Burners And Windboxes 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
31510 Steam Drum - Scrubbers,Separators, Etc. 0 0.00 0 0.00 0 0.00 1 0.03 0 0.00 0.03 0.00
31540 Waterwalls 0 0.00 0 0.00 0 0.00 2 0.08 0 0.00 0.08 0.00
31570  Safety Valves 0 0.00 0 0.00 4 0.01 0 0.00 0 0.00 0.01 0.00
31701  Superheater/High Pressure Section 1 0.37 0 0.00 0 0.00 0 0.00 0 0.00 0.37 1.66
31703  Economizer/Low Pressure Section 1 0.03 0 0.00 0 0.00 0 0.00 0 0.00 0.03 0.12
32310 Forced Draft Fans 0 0.17 2 0.52 0 0.17 0 0.17 0 0.17 0.52 0.78
32510 Induced Draft Fans 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
33100 Main Steam Piping 0 0.16 0 0.00 0 0.00 0 0.00 0 0.00 0.16 0.70
33600 High Pressure Steam Piping 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
38000  Sulphur Oxides Removal System 0 0.00 0 0.00 0 0.00 2 0.22 0 0.00 0.22 0.00
Steam Generation Facilities Total 8 1.90 118 3.60 101 3.19 21 1.98 32 5.93 11.27 5.00
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Steam Turbine
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Steam Turbine ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Steam Turbine

41100  Turbine 0 0.08 0 0.08 1 1.20 3 1.47 8 3.39 5.89 0.00
41120 Rotors 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41130 Blades 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
41150  Turning Gear 0 0.00 0 0.00 0 0.00 1 0.04 0 0.00 0.04 0.00
41160 Valve Gear 0 0.00 0 0.00 0 0.00 1 0.09 0 0.00 0.09 0.00
41170  Bearings And Pedestals 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
41200  Lubricating Oil System 1 0.03 0 0.00 0 0.00 3 0.07 0 0.00 0.10 0.13
41540  Gland Seal System-Water 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
41600  Turbovisory 2 0.28 0 0.00 0 0.00 0 0.00 0 0.00 0.28 1.27
41700  Governing System 0 0.00 0 0.00 0 0.00 3 0.07 0 0.00 0.07 0.00
Steam Turbine Total 5 0.39 2 0.08 11 1.20 12 1.75 8 3.39 6.48 1.41
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Generators
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Generators ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100  Generator 1 0.00 1 0.00 0 0.00 1 0.01 4 0.60 0.61 0.01
42110  Generator Rotor 0 0.00 0 0.00 0 0.00 0 0.00 1 0.11 0.11 0.00
42111  Generator Bearings 2 0.67 0 0.00 0 0.00 2 0.15 0 0.00 0.82 2.99
42112  Generator Hydrogen Seals 0 0.00 0 0.00 0 0.00 0 0.00 1 0.11 0.11 0.00
42114  Generator Collector And Brushes 0 0.00 0 0.00 0 0.00 20 0.24 0 0.00 0.24 0.00
42200 Excitation Systems Equipment 3 0.00 0 0.00 0 0.00 8 0.31 8 0.01 0.32 0.01
42300 Hydrogen Gas Cooling System 0 0.00 0 0.00 0 0.00 2 0.01 0 0.00 0.01 0.00
42400  Generator Liquid Cooling System 0 0.00 0 0.00 0 0.00 2 0.07 0 0.00 0.07 0.00
42500 Seal Oil System 0 0.00 0 0.00 0 0.00 1 0.04 0 0.00 0.04 0.00
Generators Total 6 0.67 1 0.00 (0] 0.00 36 0.83 14 0.83 2.33 3.01
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Heat Power Cycle
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Heat Power Cycle ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Heat Power Cycle

43090 Boiler Feedwater Piping And Supports 1 0.00 0 0.00 0 0.00 3 0.07 0 0.00 0.08 0.01
43100 High Pressure Feedwater Heaters And 0 0.00 0 0.00 0 0.00 1 0.01 1 0.00 0.01 0.00
43200 Boiler Feed Pumps And Auxiliaries 2 0.03 6 0.14 0 0.03 5 0.11 0 0.03 0.23 0.15
43260 Boiler Feed Pump Variable Speed Coupling 0 0.02 4 0.06 1 0.02 0 0.02 0 0.02 0.07 0.06
43400 Boiler Feed Pump Motors And Auxiliaries 1 0.23 1 0.50 6 0.50 0 0.23 1 0.25 0.80 0.63
44110 Condensor 1 0.01 0 0.00 0 0.00 6 0.13 3 0.22 0.36 0.02
44120 Condensor Tubes 1 0.15 2 0.02 0 0.01 4 0.16 0 0.01 0.31 0.68
44500 Deaerator, Storage Tank, And Auxiliaries 0 0.00 0 0.00 0 0.00 1 0.02 0 0.00 0.02 0.00
45000  Air Extraction System 0 0.00 1 0.00 0 0.00 2 0.09 0 0.00 0.09 0.00
45100  Air Extraction System Vacuum Pumps 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
45300 Steam Air Ejectors 1 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
48400 Feedwater Heater Relief Valve, Vent 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
48500  Turbine And Piping Drains 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
Heat Power Cycle Total 8 0.44 24 0.72 7 0.56 25 0.85 5 0.53 1.98 1.55
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Electrical Power Sys.
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Electrical Power System ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Electrical Power System

51100 Output System Generator Voltage Equipment 1 0.00 0 0.00 0 0.00 0 0.00 1 0.01 0.01 0.00
51120  Generator Power Transformers 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
51133  Circuit Breakers-Generator Voltage 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51136 Disconnect Switches-Generator Voltage 1 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
51150 Bus Duct, Bus, Cable 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
53200 Station Service Power Distribution 2 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.02
Electrical Power System Total 5 0.00 0] 0.00 (0] 0.00 3 0.00 1 0.01 0.01 0.02
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Ins. and Control
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Instrumentation and Control ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Instrumentation and Control

63100 Steam Generator Controls 1 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
63200 Equipment Controls-Furnace Draft 1 0.00 2 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
63300 Primary Steam Instrumentation & Control 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
63900 Ignition Fuel,Fuel Gas, & Miscellaneous 2 0.01 2 0.00 0 0.00 0 0.00 0 0.00 0.01 0.04
64100  Steam Turbine And Auxiliaries - 0 0.0 0 0.00 0 0.00 1 0.00 0 0.00  0.00 0.00
64200 gg:fr;altor And Auxiliaries - - Instrumentation and 8 002 0 000 0 000 3 004 0 000 006 0.09
64300 gg‘r'ﬁrro'lceedwater System -Instrumentation and 3 002 7 006 0 001 0 001 0 001 006 0.08
64400 gg:ﬂirsata System - Instrumentation and 0 001 1 0.02 0o 001 0o 001 0 001 002 0.03
g5100 Main Power Output Systems - Control and 3 0.00 0 000 0 000 3 001 0 000 002 0.02
Protection
65300 Alternating Qurrent Power Distribution - Control 0 0.00 0 0.00 0 0.00 1 0.01 0 0.00 0.01 0.00
and Protection
Instrumentation and Control Total 19 0.06 13 0.09 0] 0.02 8 0.08 o 0.02 0.19 0.26
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Fossil - Natural Gas Table 6.2.16

Detail Component Outage Code Report, 2005 to 2009 Auxiliary Processes
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Plant Aux. Processes and Services ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR

OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)

Plant Aux. Processes and Services

71000  Circulating Water Systems 0 0.00 1 0.01 0 0.00 4 0.04 10 0.79 0.84 0.02
71140 Circulating Water Main Butterfly Valves and 0 0.00 0 0.00 0 0.00 P 0.04 0 0.00 0.04 0.00
Operators

71190 Circulating Water Piping And Supports 0 0.00 0 0.00 0 0.00 3 0.04 1 0.01 0.05 0.00
73100 Auxiliary Steam And Condensate Systems 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
74000 Water Treatment Plant 0 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
76000 Miscellaneous Services 0 0.00 0 0.00 0 0.00 0 0.12 0 0.00 0.12 0.00
Plant Aux. Processes and Services Total o 0.00 3 0.01 (0] 0.00 10 0.24 11 0.80 1.05 0.03
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Table 6.2.16

Conditions

Detail Component Outage Code Report, 2005 to 2009
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Conditions ICbF by event type for Fossil units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 16.00
Number of Unit Years: 61.67
Overall Operating Factor: 20.17
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
00500  Regulatory Bodies 0 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
04200  Synchronous Condenser Operation 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.01
05200 Transmission Limitations 2 0.02 0 0.00 6 0.01 10 0.03 16 0.14 0.21 0.07
99999  Other 1 0.00 0 0.00 0 0.00 5 0.04 1 0.03 0.07 0.00
Conditions Total 4 0.02 o] 0.00 6 0.01 16 0.07 17 0.17 0.28 0.08
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6.3
Combustion
Turbine
Summary
Statistics
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Combustion Turbine Units Table 6.3.1
External Causes Excluded, 2009 Data
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10-24 50 & OVER -
MCR Age
Unit  ABNOF SynCD OoP No. Total  Maximum Mean FOR UFOP DAUFOP SR ICBF Fail MOF POF
years (%) Factor ~ Factor Forced F.O.T. F.O.D. F.OD. (%) (%) (%) (%) Rate (%) (%)
(A) (%) (%)  Outages  (A) (H) (H)
Classification By MCR (MW)
10-24 400 9265 0.91 0.03 4 00 17217 9918 97.73 8068  80.67 1.00  7.30 1900.22 3.68 2.49
25-49 1512 7225 1331 1513 102 04 1108.95 30.89 1353 1282  16.98 099 13.15 23.09 8.25 1.65
50 & OVER 1011 9354  11.14 2.15 29 041 607.88 4515 40.35 39.42  40.26 097 11.28 22.93 1.26 1.41
Classification By Year Of Service
0 02 9297 0.03 6.42 5 00 470 181 864 805 8.05 0.85 061  0.00 0.00 0.00
ATH 20 1351 0.00 77.26 27 041 37843 2088 4.00 396  10.65 1.00 13.02 11.00 1.08 3.33
5TH 1.0 3828 0.00  47.14 15 0.1 110895 7723 21.91 2144 2157 1.00 1466 2334 0.08 1.28
6TH-10TH 20 8877 0.00 0.91 8 00 19517  50.04 70.98 66 66 0.85 10.30 107.03 4.05 3.96
16TH-20TH 7.0 9840 7.79 0.25 4 00 30.28 1242 2358 2358  23.58 098 122 56.93 0.28 0.85
21ST-25TH 1.0 8694 8676  10.01 10 00 156.98 21.71 1955 17.23  17.23 096 286 19.98 0.38 0.00
26TH-30TH 1.0 9544 3945 1.19 12 00 1967 336 2374 2374  36.36 098 2058 168.24 2.41 0.00
31ST-35TH 151  84.88 9.09 2.24 54 03 607.88 4479 4491 3338  33.75 099 1650 73.85 9.09 1.82
Classification By Operating Factor
0-10 253  89.39 1258 1.52 92 03 607.88 3250 46.75 3617  36.88 097 11.88 83.04 5.94 1.64
11-20 1.0 8717 0.00 1117 100 14500 14500 12.90 1290  12.90 100 166  0.00 0.00 0.00
41-50 10 3828 0.00 47.14 15 041 1108.95 77.23 21.91 2144 2157 1.00 1466 2334 0.08 1.28
61-70 1.0 26.92 0.00 6457 15 0.1 37843 2980 7.32 7.4 8.68 1.00 632 929 0.20 0.02
81-90 1.0 0.09 0.00 89.95 12 00 4367 973 146 146  12.16 1.00 1971 1223 1.96 6.63
All Units 29.2 82.39 10.86 8.58 135 0.6 1,108.95 35.98 18.03 16.95 20.67 0.98 11.70 23.86 5.21 1.68
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Combustion Turbine Units Table 6.3.2
External Causes Excluded, 2005 to 2009 Data
ABNOF OP FACTOR ICBF
25 Planned
15 [T Maintenan...
=1 Forced
= 50 = 10 ®
0 5
OI') nu O© ~ 0o O O? v O ~ 0o O
[t} [te) 5 7 9
Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR UFOP DAUFOP SR ICBF Fail MOF  POF
years (%) Factor Factor Forced F.O.T. F.O.D. F.OD. (%) (%) (%) (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H)
Classification By MCR (MW)
10-24 220  88.09 253 020 2 20 4150.36 779.66 97.79 86.57  86.57 099 11.66 250.97 1.19 1.57
25-49 755 79.09 1839  11.93 450 1.9 8016.01 37.63 17.53 1663  17.87 099 882 2494 3.63 2.31
50 & OVER 681 8017  16.48  11.14 209 141 2327.08 4427 1218 1194 1321 097 1347  6.04 0.85 5.99
Classification By Year Of Service
0 22 3464 0.00  60.14 43 00 10795 718 264 262 3.47 099 564 17.70 0.56 2.91
1ST 30 51.32 0.00  45.24 37 00 3656 341 105 104 1.18 1.00 321 2135 0.54 1.79
2ND 3.0  47.22 0.00  49.57 34 00 2836 393 1.01 1 1.33 100 278 17.44 0.83 0.93
3RD 49 6267 0.00  33.19 55 0.1 15400 888 324  1.72 223 100 682 19.86 0.71 1.02
ATH 49 5586 0.00 37.47 56 0.1 37843 1224 401  3.89 9.42 099 755 1547 0.79 3.03
5TH 3.0 7176 0.00  17.09 28 02 1108.95 6585 29.10 2255  22.69 0.99 1053 29.25 0.10 3.38
6TH-10TH 6.0 8859 0.00 3.33 16 0.1 230.00 66.41 37.62 2234 2234 095 805 995 2.23 3.80
11TH-15TH 260 9417 7.38 0.86 39 02 35595 4096 4468 3921  39.21 097 495 17.81 1.57 2.68
16TH-20TH 100 97.13 5.43 1.30 9 00 3147 1158 829 745 7.45 099 148 2294 0.44 0.91
21ST-25TH 100 7192 5071  10.11 39 13 6496.50 30137 56.74 5312  53.15 097 1851 987 022  4.14
26TH-30TH 565 77.47 2396 1143 205 32 8016.01 137.17 3316 20.14 2145 097 1485 1037 0.71 455
31ST-35TH 372 8567 1250 1.33 121 04 607.88 29.86 4523 3151 3196 098 1523 84.19 6.57  4.64
Classification By Operating Factor
0-10 1397 8845  14.22 1.65 450 52 8016.01 101.28 69.27 6230  64.11 097 1161 5274 2.49 3.34
11-20 6.0 7058 1256  18.28 13 02 789.73 13859 1579 1385  13.85 093 11.04 729 0.25 7.35
21-30 50  64.44 0.00  30.14 76 041 1108.95 17.25 896 873 8.88 100 512 3118 0.50 1.38
31-40 49 5848 0.00 36.97 101 0.1 37843 651 390 385 4.41 1.00 393 3576 0.51 1.49
81-90 4.0 052 8073  83.51 100 0.80 080 001  0.00 0.00 1.00 1596  0.30 0.01 1595
91-100 7.0 0.14 2631  94.46 41 041 10795 1199 084 084 2.65 099 16.82 590 0.63 3.93
All Units 166.6 80.39 15.41 10.00 682 5.7 8,016.01 73.07 25.34 23.91 25.03 0.99 11.49 16.92 2.15  3.70
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Combustion Turbine Units Table 6.3.3

Major Component Outage Code Report, 2005 to 2009

Major Componenent Contribution to Combustion Unit ICbF based on 2005-2009 data.

Conditions (9.01)

Instrumentation and Control (16.27)

Combustion Turbine (56.14)

Generators (18.59)

UNIT STATISTICS

Number of Units: 47.00
Number of Unit Yars: 177.19
Overall Operating Factor: 10.00
FORCED FORCED SCHEDULED MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT
NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR  DAFOR
MAJOR COMPONENT OcCcC. (%) OCC. (%) OcCcC. (%) OCC. (%) OCC. (%) (%) (%) (%)
Combustion Turbine 342 342 803 5.34 30 2.69 217 3.62 221 3.34 11.13 11.91 19.83
Conditions 68  0.09 29 0.14 1 0.06 28 0.23 33 0.15 0.44 0.29 0.65
Generators 107 1.25 10 0.15 4 0.05 56 0.33 104 1.73 3.31 8.94 8.33
Instrumentation and Control 130 0.57 12 0.04 1 0.00 58 0.10 30 0.48 1.18 4.31 3.89
TOTAL (External Causes Included) 647 5.33 854 5.67 36 2.80 359 4.28 388 5.70 16.06 25.45 32.70
TOTAL (External Causes Excluded) 595 5.32 826  5.55 35 2.78 331 4.06 360 5.61 1572 2539 32.32
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Combustion Turbine Units Table 6.3.4

Detail Component Outage Code Report, 2005 to 2009 Data Combustion Turbine
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Combustion Turbine ICbF by event type forCombustion units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 47.00
Number of Unit Yars: 177.19
Overall Operating Factor: 10.00
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Combustion Turbine
49100 Combustion Turbine 80 2.46 654 3.97 23 2.26 58 1.74 89 213 6.91 13.47
49101  Combustion Turbine - Exhaust Emission 8 0.03 14 0.09 3 0.02 2 0.02 2 0.15 0.25 0.18
49210 Compressor 5 0.00 0 0.00 0 0.00 25 1.20 12 0.03 1.23 0.01
aga11  [ompressor Shaft And Bearings For Tow-shaft 21 000 0 000 0 000 1 000 1000 000 001
49220  Combustion System 6 0.01 1 0.00 1 0.00 0 0.00 2 0.06 0.06 0.05
49221  Combustion Chamber 20 0.19 2 0.23 0 0.11 8 0.15 9 0.16 0.41 1.28
49230  Turbine(High Pressure If More Than One) 4 0.11 0 0.00 0 0.00 1 0.00 0 0.00 0.11 0.70
49231  Low Pressure Turbine 13 0.00 0 0.00 0 0.00 0 0.00 2 0.02 0.02 0.02
49232 Interstage Gas Passages 1 0.00 0 0.00 0 0.00 1 0.00 1 0.00 0.01 0.01
49240  Turbine Load Shaft And Bearing 4 0.01 0 0.00 0 0.00 2 0.00 0 0.00 0.01 0.05
49241  Reduction Gear 1 0.00 0 0.00 0 0.00 0 0.00 1 0.06 0.07 0.02
49242  Main Coupling 2 0.02 0 0.00 0 0.00 1 0.00 0 0.00 0.03 0.16
49243  Clutch 6 0.13 18 0.34 0 0.13 5 0.14 4 0.13 0.36 0.87
49251  Inlet Air Ducts And Vanes 8 0.04 15 0.25 0 0.04 4 0.04 5 0.15 0.37 0.26
49252  Air Filters 0 0.00 0 0.00 0 0.00 2 0.00 2 0.00 0.00 0.00
49253  Intercoolers 1 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
49260  Turning Gear System 6 0.02 0 0.00 0 0.00 2 0.00 2 0.00 0.02 0.12
49270  Starting System 38 0.03 2 0.00 0 0.00 5 0.01 23 0.12 0.15 0.17
49280 Battery And Charger System 2 0.00 0 0.00 0 0.00 6 0.01 2 0.00 0.01 0.01
49292  Exhaust Chamber Vanes 1 0.00 1 0.00 0 0.00 0 0.00 4 0.00 0.00 0.00
49293  Exhaust Stack And Silencer 4 0.01 2 0.00 0 0.00 7 0.05 1 0.16 0.22 0.07
49294  Exhaust Hood/Doors 4 0.00 0 0.00 0 0.00 3 0.01 1 0.00 0.01 0.00
49311 Internal Cooling And Seal Air System 5 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.03
49312  Heat Shields 0 0.00 0 0.00 0 0.00 1 0.00 1 0.00 0.00 0.00
49313  Supercharging Fan 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
49314  Fuel Supply System To Unit 27 0.08 46 0.14 1 0.03 21 0.06 9 0.06 0.23 0.51
49315  Unit Fuel Controls And Conditioning 16 0.06 10 0.14 1 0.05 4 0.05 6 0.05 0.16 0.37
49316  Ignition System 15 0.05 1 0.01 1 0.02 1 0.02 0 0.01 0.07 0.27
49317  Lubrication System 35 0.14 30 0.06 0 0.01 16 0.05 4 0.02 0.22 0.94
49318  Lubrication System - Power Turbine 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
49319  Cooling Water System 4 0.01 2 0.00 0 0.00 3 0.00 1 0.00 0.02 0.09
49321  External Cooling Air System 0 0.02 4 0.11 0 0.02 3 0.04 1 0.02 0.12 0.14
49322  Service Air Systems 1 0.00 0 0.00 0 0.00 27 0.03 0 0.00 0.04 0.02
49323  Building Heating 1 0.00 0 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
49324  Building Venting 0 0.00 1 0.00 0 0.00 2 0.00 0 0.00 0.00 0.00
49325  Building Fire Protection 1 0.00 0 0.00 0 0.00 3 0.00 16 0.01 0.02 0.00
Combustion Turbine Total 342 3.42 803 5.34 30 2.69 217 3.62 221 3.34 11.13 19.83
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Combustion Turbine Units Table 6.3.4

Detail Component Outage Code Report, 2005 to 2009 Data Generator
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Generators ICbF by event type forCombustion units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 47.00
Number of Unit Yars: 177.19
Overall Operating Factor: 10.00
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
49800  Generator 21 0.09 1 0.03 2 0.01 18 0.14 54 1.07 1.30 0.62
49810  Generator Rotor 0 0.00 0 0.00 0 0.00 1 0.00 18 0.55 0.55 0.00
49811  Generator Bearings 19 0.08 7 0.11 0 0.04 1 0.11 0 0.04 0.21 0.53
49812  Generator Lubrication System 21 0.01 1 0.00 0 0.00 5 0.00 5 0.01 0.03 0.09
49813  Generator Collector And Brushes 0 0.00 0 0.00 0 0.00 8 0.01 0 0.00 0.01 0.00
49820  Generator Stator 3 0.55 0 0.00 0 0.00 2 0.02 1 0.00 0.57 3.63
49830 Generator Heaters 0 0.00 0 0.00 0 0.00 4 0.01 0 0.00 0.01 0.00
49840  Excitation System 15 0.07 0 0.00 2 0.00 1 0.00 3 0.00 0.07 0.44
49850  Synchronous Condensor Equipment 8 0.00 0 0.00 0 0.00 0 0.00 1 0.01 0.01 0.00
49860  Generator Output System 1 0.00 1 0.01 0 0.00 7 0.02 10 0.02 0.04 0.02
49870  Automatic Synchronizing Equipment 5 0.00 0 0.00 0 0.00 1 0.00 3 0.00 0.01 0.02
49880 Voltage Control Equipment 2 0.00 0 0.00 0 0.00 2 0.01 2 0.02 0.03 0.00
49890  Electrical Distribution System 12 0.45 0 0.00 0 0.00 6 0.01 7 0.01 0.47 2.98
Generators Total 107 1.25 10 0.15 4 0.05 56 0.33 104 1.73 3.31 8.33
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Combustion Turbine Units Table 6.3.4

Detail Component Outage Code Report, 2005 to 2009 Data Ins. And Control
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Instrumentation and Control ICbF by event type forCombustion units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 47.00
Number of Unit Yars: 177.19
Overall Operating Factor: 10.00
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF  DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Instrumentation and Control
49900 Controls And Instrumentation-General 36 0.17 2 0.00 0 0.00 35 0.04 15 0.01 0.22 1.13
49910  Governing Systems 2 0.00 0 0.00 0 0.00 0 0.00 1 0.04 0.04 0.00
49920 Combustion Turbine Controls And 60 0.07 8 0.02 0 0.00 6 0.01 2 0.01 0.10 0.49
49940  Generator Controls And Instrumentation 10 0.00 0 0.00 1 0.00 6 0.00 1 0.00 0.01 0.03
49945  Supervisory Control & Data Acquisition - 1 0.00 0 0.00 0 0.00 1 0.00 0 0.00 0.00 0.00
49950  Fuel Management Controls And 10 0.01 2 0.02 0 0.00 1 0.00 6 0.01 0.03 0.06
49970  Main Power Output Systems - 5 0.16 0 0.00 0 0.00 4 0.00 1 0.00 0.16 1.07
49980  Auxiliaries Controls And Instrumentation 4 0.00 0 0.00 0 0.00 5 0.05 3 0.36 0.41 0.02
64210  Supervisory Control & Data Acquisition - 2 0.16 0 0.00 0 0.00 0 0.00 1 0.05 0.21 1.09
Instrumentation and Control Total 130 0.57 12 0.04 1 0.00 58 0.10 30 0.48 1.18 3.89
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Combustion Turbine Units Table 6.3.4

Detail Component Outage Code Report, 2005 to 2009 Data Conditions
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Conditions ICbF by event type forCombustion units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 47.00
Number of Unit Yars: 177.19
Overall Operating Factor: 10.00
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
ocC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
01420 Froblems - Primary Fuel for Units with 2 000 0 000 0 000 0 000 0 000 000  0.00
Secondary Fuel Op.
05200 Transmission Limitations 1 0.00 3 0.00 0 0.00 10 0.01 13 0.01 0.02 0.02
05201  Powerhouse substation (none-generating 15 0.02 0 0.00 0 0.00 0 0.00 3 001 002 041
Equipment)
05203 Er::’)‘sm'ss'm Equipment (Beyon transmission 0 000 0 000 0 000 0 000 2 001 001 0.00
07010 Site Environment, Storms, Floods 7 0.00 2 0.00 0 0.00 2 0.00 2 0.01 0.02 0.03
07110  Nitrous Oxides 1 0.00 2 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
07210 Cooling Water Discharge-Thermal Effects 2 0.00 0 0.00 0 0.00 0 0.00 1 0.00 0.00 0.00
07510 Noise, Noise Complaints 0 0.00 0 0.00 0 0.00 0 0.00 1 0.00 0.00 0.00
08160 Fire, General 4 0.00 0 0.00 0 0.00 3 0.00 2 0.00 0.00 0.01
99999  Other 26 0.07 22 0.14 1 0.06 13 0.22 9 0.11 0.37 0.48
Conditions Total 68 0.09 29 0.14 1 0.06 28 0.23 33 0.15 0.44 0.65
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6.4
Nuclear
Summary
Statistics
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Nuclear Units Table 6.4.1
External Causes Excluded, 2009 Data
6 4
o
[
(]
>
14 = 2
© =
o =)
> Y
= o
= .
e}
)
ot z
(e}
s 21 0
z
T T T T
= = = =
o w o o]
o a @ N4
04— £ - p -
= [%2] = 2]
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400-599 600-799 800 & OVER =
MCR Age
Unit ABNOF  SynCD OP No. Total Maximum Mean FOR DAFOR DAUFOP Total EQ. ICBF Fail MOF POF
years (%)  Factor  Factor Forced F.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages (A) (H) (H) (A)
Classification By MCR (MW)
400-599 5.3 0.00 0.00 7027 13 05 779.87 369.02 10.04 1418  14.18 13 2232 224 0.00 9.11
600-799 2.0 0.00 0.00  0.00 0 00 0.00 0.00 000 000 0.00 2.0 10000  0.00 0.00  100.00
800 & OVER 3.1 0.00 0.00  64.70 6 041 184.22 11050 214 2,67 2.67 06 1418 087 0.00  11.66
Classification By Year Of Service
16TH-20TH 3.1 0.00 0.00  64.70 6 041 184.22 11050 214 267 267 06 1418 087 0.00 1166
21ST-25TH 2.8 0.00 0.00  84.09 4 041 268.20 14552 236 553 5.53 03 1161 146 0.00 6.22
26TH-30TH 2.9 0.00 0.00  20.29 2 041 664.78 37653 1020 1458  14.58 23 7620  1.32 0.00  71.90
31ST-35TH 1.7 0.00 0.00  54.26 7 04 779.87 49458 2199 2753 2753 0.7 3524 428 0.00  10.14
Classification By Operating Factor
0-10 2.0 0.00 0.00 0.00 0 00 0.00 0.00 000 0.0 0.00 2.0 100.00  0.00 0.00  100.00
21-30 09 0.0 0.00 3068 6 04 779.87 52310 44.94 5276 5276 06 6295 11.39 0.00 2027
51-60 15 0.00 0.00 5875 4 01 664.78 23288 6.03 822 8.22 0.4 1943 1.1 0.00 11.78
61-70 25 0.00 0.00 67.39 4 041 184.22 12113 326 276 2.76 05 1548 078 0.00 1293
71-80 18 0.00 0.00 7620 2 00 32345 198.38 250 559 5.59 03 1476 113 0.00 9.34
81-90 09 0.0 0.00 8533 2 00 183.60 12030 275 744 7.44 01 744 206 0.00 0.00
91-100 1.0 0.00 0.00 9237 100 268.20 26820 3.06 540 5.40 01 540  1.03 0.00 0.00
All Units 10.4 0.00 0.00 56.70 19 0.6 779.87 287.38 6.94 9.65 9.65 3.9 3255 1.67 0.00 25.11
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Nuclear Units Table 6.4.2
Major Component Outage Code Report, 2005 - 2009
ABNOF OP FACTOR ICBF
50 Planned
[ Maintenan...
=1 Forced
\
50 ) %
X X B %
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0? fe} © N~ 0 (2] 0? nu © ~ 0o O
0 0 5 7 9
Year Year Year
Unit ABNOF  SynCD oP No. Total  Maximum Mean FOR DAFOR DAUFOP Total EQ.  ICBF Fail MOF  POF
years (%) Factor Factor ForcedF.O.T. F.O.D. F.O.D. (%) (%) (%) Out. Time (%) Rate (%) (%)
(A) (%) (%) Outages  (A) (H) (H) (A)
Classification By MCR (MW)
400-599 25.9 0.00 0.00 6468 87 47 5700.87 47076 17.48 2058  20.58 80 2740  3.04 0.00 8.20
600-799 8.0 0.01 0.00 5850 9 0.1 246.58 99.78 214 245 2.45 3.6 4545 149 0.00  40.21
800 & OVER 15.4 0.01 0.00  67.10 29 04 544.91 109.42 197 233 2.33 20 1019 122 0.00 7.91
Classification By Year Of Service
11TH-15TH 9.0 0.02 0.00  66.57 20 0.3 544.91 12034 244 282 222 1.1 913 146 0.00 6.36
16TH-20TH 8.8 0.00 0.00  68.66 16 0.2 782.85 12590 231 2.89 2.69 14 1231 143 0.00 9.56
21ST-25TH 20.2 0.00 0.00  69.91 49 20 5700.87 360.54 10.51  12.64 12.6 56 2543 204 0.00 12.79
26TH-30TH 7.7 0.00 0.00  42.85 20 18 5026.83 79474 3139 3422 3422 44 5349  4.03 0.00  28.99
31ST-35TH 35 0.00 0.00 63.44 20 08 1418.63 35222 2115 2745  27.45 1.3 3152  6.00 0.00 5.06
Classification By Operating Factor
41-50 6.0 0.00 0.00  49.70 6 0.1 246.58 13044 291  3.39 3.39 33 5559  1.34 0.00 4881
51-60 1.7 0.00 0.00 5524 44 20 2917.63 39022 1450 1719 17.19 39 2574 312 0.00 9.91
61-70 159  0.01 0.00 67.86 45 17 5026.83 33369 955 1160  11.60 33 1721 215 0.00 6.18
71-80 13.7 0.00 0.00 7329 27 14 5700.87 44236 995 1115 1115 29 1911 146 0.00 8.68
81-90 2.0 0.05 0.00  84.93 3 00 60.11 3847 077 077 0.77 03 1502 177 0.00 14.36
All Units 49.3 0.01 0.00 64.66 125 5.1 5,700.87 360.22 10.29 12.11 12.11 13.7 23.90 2.14 0.00 12.58
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Nuclear Units Table 6.4.3

Major Component Outage Code Report, 2005 - 2009

Major Componenent Contribution to Nuclear Unit ICbF based on 2005-2009 data.

Reactor, Boiler and Auxiliaries
(52.41)

Steam Turbine (9.51)

Instrumentation and Control (10.09)

Generators (4.13)
Plant Aux. Processes and Services

Electrical Power System (9.57) (7.79)
Heat Power Cycle (6.51)
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Yars: 61.18
Overall Operating Factor: 78.39
FORCED FORCED SCHEDULED MAINTENANCE PLANNED CONTRIBUTION
OUTAGES DERATINGS DERATINGS OUTAGES OUTAGES TO UNIT

NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF FOR  DAFOR

MAJOR COMPONENT OcC. (%) oOcC. (%) occ. (%) occ. (%)  OcCC. (%) (%) (%) (%)
Conditions 0 051 805 14.22 1 0.51 0 051 0 0.51 14.22 0.00 0.57
Electrical Power System 12 3.40 42 0.38 0 0.06 0 0.06 2 0.50 4.15 3.81 3.89
Generators 7 020 32 039 0 0.9 0 0.09 0 0.09 0.51 0.13 0.23
Heat Power Cycle 11 0.61 459  6.00 4 036 0 030 0 0.30 6.38 0.36 0.70
Instrumentation and Control 16 0.84 1386  6.84 15 041 0 039 0 0.51 7.43 0.52 0.97
Plant Aux. Processes and Services 12 098 151 1.27 15 0.34 0 0.16 0 0.16 2.28 0.93 1.10
Reactor, Boiler and Auxiliaries 53 472 322 4.32 134 6.52 0 1.13 29 1287 25.06 4.11 4.64
Steam Turbine 13 055 115 148 34 045 0 019 3 0.46 2.36 0.41 0.59
TOTAL (External Causes Included) 124 11.81 3312 34.90 203 874 0 283 34 15.40 62.39 1027  12.69
TOTAL (External Causes Excluded) 124 1313 2510 23.99 203 954 0 0.0 36 17.29 55.84 1221  14.37
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Table 6.4.4

Building and Structures

Nuclear Units

Detail Component Outage Code Report, 2005 to 2009
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Buildings and Structures ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Buildings and Structures
Buildings and Structures Total
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Reactor, Boiler and Aux.
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Reactor, Boiler and Auxiliaries ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Reactor, Boiler and Auxiliaries
31000 Reactor 0 0.00 0 0.00 0 0.00 0 0.00 3 514 514 0.00
31100 Reactor Fuel Channel Assemblies 1 0.10 1 0.07 28 0.23 0 0.06 9 3.19 3.41 0.05
31700 Reactor Reactivity Control Units 9 1.47 30 0.86 46 5.49 0 0.63 4 0.92 6.85 1.07
31800 Reactor Shut-Off Units 1 0.04 4 0.05 0 0.01 0 0.01 0 0.01 0.09 0.05
32100 Main Moderator System 2 0.05 5 0.03 0 0.00 0 0.00 0 0.00 0.08 0.06
32300 Moderator Level & Pressure Control 1 0.03 0 0.00 0 0.00 0 0.00 0 0.00 0.03 0.03
33100  Main Heat Transport Circuit 13 1.03 28 0.20 14 0.17 0 0.06 4 1.14 2.36 1.14
33110 Main Heat Transport Circuit Steam 2 0.24 1 0.04 13 0.15 0 0.04 3 0.91 1.24 0.24
33120 ';,"jr':]‘p':eat Transport Circuit Heat Transport 1 006 5 001 0 000 0 000 0 000 007 0.07
33300 g;l;rt]:rrsteat Transport And Inventory Control 3 0412 29 0.38 6 006 0 003 1 011 057 043
33400 g;g:steat Transport Shut-Down Cooling 9 057 10 012 4 003 0 003 1 006 070 066
33500 Primary Heat Transport Gas Control 0 0.00 1 0.02 0 0.00 0 0.00 0 0.00 0.02 0.00
33600 Primary Heat Transport Overpressure 1 0.04 0 0.00 2 0.01 0 0.00 0 0.00 0.05 0.04
33700 Primary Heat Transport Transfer System 1 0.12 0 0.00 0 0.00 0 0.00 0 0.00 0.12 0.14
33800 g;g:gsHeat Transport Heavy Water Collection 1 009 0 000 0 000 0 000 0 000 009 0.10
34300 Emergency Cooling Systems 1 0.03 6 0.02 0 0.00 0 0.00 0 0.00 0.05 0.04
35000 Fuel Handling 3 0.64 146 2.09 13 0.30 0 0.23 2 0.69 3.02 0.72
35200 Fueling Machine 2 0.05 13 0.07 0 0.01 0 0.01 1 0.29 0.39 0.06
35300 Irradiated Fuel Transfer And Storage 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
36000 Boiler Steam And Water Systems 1 0.03 37 0.29 7 0.05 0 0.02 0 0.02 0.32 0.03
36100 Steam System 0 0.00 1 0.00 1 0.00 0 0.00 0 0.00 0.01 0.00
36700 Steam Generator Emergency Cooling 1 0.00 0 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
37000 Fuel 0 0.01 4 0.07 0 0.01 0 0.01 1 0.39 0.45 0.01
Reactor, Boiler and Auxiliaries Total 53 4.72 322 4.32 134 6.52 (o] 1.13 29 12.87 25.06 4.64
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Nuclear Units Table 6.4.4
Detail Component Outage Code Report, 2005 to 2009 Steam Turbine
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Steam Turbine ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Steam Turbine
41100  Turbine 9 0.35 51 0.58 13 0.15 0 0.10 2 0.31 1.09 0.38
41700  Governing System 4 0.16 26 0.33 0 0.05 0 0.05 0 0.05 0.43 0.18
41810 Moisture Separator 0 0.00 4 0.05 4 0.04 0 0.00 0 0.00 0.09 0.00
41830 Steam Reheater 0 0.04 34 0.52 17 0.21 0 0.04 1 0.10 0.75 0.03
Steam Turbine Total 13  0.55 115 1.48 34 0.45 o] 0.19 3 0.46  2.36 0.59
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Generator
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Generators ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Generators
42100  Generator 4 0.09 14 0.06 0 0.02 0 0.02 0 0.02 0.14 0.10
42200 Excitation Systems Equipment 3 0.05 9 0.04 0 0.01 0 0.01 0 0.01 0.08 0.06
42400  Generator Liquid Cooling System 0 0.06 9 0.29 0 0.06 0 0.06 0 0.06 0.29 0.07
Generators Total 7 0.20 32 0.39 (0] 0.09 (0] 0.09 (0] 0.09 0.51 0.23
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Heat Power Cycle
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Heat Power Cycle ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO.  ICBF NO. ICBF NO.  ICBF NO. ICBF  ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Heat Power Cycle
43100 Hih Pressure Feedwater Heaters And 1 001 0 000 0 000 0 000 0 000 001 001
Auxiliaries
43200 Boiler Feed Pumps And Auxiliaries 8 0.36 42 0.57 1 0.08 0 0.08 0 0.08 0.85 0.42
43500 Auiliary Boiler Feed Pump Motors And 0 000 1 001 0 000 0 000 0 000 001 000
Auxiliaries
44030 Main Condensate Circuit 0 0.11 221 3.15 2 0.15 0 0.11 0 0.11 3.19 0.13
44110 Condensor 0 0.08 173 1.84 1 0.10 0 0.08 0 0.08 1.86 0.09
44120 Condensor Tubes 0 0.02 10 0.28 0 0.02 0 0.02 0 0.02 0.28 0.02
44200 Condensate Extraction Pumps And Auxiliaries 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
48100 Extraction Steam System 0 0.00 3 0.04 0 0.00 0 0.00 0 0.00 0.04 0.00
48200 Feedwater Heater Drains System 2 0.03 8 0.11 0 0.01 0 0.01 0 0.01 0.14 0.03
Heat Power Cycle Total 11  0.61 459 6.00 a4 0.36 o] 0.30 o] 0.30 6.38 0.70
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Electrical Power System
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Electrical Power System ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Electrical Power System
51100 Output System Generator Voltage Equipment 2 1.17 12 0.07 0 0.02 0 0.02 0 0.02 1.22 1.34
51120  Generator Power Transformers 3 0.20 9 0.06 0 0.01 0 0.01 0 0.01 0.25 0.23
51130 Switching Equipment-Generator Voltage 1 0.06 4 0.11 0 0.02 0 0.02 0 0.02 0.15 0.07
53200 Station Service Power Distribution 6 1.97 16 0.13 0 0.01 0 0.01 2 0.45 2.52 225
55000 Direct Current Power Supplies 0 0.00 1 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
Electrical Power System Total 12 3.40 42 0.38 (o] 0.06 (o] 0.06 2 0.50 4.15 3.89
Canadian Electricity Association 99

ERIS — Generation Equipment Status Report 2009



2012 GRA DE-03 - DE-04 Appendix D Page 105 of 107

Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Instrumentation & Control
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Instrumentation and Control ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Instrumentation and Control
63100 SoactorAnd Auxilaries -instrumentation and 2 020 378 249 12 016 0 045 0 015 255 023
63300 gz;‘tr;'a”sp"” System - Instrumentation and 0 000 2 003 0 000 0 000 0 000 003 0.00
g370p  Reactor Control Systems (Reactor Regulating 6 044 971 402 3 021 0 020 0 020 426 051
Systems) Instrum. & Control
64100 Steam Turbine And Auxiliary - Instrumentation P 0.04 9 0.06 0 0.01 0 0.01 0 0.01 0.09 0.05
and Control
64200 gsrr:tenr)elnor And Auxiliaries - Instrumentation and 1 0.03 3 0.03 0 0.01 0 0.01 0 0.01 0.05 0.03
64300 (B;cglrl]t;rollzeedwater Systems - Instrumentation and 0 0.01 9 016 0 0.01 0 0.01 0 0.01 016 0.01
64400 gg:ﬂirsa‘e System - Instrumentation and 1 001 3 001 0 000 0 000 0 000 002 0.01
64700 Condensate Make-up System - Instrumentation 0 0.00 1 0.00 0 0.00 0 0.00 0 0.00 0.00 0.00
and Control
65900 System Control Facilities 1 0.01 0 0.00 0 0.00 0 0.00 0 0.00 0.01 0.01
68000 Safety Systems Control 3 0.10 5 0.02 0 0.01 0 0.01 0 0.13 0.24 0.12
69000 Computers 0 0.00 5 0.02 0 0.00 0 0.00 0 0.00 0.02 0.00
Instrumentation and Control Total 16 0.84 1386 6.84 15 0.41 (0] 0.39 (o] 0.51 7.43 0.97
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Plant Aux. Processes & Services

14
X
L
o
Q
0-
FO FD SD MO PO
Plant Aux. Processes and Services ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Plant Aux. Processes and Services
71109  Circulating Water Piping 3 0.13 117 0.83 15 0.26 0 0.08 0 0.08 1.07 0.14
71110  Circulating Water Travelling H20 Screens 0 0.00 5 0.01 0 0.00 0 0.00 0 0.00 0.01 0.00
72100  Service water Low Pressure Open System 4 0.32 18 0.21 0 0.01 0 0.01 0 0.01 0.52 0.36
73700  SoMamment tmosphere System Heating, 2 013 8 006 0 001 0o 001 0 001 018 014
entilationand Cooling Systems
74000 Water Treatment Plant 3 0.40 3 0.16 0 0.06 0 0.06 0 0.06 0.50 0.46
Plant Aux. Processes and Services Total 12 0.98 151 1.27 15 0.34 (o] 0.16 o 0.16 2.28 1.10
Canadian Electricity Association 101
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Nuclear Units Table 6.4.4

Detail Component Outage Code Report, 2005 to 2009 Conditions

16
12
X
el 8
Q
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0
FO FD SD MO PO
Conditions ICbF by event type forNuclear units based on 2005-2009 data.
UNIT STATISTICS
Number of Units: 14.00
Number of Unit Years: 61.18
Overall Operating Factor: 78.39
Forced Forced Scheduling Maintenance Planned Contribution
Outages Deratings Deratings Outages Outages To Unit
CODE CAUSE NO. ICBF NO. ICBF NO. ICBF NO. ICBF NO. ICBF ICBF DAFOR
OCC. (%) OCC. (%) OCC. (%) OCC. (%) OCC. (%) (%) (%)
Conditions
05200 Transmission Limitations 0 0.03 56 0.17 0 0.03 0 0.03 0 0.03 0.17 0.03
07010  Site Environment, Storms, Floods 0 0.02 30 0.17 0 0.02 0 0.02 0 0.02 0.17 0.02
07210 Cooling Water Discharge Thermal Effects 0 0.26 447 8.12 0 0.26 0 0.26 0 0.26 8.12 0.30
99999  Other 0 0.20 272 5.76 1 0.20 0 0.20 0 0.20 5.76 0.22
Conditions Total [0} 0.51 805 14.22 1 0.51 [0} 0.51 [0} 0.51 14.22 0.57
Canadian Electricity Association 102
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l. INTRODUCTION AND CONCLUSIONS

A. INTRODUCTION

My name is Kathleen C. McShane and my business address is 4550 Montgomery Avenue, Suite
350N, Bethesda, Maryland 20814. | am President of Foster Associates, Inc., an economic
consulting firm. | hold a Masters in Business Administration with a concentration in Finance
from the University of Florida (1980) and am a Chartered Financial Analyst (1989).

| have testified on issues related to cost of capital and various ratemaking issues on behalf of
electric utilities, local gas distribution utilities, pipelines and telephone companies in more than
200 proceedings in Canada and the U.S., including the Nova Scotia Utility and Review Board

(NSUARB). My professional experience is provided in Appendix E.

| have been requested by Nova Scotia Power Inc. (NSPI) to provide an expert opinion on the
reasonableness of its 37.5% deemed common equity ratio and to recommend a fair ROE for the
2012 test year.

B. CONCLUSIONS

My principal conclusions are as follows:

() While global capital markets and economies have improved substantially since the height
of the financial crisis, significant risks to the capital markets and economies remain.

These include:

(@) Sovereign debt concerns in several countries;

(b) Financial fragility associated with the weak global economic recovery;

(c) Global imbalances;

(d) The potential for excessive risk-taking behaviour arising from a prolonged period

of exceptionally low interest rates in major advanced economies; and

Foster Associates, Inc.
Page|l
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(e High leverage of Canadian households.

With respect to business risk, as a vertically integrated electric utility with significant
electricity generation assets, NSPI faces higher business risk than the typical Canadian

electric or gas utility, whose operations are focused largely in “wires” or “pipes”.

NSPI's 37.5% common equity ratio is lower than the Canadian utility sector averages,
both allowed and actual. NSPI's higher business risk relative to its Canadian peers’ has

not been offset by lower financial risk, i.e., by a thicker common equity ratio.

With both higher business risk and a lower common equity ratio than its Canadian peers’,
NSPI's total risk is higher than that of the average risk Canadian utility. As a result, the
fair return on equity for NSPI is higher than that applicable to the typical, average risk

Canadian utility.

The fair return for NSPI for 2012 is 10.625% (mid-point of a range of 10.25% to 11.0%),

based on the following:

(a) A forecast long-term Government of Canada bond yield of 4.5% for 2012;
(b) A “bare-bones” cost of equity of 10.0% based on the equity risk premium tests,

summarized in the Table below:

Table 1
Risk Premium Test Cost of Equity
Risk-Adjusted Equity Market 9.5%
Discounted Cash Flow-Based 9.5-10.0%
Historic Utility 10.5%-11.0%

(c) A “bare-bones” cost of equity of 9.5% based on the application of the discounted
cash flow test to a sample of U.S. electric utilities and a sample of Canadian
utilities. The results of the various models applied to the two samples are as

follows:

Foster Associates, Inc.
Page|2
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Constant Growth

Analysts’ EPS | Sustainable| Three-Stage
Forecasts Growth Model
U.S. Electric Utilities 9.8% 9.3% 9.5%
Canadian Utilities 10.0% N/A 8.7%

An allowance for financing flexibility in a range of 0.50% to 1.4%. The lower

end of the range represents the minimum required to notionally allow the utilities
to maintain the market value of their investment at a small premium to book
value. The upper end of the range represents full recognition of the disparity

between the levels of financial risk in the market value capital structures and

utility book value capital structures.

The equity risk premium tests and discounted cash flow tests together indicate a

“bare-bones” cost of equity for NSPI of 9.75%he addition of an allowance for

financing flexibility in the range of 0.50% to 1.4% results in a fair return on

equity of 10.7%, the mid-point of a range of approximately 10.25% to 11.2%.

Page|3
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Il FAIR RETURN STANDARD

The requirements to meet the fair return standard arise from legal pretedeabsare echoed
in numerous regulatory decisions across North Amériéafair return gives a regulated utility

the opportunity to:

(2) earn a return on investment commensurate with that of comparable risk enterprises;
(2) maintain its financial integrity; and,

3) attract capital on reasonable terms.

The legal precedents make it clear that the three requirements are separate and distinct.
Moreover, none of the three requirements is given priority over the others. The fair return
standard is met only if all three requirements are satisfied. In other words, the fair return
standard is only satisfied if the utility can attract capital on reasonable terms and conditions, its
financial integrity can be maintaineahd the return allowed is comparable to the returns of

enterprises of similar risk.

A fair return on the capital provided by investors not only compensates the investors who have
put up, and continue to commit, the funds necessary to deliver service, but benefits all
stakeholders, including ratepayers. A fair and reasonable return on the capital invested provides

the basis for attraction of capital for which investors have alternative investment opportunities.

! The principal court cases in Canada and the U.S. establishing the standardsNodingestern Utilities Ltdy.
Edmonton (City)[1929] S.C.R. 186Bluefield Water Works & Improvement Co. v. Public Service Commission of
West Virginia,(262 U.S. 679, 692 (1923nd, Federal Power Commission v. Hope Natural Gas Company (320
U.S. 591 (1944))

% The three requirements were summarized by the National Energy Board (RH-2-2004, Phase 1) as follows:

The Board is of the view that the fair return standard can be articulated by having reference to three
particular requirements. Specifically, a fair or reasonable return on capital should:

. be comparable to the return available from the application of the invested capital to other
enterprises of like risk (the comparable investment standard);

. enable the financial integrity of the regulated enterprise to be maintained (the financial
integrity standard); and

. permit incremental capital to be attracted to the enterprise on reasonable terms and

conditions (the capital attraction standard).
The three requirements were reiterated inRieasons for Decisigiirans Québec and Maritimes Pipelines |nc.
RH-1-2008, March 200@pages 6-7).

Foster Associates, Inc.
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A fair return preserves the financial integrity of the utility, that is, it permits the utility to
maintain its creditworthiness, as demonstrated by the level of its credit metrics and debt ratings.
Fair compensation on the capital committed to the utility provides the financial means to pursue
technological innovations and build the infrastructure required to support long-term growth in

the underlying economy.

An inadequate return, on the other hand, undermines the ability of a utility to compete for
investment capital. Moreover, inadequate returns act as a disincentive to expansion, potentially
degrading the quality of service or depriving existing customers from the benefit of lower unit
costs that might be achieved from growth. In short, if the utility is not provided the opportunity
to earn a fair and reasonable return, it may be prevented from making the requisite level of
investments in the existing infrastructure in order to reliably provide utility services for its

customers.

. TRENDS IN ECONOMIC AND CAPITAL MARKET CONDITIONS

The following section is intended to provide a review of the trends and changes in the economy
and the capital markets since the UARB last reviewed NSPI's allowed ROE and capital structure

UARB in detail during the Company’s 2005 rates proceeding.

At close of record in the 2005 rates proceeding (January 2005), the Canadian economy was
growing moderately and expected to strengthen. Real GDP growth in Canada was an estimated
2.7% in 2004 and expected to improve slightly to 3.0% in 2005. Corporate profits were robust,

having risen 18% in 2004. Inflation was relatively tame, with CPI inflation in 2004 under 2.0%.

At the end of 2004, the yields on 10-year and 30-year Canada bonds were 4.3% and 4.8%
respectively. Long-term corporate bond yields were approximately 5.75%; A-rated utility bond
yields were also approximately 5.75%. Spreads between corporate bond yields and government
bond yields were relatively low. Credit spreads were relatively low; the spread between long-

term A-rated utility and government bond yields was under 100 basis points.

Foster Associates, Inc.
Pagel|5
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The equity market (as represented by the S&P/TSX Composite Index) was performing well.
From the market trough of the “dot.com” market sell-off (early fourth quarter 2002) to the end of
2004, the S&P/TSX Composite had risen by over 55%.

With the strength in the economy, rising oil prices and an appreciating Canadian dollar,
monetary stimulus was being withdrawn by the Bank of Canada by raising its key policy rate
(the overnight rate). The Bank of Canada, in its December Rdd#cial System Reviewoted

that the removal of monetary stimulus was expected to entail modest upward movement in
interest rates. Consensus Econonfimsensus Forecasts, December 2004, anticipated a rise in
|0-year Government of Canada bond yields from 4.3% to 5.1% 12 months hence. The challenges
to the household sector and some governments (particularly emerging countries) of high debt
burdens, along with rising interest rates, were considered to pose some risks to the global
financial system, but the BOC considered that borrowers were well positioned overall to deal

with higher borrowing costs.

In that economic environment, the UARB rendered Decision NSUARB-NSPI-P-881 (March 25,
2005), in which it approved an ROE for NSPI of 9.3% to 9.8% (mid-point of 9.55%).

The UARB briefly reviewed NSPI's cost of capital again in the context of the 2006 rates

proceeding, at which time the Company was requesting to retain its previously approved ROE.

At the time of that proceeding, economic growth in Canada had remained robust. GDP increased
at an annual rate of close to 3.0% in 2005 and was expected to continue at approximately the
same rate in 2006. With the economy operating at capacity, the Bank of Canada had continued
to raise its key policy interest rate. By the end of 2005, the overnight rate had been increased
four times (from 2.25% to 3.25%) since September 2004.

In its October 2005 Monetary Policy Report, the Bank of Canada noted that:

(1) business credit conditions had remained advantageous for borrowers, both in Canada and

globally;

Foster Associates, Inc.
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(2) in financial markets, corporate bond yields and credit spreads had remained low for both

investment-grade and non-investment grade borrowers;

(3) the narrow credit spreads reflected healthy corporate balance sheets, continued investor
demand for higher yielding securities, and a high level of liquidity in global financial

markets; and

4) easy access to capital markets was indicated by the robust growth in the gross issuance of

corporate bonds.

At the end of 2005, the yields on 10-year and 30-year Canada bonds were 4.0% and 4.05%
respectively. Government bond yields, despite strong economic growth, had declined to levels
below where they had been a year earlier and levels considerably lower than had been
anticipated. The relatively low level of government bond yields globally was attributed to the

high level of savings relative to investment requirements.

Long-term corporate bond yields had fallen to just over 5%; A-rated utility bond yields were at
similar levels. As the Bank of Canada’s October 2B@metary Policy Reporhoted, spreads
between corporate bond yields and government bond yields remained low. In fact, the spread
between long-term A-rated utility and government bond yields had not changed materially from

the prior year.

Equity markets continued to prove robust; the S&P/TSX composite delivered a total return of
24% in 2005.

In its December 200Financial System Reviewhe Bank of Canada noted that the “globally,
benign macroeconomic conditions” marked by solid economic growth and low interest rates
indicated that the possibility of a shock having a significant negative impact on the Canadian

financial system was small. Further, it noted that global financial markets had proved

Foster Associates, Inc.
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themselves resilient to increased uncertainty resulting from higher energy prices and a possible

increase in inflation.

The Company’s proposal to maintain its previously approved ROE was unopposed by
intervenors and was approved by the UARB in its March 10, 2006 Decision NSUARB-NSPI-P-
882.

In its 2007 rates proceeding, NSPI again proposed to retain its previously approved ROE range
of 9.3% to 9.8%.

In the intervening year between the 2006 and 2007 rate proceedings, the Bank of Canada’s
assessment of risks to the financial markets had remained relatively unchanged. In its June 2006
Financial System Reviewage 3, the Bank noted that while “there continues to be a small risk
that the adjustment of global imbalances could slow the growth of the global economy
appreciably and increase volatility in financial markets significantly [t]his risk may, however, be
lower than previously thought.” In its December 2éview the Bank noted “the global

economic outlook continues to be favourable.”

As a result of the continued favourable conditions in the economy and financial markets
throughout 2006, the Bank of Canada continued tightening its policy interest rates; increasing the
overnight rate four times to 4.25%. At the end of 2006, yields on 10-year and 30-year Canada
bonds were 4.08% and 4.14% respectively, little changed from a year previously. In the
corporate market, yields on long-term corporate bonds and A-rated utility bonds were virtually

identical at 5.2%, and little changed from the end of the prior year.

The Canadian equity markets turned in another exceptional performance in 2006, with the total

return on the S&P/TSX Composite Index exceeding 17%.

In the 2007 rates proceeding, NSPI reached a negotiated settlement, approved by the UARB in
Decision NSUARB-NSPI-P-886, dated February 5, 2007.

Foster Associates, Inc.
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On December 10, 2007, the UARB conditionally approved the establishment of a fuel

adjustment mechanism (FAM), as had been proposed, effective January 1, 2009. In its
subsequent application for rates (for test year 2009), NSPI requested an ROE of 9.35%,
reflecting a reduction of 0.20% from the previously approved ROE. The requested ROE was a
component of the framework agreement for the establishment of the FAM that had been signed

by various stakeholders.

Between the time of the February 2007 and November 2008 rates decisions, capital markets

deteriorated significantly.

Through the first half of 2007, the economy remained strong and financial market developments,
in the words of the Bank of Canadgirancial System Reviewune 2007), “have also been
largely favourable. Although there was a brief period of volatility in financial markets in
February/March, this volatility has subsided, and risk premiums have since contracted towards
the historically low levels observed prior to that period.” The Bank of Canddiarsetary

Policy Report UpdateJuly 2007, referenced a Canadian economy operating above its output
potential, strong employment growth and domestic demand, supported by firm commodity
prices, and robust economic growth outside North America. According to the Bank,
expectations for policy rates in many economies had generally moved up; higher reported
longer-term interest rates reflected the expectations of higher real interest rates, consistent with

the outlook for continued strong global economic growth.

By the end of July 2007, the Bank of Canada had increased the overnight rate once more, to
4.5%, for eight increases in total since the beginning of 2005. Long-term Canada bond yields
had begun to creep up during the first half of 2007, reaching their highest level (4.66%) in over
two years in mid-June. At the end of June 2007, with the long-term Canada bond yielding 4.5%
and long-term corporate and A-rated utility bonds yielding 5.75% and 5.66% respectively,

spreads had moved up only modestly.

Nevertheless, some signs of the upcoming upheaval in the capital markets were already evident

in the Bank of Canada’s June 2007 Financial System Review

Foster Associates, Inc.
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The exception [to the favourable market conditions] has been the U.S. subprime
mortgage market, where a combination of weakness in the housing market and
guestionable underwriting practices at some institutions contributed to a decline in the
credit quality of some U.S. mortgages and certain related credit market instruments.

The Bank pointed to the historically narrow credit spreads on risky assets, and the possibility that
low real interest rates may have triggered a widespread search for yield, and an increasing risk
appetite, which had contributed to the prevailing low spreads. The Bank expressed some
concern that market risk was underpriced, and that a large macroeconomic shock could result in

a rapid rise in risk premiums, leading to a widespread and significant decline in asset prices.

In August 2007, the asset-backed commercial paper market locked up, as concerns increased
about the quality of the underlying assets in these structured products. In its December 2007
Financial System Reviewhe Bank of Canada announced that the sudden repricing of risk that it
had previously considered a possibility had materialized. The Bank noted that risk spreads had
widened, volatility in financial markets had increased, and liquidity in the markets for some
structured products had evaporated. There was a flight to quality assets; yields on both short and
long-term government securities had dropped significantly. Corporate/government bond yield

spreads widened and equity markets fell significantly.

In an effort to ease the pressure on credit markets, the Bank dropped its overnight rate to 4.25%
in December 2007. As investors fled to safe government securities, yields on 10-year and 30-
year Canada bonds had fallen back to 4.0% and 4.1% respectively. In the investment grade
corporate debt market, yields had remained virtually unchanged since mid-year, resulting in a
widening of spreads. At the end of 2007, the spread between A-rated utility bonds and 30-year

Canada bond yields had reached just under 140 basis points.

While the 2007 year-over-year return on the S&P/TSX Composite was close to 10%, equity

market volatility had increased materially. During the second half of 2007, the Implied
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Volatility Index (“MVX") averaged above 19, close to 40% higher than its 2005-mid-2007

average of 14.

By mid-2008, strains in global credit markets had both broadened and deepened. Aggressive
interest rate cuts by the U.S. Federal Reserve, as well as by other major central banks, were
undertaken in an effort to stem the liquidity crisis in the global financial system. Between
December 2007 and April 2008, the Bank of Canada had cut its overnight rate four times from
4.5% to 3.0%. Between September 2007 and April 2008, the U.S. Federal Reserve had cut the
federal funds rate six times, from 4.75% to 2.0%. In addition to policy rate reductions,
application of fiscal stimulus began. However, despite these efforts, the crisis in global financial
markets intensified, as large financial institutions in the U.S. and Europe collapsed (or nearly

collapsed), most notably Lehman Brother in September 2008.

At the end of October 2008, just prior to the UARB’s issuance of Decision NSUARB-NSPI-P-
888 approving the agreed-to 9.35% ROE, 10-year and 30-year Canada bond yields stood at
approximately 3.75% and 4.25%, respectively. However, both long-term corporate bond yields
and A-rated utility bonds had risen to 7.6%, increases of almost 200 basis points and 215 basis
points, respectively, in ten months, resulting in spreads with long-term Canada bonds of close to

335 basis points.

Between mid-June and the end of October 2008, the S&P/TSX Composite Index had dropped by
over a third. During October 2008, the implied market volatility index soared, averaging in
excess of 60, over three times its beginning of year level. In November 2008, the MVX hit an all
time high of 88.

The crisis in the financial markets spread to real economic activity, triggering a severe global

recession. In " quarter 2008, the Canadian economy was in recession, although the official

® The MVX, introduced by the Montreal Stock Exchange in 2002, was a measurement of the market expectation of
stock market volatility over the next month. It was described as a good proxy of investor sentiment for the Canadian
equity market: the higher the index, the greater the risk of market turmoil. A rising index reflects the heightened
fears of investors for the coming month. The MVX was replaced by a somewhat different measure of implied
volatility, called the VIXC, in October 2010. The VIXC still measures market expectation of stock market volatility
over the next month.
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announcement by the Bank of Canada did not occur until late January 2009. Real GDP growth
in Canada for all of 2008 was only 0.5%, with fourth quarter 2008 posting a 3% annualized

quarter-over-quarter drop in real growth. The first quarter 2009 decline was more severe, at over
7% quarter-over-quarter (annualized), the largest quarterly decline recorded since comparable

data were first recorded in 1961.

By the end of March 2009, the Bank of Canada had cut its overnight rate five additional times,
from 3.0% in April 2008 to 0.50% by the end of March, continuing its efforts to restore liquidity,
investor and consumer confidence and economic growth. Consistent with negative economic
growth, low inflation and investor risk aversion, yields on 10-year and 30-year Canada bonds
had declined to 2.8% and 3.6%, respectively. While the absolute yields on long-term corporate
bonds had fallen slightly from their January peak, the March 2009 month-end yield of 7.4%
reflected a spread with long-term Canada bonds of 380 basis points. A-rated utility bonds were

yielding 6.8% (spread of 320 basis points).

During the last months of 2008 and early 2009, the long-term debt market, even for highly rated
entities, was essentially closed. Between the end of August 2008 and mid-February 2009, no
regulated utility raised any debt in Canada with a term longer than nine years. In December
2008 and January 2009, NSPI raised five-year debt at unprecedented spreads of 400 and 390

basis points respectively over the corresponding term Canada bond.

Through the early part of 2009, equity markets continued to spiral downward. The S&P/TSX
Composite hit its trough in early March, having lost 50% of its value since hitting a peak in June
2008.

By mid-year, the massive stimulus programs and monetary policy initiatives implemented
globally began to bear fruit. In early June 2009, Finance Minister Jim Flaherty announced that
there were cautious signs that the Canadian economy had stabilized. Since that time there has
been continued improvement in both the capital markets and the real economies, both in Canada

and globally.
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340 The Canadian economy was declared to be officially out of recession in July 2009. The recovery
341 from the recession started modestly in the third quarter of 2009, and then gained momentum.
342 Real GDP growth rates in 4Q 2009 and 1Q 2010 were 4.9% and 5.4% respectively. After having
343 decreased its target overnight rate 10 times between December 2007 and April 2009 (from
344  4.75% to 0.25%), the Bank of Canada began to implement increases as the economy appeared to
345 strengthen. The most recent of three increases, to 1.0%, occurred in early September 2010.

346

347 However, in October 2010, the Bank of Canada announced that the economic outlook for Canada
348 had changed and it now expected growth to be more muted than previously forecasted. Since
349 that announcement, the Bank has implemented no further changes to the target overnight rate.
350 At 1.0%, the target overnight rate is still lower than at any time prior to the crisis.

351

352 Three-month Treasury bill yields, which follow the target overnight rate, have risen from a low
353 of 0.16% in February 2010 to just under 1% at the end of February 2011. The most recent
354 Consensus EconomicSpnsensus Forecas(Bebruary 2011) anticipates an increase of slightly

355 more than 1% (to 2.2%) in three-month Treasury bond yields over the next year. Even with the
356 expected increase to a 2.2% vyield, the three-month Treasury bill would be well below long-range
357 levels that would be likely to prevail. Since 1961, the three-month Treasury bill yield on average
358 has exceeded the rate of CPI inflation by 2.2%. With inflation expected to average 2.0% from
359 2013-2020, Treasury bill yields can reasonably be expected to average approximately 4.0%, 300
360 basis points above their current level.

361

362 Yields on 10-year and 30-year Government of Canada bonds were relatively flat from the end of
363 June 2009 (approximately the end of the recession) until the end of April 2010, averaging 3.5%
364 and 4.0% respectively. As the outlook for global economic growth tempered, coupled with the
365 sovereign debt crisis in Europe, yields fell. The 30-year Canada bond yield hit a trough of 3.3%
366 at the end of September 2010, the lowest yield observed on long-term Government of Canada
367 bonds since the mid-1950s. Although there has been a gradual uptrend in yields since that time,
368 as shown in Chart 1 below, a subdued recovery in Canada and the other advanced economies,

369 low inflation (expected to be 2.3% and 2.1% in 2011 and 2012 respectively), flows of capital
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into bonds during 2010 and geopolitical disruptions in the first quarter of 2011 have held 30-year

Canada yields below 4%.
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With respect to flows of capital into bonds, data compiled by the Investment Funds Institute of

Canada (IFIC) show that Canadian investors put a net $10.2 billion into bond mutual funds

during 2010, a further $26.1 billion into balanced (debt and equity) funds, while withdrawing a

net $7.0 billion from equity mutual funds.

Data compiled by Statistics Car@alaada’s

International Transactions in SecuritietBecember 2010) show that net purchases of Canadian

bonds by foreign investors totaled $96 billion in 2010, accounting for close to 85% of net

inflows into Canadian securities by foreign investors. Chart 2 below demonstrates by reference

to flows into and out of mutual funds that bond funds have, since first quarter 2009, experienced

significant inflows, while flows to equity funds have remained largely negative.
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Chart 2
Net Sales by Type of Mutual Fund
Quarterly Net Sales excluding Re-Invested Distributions
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At the end of February 2011, the yields on 10-year and 30-year Government of Canada bonds
were 3.3% and 3.7% respectively. The March 2011 Consensus Economics, Consensus Forecasts
anticipates that the 10-year Canada bond vyield will reach 3.9% within 12 months; the
corresponding long-term Canada bond yield, based on recent (early March 2011) spreads, would

be approximately 4.4%.

Spreads on long-term corporate debt have generally continued to narrow since the end of June
2009, although the downward trend was partially reversed in May 2010 with the onset of the
sovereign debt crisis in Europe. The spread between the yield on the DEX Long Corporate
Index and the 30-year Canada bond fell from 250 basis points at the end of June 2009 to 165
basis points in April 2010, jumping to close to 195 basis points in May 2010. At the end of
February 2011, the spread was 174 basis points. As shown in Chart 3 below, despite the
significant flows of funds into bonds (both corporate and government) during 2010, spreads

remain higher than prior to the financial crisis. The 174 basis point spread observed at the end of
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February 2011 compares to a long-term average of “i@&tusive of the higher spreads
experienced during the financial crisis and of approximately 0.85% up until the beginning of
2007.

Chart 3

Spread Between Yields on DEX Long Corporate Index
and 30-Year Government of Canada Bonds
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Spreads between long-term Canadian A rated utility bonds narrowed to 140 basis points in April
2010, but then spiked to almost 175 basis points during the height of the sovereign debt crisis in
May. At the end of the February 2011, the spread had dipped to just above 140 basis points, still
well above the 115 basis point average experienced during the five-year period (2003-2007)

prior to the onset of the financial crisis.

Since the end of the recession (from end of June 2009), the equity markets have been fueled by
the low interest rate environment, with low borrowing costs helping to boost corporate profits.
Pre-tax corporate profits are estimated to have increased 17% in 2010, after declining by 33% in
2009. The S&P/TSX index ended 2010 approximately 15% higher than at the end of 2009, but
still over 10% below its 2008 peak. While the expected volatility of the equity market has

declined significantly since the worst of the financial crisis, from the beginning of 2010 to the

4 Measured since 1976 when the yield on the benchmark long-term Government of Canada bond first became
available.
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end of February 2011, expected volatility has been higher on average than pre-crisis (2004-2007
average) levels. Further, global investor confidence levels remain lower than pre-crisis. Chart 4
below shows global investor confidence levels from January 2002 to late February 2011. The
investor confidence levels portrayed in the Chart reflect a quantitative measure of the actual and
changing levels of risk contained in investment portfolios representing about 15% of the world's

tradable assets.

Chart 4
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In October 2010, as noted above, the Bank of Canada announced that the economic outlook for
Canada had changed and that a more gradual recovery was expected than had previously been
the case. Actual growth in 2010 was 3.1%, the result of a sharp decline in the rate of growth
during the second and third quarters of the year, followed by a somewhat higher than expected
rate in the fourth quarter. While recovery is expected to continue in 2011 and 2012, the rates of
growth are anticipated to lower than in 2010, and relatively modest in the context of recovery
from recession. Consensus Economics (March 2011) forecasts growth in 2011 and 2012 at 2.9%

and 2.7%. The Bank of Canada’s January 2Ubhetary Policy Repoytprepared prior to the
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release of the fourth quarter economic performaactgipated somewhat lower growth rates, at
2.4% and 2.8% for 2011 and 2012 respectively.

The relatively modest pace of growth expected reflects a combination of domestic factors (high
household debt, which limits consumer spending) and international factors (e.g., the weak labour
and residential real estate markets in the U.S., the strained balance sheets of banks and
governments in Europe and austerity programs, and constraints on export growth arising from a
combination of tempered growth abroad, the high Canadian dollar and relatively weak

productivity).

The facts that (1) Canada fared relatively well compared to other advanced economies during the
worst of the financial crisis; (2) economic recovery is underway globally; and (3) capital markets
are on materially more solid ground than they were during the depths of the crisis do not mean
that it is “business as usual.” However, the global economies and capital markets have still not
fully recovered and there remain significant risks that there could be a material reversal, of which
certain bumps along the way have been constant reminders. The nature of most of these risks,
like the financial crisis itself, underscores the extent to which economies and capital markets

globally are inter-twined.

The most recent Bank of Candéimancial System Review, December 2010, page 2, summed up

those risks as follows:

(1) Sovereign debt concerns in several countries;

(2) Financial fragility associated with the weak global economic recovery;

(3) Global imbalances;

4) The potential for excessive risk-taking behaviour arising from a prolonged period of
exceptionally low interest rates in major advanced economies; and

(5) High leverage of Canadian households.

® Neither the Consensus Forecast nor the Bank of Canada’s forecast would have incorporated the potential impact on
economic growth of the crisis in Japan.
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With respect to the first, as the Bank of Canada’s June 2010 Financial System Review concluded:

While the Canadian financial system has continued to function well in the
face of adverse spillovers from Europe, it is vulnerable to renewed stress
in the event of a recurrence of severe tensions in global markets. For
example, heightened concerns over sovereign debt could lead to higher
borrowing costs and/or more rapid tightening of fiscal policy in some
European countries, potentially hampering the global economic recovery.
In turn, increased uncertainty over global economic prospects could
trigger a severe worldwide retrenchment from risky investments. This may
lead to market turmoil globally, and possibly even to forced asset sales
and liquidity shortages for some institutions. These developments could
materially impair the asset quality, capital positions, and funding liquidity
of financial institutions, and undermine confidence more generally.
Through these indirect channels, sovereign risk could have an impact on
the global financial system that is disproportionate to the direct exposure
of banks to sovereign debt.

In the December 2016inancial System Reviewhe Bank of Canada rated the risk to the
Canadian financial system from global sovereign debt as high and higher than it was in June
2010.

With respect to financial fragility associated with the weak global recovery, the Bank of Canada
noted the more subdued economic recovery than it had anticipated six months earlier, given in
part the shift of governments from fiscal stimulus to fiscal consolidation. The Bank noted that,
while banks around the world had made substantial progress in repairing their balance sheets,
they remain unusually strained and face challenges stemming from the weaknesses in the
macroeconomic environment, particularly the labour and real estate markets in Europe and the
United States. The Bank concluded that risks arising from the financial fragility associated with

a weak global economic recovery were elevated and had increased since they were assessed six

months earlief.

® The Bank’s assessment occurred prior to the onset of political upheaval in Egypt, Libya and other countries in the
Middle East, and the crisis in Japan, which could threaten the global recovery in 2011.
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In a similar vein, in its October 201GBlobal Financial Stability Reportthe International

Monetary Fund stated:

Despite the ongoing economic recovery, the global financial system
remains in a period of significant uncertainty. The baseline scenario is for
balance sheets to strengthen gradually as the economy recovers, and as
further progress is made in addressing legacy problems in key banking
systems. However, substantial downside risks remain. Mature market
governments face the difficult challenge of managing a smooth transition to
self-sustaining growth, while stabilizing debt burdens under low and
uncertain economic prospects. Without further bolstering of balance sheets,
banking systems remain susceptible to funding shocks that could intensify
deleveraging pressures and place a further drag on public finances and the
recovery.

Global imbalances refer to imbalances between savings and investment in the world economies,
as reflected in the significant distortions among current account balances, e.g., the large and
persistent current account deficit in the U.S. and surplus in China. In its December 2010
Financial System Reviewhe Bank of Canada noted the recent widening of global current
account imbalances, warning that the larger they grow, the greater the magnitude of future
adjustments required to resolve them. A disorderly resolution, which would be characterized by
a sharp adjustment in exchange rates and risk premiums for a wide range of assets, could create

significant stresses on financial institutions.

In addition to highlighting concerns with the large current account deficit of the U.S. and the
surplus of China, the Bank cited the increasing capital flows to emerging economies since mid-
2009. The capital flows (e.g. via funds which invest in emerging market equity and debt) to
emerging economies had been putting upward pressure on their currencies and raising concerns
about those economies’ potential to contribute to excessive credit growth and asset price bubbles.
Reaction to capital inflows in some cases has taken the form of tightened controls on capital
inflows in an attempt to thwart upward pressure on their currencies. The Bank cited the
heightened tensions in currency markets that had been experienced during the prior six months

and the increased risk of real and financial protectionism.
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The Bank opined that those heightened tensions and the related risks associated with global
imbalances could result in a more protracted and difficult global recovery, causing further stress
in the financial system. It determined that the risk of market turmoil resulting from global

imbalances was high and had risen since its last assessment.

With respect to the potential for excessive risk-taking behaviour, the Bank referred to the
extended period of extraordinarily low interest rates in the advanced economies, and that, while
such levels are required to stimulate the economies, they may lead to excessive credit creation
and undue risk risk-taking in the quest for higher returns. For example, the Bank noted the
pressure faced by insurance companies and pension funds to meet their obligations to
policyholders and beneficiaries, which could promote risk-taking behaviour. The Bank judged
the risk of such behaviour endangering financial stability in Canada in the near-term to be

moderate.

Finally, the Bank expressed concern with the growth in household credit, which leaves
individuals vulnerable to adverse economic shocks. The risk faced is a transmission to the
broader financial system of a decline in the credit quality of loans to individuals as a result of
deterioration in economic conditions. The decline in credit quality, in turn, would lead to tighter
credit conditions, to further deterioration in real economic activity, and to financial instability.
The Bank considered the risk of a system-wide disturbance resulting from financial stress in the

household sector to be elevated and somewhat higher than it had been six months previously.

Although there will always be systemic risks to the economy and the financial markets, the
breadth and level of those risks far exceeds those envisioned prior to the onset of the financial

crisis’

" A comparison of the Bank of Canada’s December 2006 andFif4Acial System Reviewsnfirms this.
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IV.  TRENDS IN UTILITY ALLOWED RETURNS

A. CANADA

At the time of NSPI's 2005 rates proceeding, the vast majority of Canadian utilities were subject
to automatic ROE adjustment formulas that changed the allowed ROEs annually by 75% to 80%
of the change in forecast long-term Canada bond yields. Most of the formulas had been in place
since the mid to late 1998sThe Albert Energy and Utilities Board (now the Alberta Utilities
Commission) was the last of the regulators to adopt a formula (2004), although the ROEs they
had adopted over the prior decade had followed the formula trends fairly closely. Of the major
provincial and federal energy utility regulators, only the UARB, the New Brunswick Energy and
Utilities Board and the Island Regulatory and Appeals Commission have not adopted automatic

adjustment formula3.

Supported by the fiscal restraint of the Federal government, the achievement and maintenance of
low levels of inflation, and the high levels of savings, forecast long-term Government bond
yields declined by approximately 375 basis points between late 1994 (when automatic formulas
were first adopted) and the beginning of 2005. With many Canadian utilities subject to formulas
tied to government bond yields over some or all of that period, the average allowed ROE had
fallen by approximately 265 basis points. When the UARB set NSPI's allowed ROE in March
2005, the approved ROE of 9.55% was marginally higher than the industry average of 9.5%.

Over the next several years, as long-term Canada bonds continued to decline, the formula-driven
allowed ROEs followed suit. By 2008, the industry average allowed ROE in Canada had
dropped to approximately 8.8%.

8 British Columbia Utilities Commission, 1994; National Energy Board, 1995; Public Utilities Board of Manitoba,
1995; Ontario Energy Board, 1997; Public Utilities Board of Commissioners of Newfoundland and Labrador, 1998;
and Régie de I'énergie du Québec, 1999.

° The Rate Review Panel in Saskatchewan does not regulate the ROE of the Crown-owned utilities. New Brunswick
Power is not rate base/rate of return regulated. A formula was proposed by intervenors for Enbridge Gas New
Brunswick in its 2010 cost of capital proceeding, but the NB Board did not address the issue in its decision.
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The evidence that the formulas were producing returns that did not meet the fair return standard

had been mounting for some time.

As long ago as December 2001, CIBC World Markets Report entilgublines and Utilities:
Time to Lighten Uf stated, in reference to the then recent formulaic reduction in Newfoundland

Power’s allowed return (from 9.59% to 9.05% year over year):

The magnitude of the reduction in the case of Newfoundland Power illustrates the flaw in
using a brief snapshot of existing rates rather than a forecast of rates that are expected to
persist during the upcoming year. More importantly, however, it shows the shortcoming
of the formula approach itself. Mechanically tying allowed returns on equity to long
bond yields is an approach that is simple for regulators to apply; however, in recent years,
with a steady decline in bond yields, it has produced-allowed returns that are out of sync
with the cost of capital, and returns that are being achieved with comparable nonregulated
companies or regulated returns that are achievable in the U.S.

At the time of the report, the allowed returns for Canadian utilities were approximately 9.6%,

compared to just over 11% for U.S. utilities.

In its June 20068Canadian Hydrocarbon Transportation Systeeport, the National Energy
Board (NEB) reported that a number of analysts felt that the ROE generated by the NEB formula
and by other Canadian regulators’ formulas “were a little too low” and not supportive of
dividend growth or credit metrics. A number of analysts commented that where they had “Buy”
recommendations on utility stocks, the recommendations tended to reflect the prospects of the
unregulated operations. Analysts also commented that companies had reduced costs and taken
other steps to improve profitability and dividend growth for several years, and wondered how
long that could continue. The 2007 Report expressed similar Wle@sme market participants
expressed concern that the stand-alone pipelines might have difficulty attracting capital given
low ROEs. Others felt the regulated entities would be able to attract capital, but that the terms
under which they did so would be more costly than for the consolidated entity. In addition, the

report stated:

% The NEB did not consult with analysts for the purpose of their 2008 report, in light of its then ongoing cost of
capital proceeding for TransQuébec and Maritimes Pipeline.
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Many analysts expressed support for a formulaic approach to determining ROEs because
of the transparency, stability and predictability that this method provides. However, a
number expressed the view that the ROE resulting from the formula was too low, and
contend that they are much lower than regulated ROEs in the U.S. and U.K. While views
ranged widely on this issue, some felt that the typically lower ROEs in Canada were not
justified by the differences in risk for Canadian companies compared to FERC-regulated
pipelines. Some parties suggested it was time for the Board to revisit the ROE Formula.

In Pipelines/Gas & Electric Utilities, dated December 7, 2006, Karen Taylor, then equity analyst
for BMO Capital Markets, concluded, “We believe on a collective basis, that the allowed returns
as established by the formulaighlighted above [referring to the NEB, EUBBCUC and

OEB™ formulas] are confiscatory and likely violate the Fair Return Standérd.”

With the unambiguous divergence between the trends in long-term government bond yields on
the one hand and utility bond yields and the market cost of equity on the other during 2008 led
other investment analysts to the conclusion that the formula had broken. In RBC Capital
Markets’ January 16, 200@dustry Commengntitled “Allowed ROEs: The Formula Is Broken,

but Will Regulators Fix It?”, analyst Robert Kwan commented:

With higher equity risk premiums and higher long bond yields for Energy Infrastructure
companies that are trading at levels close to the allowed ROEs, it appears that the formula
is broken. Forgetting the magnitude of change, it appears that the formula is producing a
result that is directionally incorrect (i.e., ROEs declining yet corporate bond yields and
equity risk premiums are rising).

Mr. Kwan recommended from a risk/reward perspective:
We would focus on companies with the least exposure to the formula.
A February 23, 2009 report by Macquarie Research eni@8 Formula May Finally Bite the

Dust concluded that government bond yields bear little resemblance to any private company’s

cost of capital. The report also concluded that:

! Alberta Energy and Utilities Board, now the Alberta Utilities Commission.

12 Ontario Energy Board.

'3 Studies commissioned by the Canadian Gas Association and the Canadian Energy Pipeline Association published
in 2008 also came to the conclusion that the ROEs produced by the automatic adjustment formulas did not meet the
fair return standard.
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Lack of comparability between allowed utility ROEs and returns on similar investments
is driving the emerging capital access problem. In support of the argument the
comparability criterion is not being met, utility customers and their expert witnesses like
to point out that allowed returns for U.S. utilities are considerably higher than allowed
returns in Canada. No matter how we slice the data, we concur with this opinion.

On March 19, 2009 the National Energy Board released its cost of capital decision for

TransQuébec and Maritimes Pipeline (TQM). In that decision, the NEB expressed the view that:

there have been significant changes since 1994 in the financial markets as well as in
general economic conditions. More specifically, Canadian financial markets have
experienced greater globalization, the decline in the ratio of government debt to GDP has
put downward pressure on Government of Canada bond yields, and the Canada/US
exchange rate has appreciated and subsequently fallen. In the Board’s view, one of the
most significant changes since 1994 is the increased globalization of financial markets
which translates into a higher level of competition for capital. When taken together, the
Board is of the view that these changes cast doubt on some of the fundamentals
underlying the RH-2-94 Formula as it relates to TQM.

The NEB also noted that:

The RH-2-94 Formula relies on a single variable which is the long Canada bond yield. In
the Board’s view, changes that could potentially affect TQM’s cost of capital may not be
captured by the long Canada bond yields and hence, may not be accounted for by the
results of the RH-2-94 Formula. Further, the changes discussed above regarding the new
business environment are examples of changes that, since 1994, may not have been
captured by the RH-2-94 Formula. Over time, these omissions have the potential to grow
and raise further doubt as to the applicability of the RH-2-94 Formula result for TQM for
2007 and 2008.

The NEB adopted a new cost of capital methodology for TQM, which instead of specifying
separate capital structure and ROE components, expressed the allowed return as an overall after-
tax return. The NEB provided calculations of the ROE implied at different capital structures to
facilitate comparisons with the “traditional” capital structure/ROE approach. The implicit ROE

at TQM’s proposed common equity ratio of 40% was 9.7%, which represented an increase in the
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ROE of approximately 1.0% to 1.25% relative to the NEB’s formula results for the same years

for which TQM'’s cost of capital was stt.

Following its decision for TQM specifically, the NEB rescinded its RH-2-94 decision which
adopted the automatic adjustment formdléSince the NEB's recission of the formula, Foothills

Pipe Lines, Nova Gas Transmission and Westcoast Energy have all reached negotiated
settlements with their shippers, all of which included allowed ROEs of 9.7% on 40% common

equity ratios.

BMO Capital Markets analyst George LazarevskPipelines and UtilitiegMarch 30, 2009)

stated:

We applaud the NEB for acknowledging that the RH-2-94 formula is no longer
applicable given the changes in business risk, financial markets and economic conditions.
In particular, the globalization of financial markets made it difficult for Canadian
operators to compete for capital with such low ROE.

On April 24, 2009, Scotia Capital commented:

The turmoll in financial markets over the last 18 months has had a material knock-on
effect on a sector typically seen as a safe haven from adverse equity market volatility and
valuations. Energy utilities across Canada have seen their regulated returns on equity
squeezed by falling Government of Canada bond yields, even as the real-world cost of
equity capital has risen dramatically.

Beginning with the National Energy Board in early 1995, Canadian energy regulators

have largely adopted formula-based annual adjustments to utilities’ allowed return on

equity. These formula have been based on the capital asset pricing model. A base “risk-
free” rate, represented by long Canada bond yields, is augmented by an equity risk
premium, chosen to represent the business and financial risk of the utilities. The NEB'’s

formula was created in 1994 and 1995, when Canada long bond yields reached over 9%
at times, due to a range of factors, including ratings downgrades, large public sector
deficits, and bearish domestic and international market sentiment towards Canadian
government debt.

* The NEB also noted that the ATWACC that it had adopted for TQM resulted in an effective ROE of 11.2% on the
32% common equity ratio recommended by the principal intervenor, the Canadian Association of Petroleum
Producers.

!5 National Energy BoardReasons for Decision, Multi-Client, RH-R-2;9@ctober 2009. It is of note that the
NEB'’s decision was for years 2007 and 2008 and was rendered independently of the financial crisis.
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As Canada’s public sector reformed its finances, long Canada yields have come down,
gradually but steadily, since early 1995. This led to a gradual decline in utility allowed
ROEs, which has been a challenge for equity holders, and a challenge for utility
management to offset by trying to “over-earn” the regulatory target, which is used to set
rates.

The onset of economic and financial market turmoil in late 2007 led to a further, more
rapid decline in Canada yields, mimicking the global flight to the safety of top-quality
sovereign debt, and reflecting widespread investor aversion to risk of all kinds. This
triggered a decrease in Canadian utility regulators’ formula-driven ROEs, to
unprecedented low levels. However, utility bond spreads, and their cost of equity capital,
were rising.

Very recently, the NEB recognized these adverse and undesirable results, in what we
view as a very significant Decision in the case of Trans Québec & Maritimes Pipeline.
The NEB varied from its formula, which it had applied virtually universally to utilities in

its jurisdiction since 1995. The ROE relief was material, lifting TQM’s ROE from the
formula-set 8.46% and 8.71% in 2007 and 2008 (on the NEB’s deemed equity
capitalization of 30%) to roughly 11.6% to 11.8%, based on the same capital structure
and the embedded cost of débt.

In addition to the NEB, in 2009, the AUC, the BCUC, the OEB, the Newfoundland and Labrador
Board, and the Régie, each reviewed the automatic adjustment ROE formulas. While each of the
decisions came to somewhat different conclusions regarding the appropriate level of ROE, the
cost of equity tests to be accorded most weight and the validity of the formula, all of the
decisions increased the allowed ROEs above the level that the automatic adjustment formulas

would have produced.

In November 2009, the AUC adopted an allowed ROE of 9.0% for 2010 and on an interim basis
for 2011 for all the utilities under its jurisdiction and implemented a 2% across-the-board

increase in allowed common equity ratios, subject to some company-specific adjustriergs.

AUC has instituted a proceeding to set the final allowed ROE for 2011 and to review the

utilities’ capital structures.

!¢ Stephen Dafoe, “Falling Canada Yields and Utility ROEsipital Points ScotiaBank Group, April 24, 2009.
" For example, the AUC allowed a 3 percentage point increase in common equity ratio for the two electricity
transmission utilities that were embarking on major capital build programs.
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In December 2009, the Régie adopted a 2010 ROE for Gaz Métro of 9.2%, compared to an ROE
of 8.64% which would otherwise have been adopted under the Régie’s automatic adjustment
formula. The Régie renewed its automatic adjustment mechanism effective for Gaz Métro’s
2011 test year. Due to the decline in forecast long-term Canada bond yields subsequent to the
December 2009 decision, Gaz Métro’s allowed ROE for 2011 will be 9.09%. The corresponding
ROE at the forecast 4.5% long-term Canada bond yield for 2012 would be 9.35%.

In its December 2009 decision for Newfoundland Power, the NL PUB set the allowed ROE for
2010 at 9.0% (on a common equity ratio of 44.7% and assuming a forecast long-term Canada
bond yield of 4.5%) and later adopted a formula that was quite similar to its previous formula,
i.e., it changes the allowed ROE by 80% of the change in long-term Canada bond vyields. For
2011, due to the lower forecast long-term Canada bond yield compared to the yield on which the
9.0% ROE was premised, the 2011 ROE is 8.38%. At the forecast long-term Canada bond yield
of 4.5% for 2012, the allowed ROE would be 9.0%.

In its December 2009 decision, the BCUC eliminated its automatic adjustment mecHatism.

so doing the Commission found the following:

The Commission Panel agrees that a single variable is unlikely to capture the many
causes of changes in ROE and that in particular the recent flight to quality has driven
down the yield on longerm Canada bonds, while the cost of risk has been priced
upwards.

In the Commission Panel’s opinion, reliance on CAPM by Canadian regulatory agencies
has also contributed to the divergence between Canadian and US allowed ROEs. In light
of the limited weight given by the Commission Panel to CAPM in determining the ROE
for TGI [Terasen Gas] for 2010, it would seem inconsistent to retain the adjustment
mechanism.

The BCUC set the allowed ROE for Terasen Gas, designated the benchmark utility, effective
July 1, 2009 at 9.50%, compared to 8.47% for the first six months of 2009, on a common equity
ratio of 40%. The corresponding ROEs effective July 1, 2009 for the smaller gas utilities,

Terasen Gas (Vancouver Island), Terasen Gas (Whistler) and Pacific Northern Gas (three

18 British Columbia Utilities Commissionin the Matter of Terasen Gas Inc., Terasen Gas (Vancouver Island) Inc.,
Terasen Gas (Whistler) Inc., and Return on Equity and Capital Structure, De@s&oember 19, 2009.
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divisions) were in the range of 9.9% to 10.15%, 40 to 65 basis points point higher than the ROE
for the benchmark utility, on equity ratios of 40% to 45%. The allowed ROE for FortisBC, the
only investor-owned fully integrated electric utility in Canada other than NSPI, is 9.9% on 40%

common equity. There has been no further action taken to change these approved ROEs.

In its, Report of the Board on the Cost of Capital for Ontario’s Regulated UtjliE&2009-
0084, December 11, 2009, the Ontario Energy Board (*OEB”), in its assessment of the automatic

adjustment formula, concluded that:

The existing formula approximates this relationship [between interest rates and the equity
risk premium] using a linear specification. The Board is of the view that it is
unreasonable to conclude that the current formula correctly specifies this relationship,
based on the passage of time, changes in financial and circumstances generally, and the
empirical analyses provided by participants to the consultation and the discussion at the
consultation itself. However, the Board is of the view that its current formulaic approach
for determining the equity cost of capital should be reset and refined, not otherwise
abandoned or subject to wholesale change.

The events that unfolded earlier this year that triggered this review effectively illustrated
that the Board’s approach needs to be refined to reduce the sensitivity of the formula to
changes in government bond yields due to monetary and fiscal conditions that do not
reflect changes in the utility cost of equity. The Board concludes that the current
approach could be more robust and better guide the Board’s discretion in applying the
FRS [Fair Return Standard]. The Board notes that while the current formula today
produces results similar to that in 2008, it does not address the observed behaviour of the
formula during the financial crisis — lowering the allowed ROE when the amount and
price of risk in the market was increasing.

The OEB also recognized that:

In its 1997 Draft Guidelines, the Board determined that the difference between the LCBF
for the current test year and the corresponding rate for the immediately preceding year
should be multiplied by a factor of 0.75 to determine the adjustment to the allowed ROE.
In that same document, however, the Board noted that there was a significant difference
of opinion concerning the relationship between interest rates and the ERP and that ratios
contained in the evidence from generic rate of return proceedings in other Canadian
jurisdictions ranged from 0.5:1 to 1:1.5. Moreover, the Board notes that the selection of
the 0.75 adjustment factor is described in the 1997 Draft Guidelines as “admittedly
somewhat arbitrary.”
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The OEB reset the benchmark allowed ROE at a forecast long-term Canada bond yield of 4.25%
and an approximately 140 basis point spread of A-rated utility bond yields over long Canada
bond vyields, at 9.75%, and confirmed the equity ratio applicable to the electricity distribution
utilities at 40%. Under the previous formula, the benchmark allowed ROE would have been
8.41%. The most recent ROE that has been officially adopted by the OEB by the application of
the revised formula was for Hydro One Transmission (9.66%, for rates effective January 1, 2011,
on an equity ratio of 40%, based on a forecast long-term Canada bond yield of 3.94%). Based on
the forecast of long-term Canada bond yields of 4.5% for 2012 (discussed in Section VII.C.2)
and current A-rated utility spreads, the OEB’s revised formula would produce an allowed ROE

of approximately 9.8%.

In July 2010, IRAC approved Maritime Electric’s requested ROE of 9.75% for 2010 and 2011

on 40% equity and declined to adopt an automatic adjustment formula as proposed by the
Consumer Advocate’s expert witness, stating that it “sees little value in placing greater emphasis
on a formula approach at a time when that approach is either being abandoned, altered or

deviated.”

Taking into account (1) the expectation that interest rates are expected to rise to 4.5% by 2012
and (2) recognizing that the AUC is in the process of setting the final ROE for 2011, the level of
ROEs allowed in Canada is not materially different on average than it was in 2005 (when the
UARB established the 9.55% ROE for NSPI) and is materially higher than the average ROE
adopted for 2009 (the year for which the UARB approved a 9.35% ROE for NSPI).

B. UNITED STATES

Chart 5 below shows that the ROEs approved for Canadian utilities and those approved for
electric and gas utilities in the U.S. were relatively comparable until approximately 1996. As the

automatic formulas continued to operate as initially constructed, a significant gap between the
allowed ROEs emerged, a gap which has persisted through 2009. Between 1996 and 2010,
Canadian allowed ROEs have averaged close to 1.2 percentage points lower than the allowed

returns of U.S. gas and electric utilities. Over the same period (1996-2010), the average yield on
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long-term government bonds in the two countries was virtually identical (5.2% in both

countries).
Chart 5
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To a large extent the difference in the allowed returns stems from (1) the weight given to the
Capital Asset Pricing Model in Canadian regulatory jurisdictions, which, due to its construction,
results in the allowed ROEs tracking long-term Canada bonds closely and (2) the use of
automatic adjustment formulas in Canada, which, because they are premised on a high degree of
sensitivity of the utility cost of equity to changes in long-term government bond vyields, have

resulted in a larger decline in allowed ROEs in Canada versus the U.S.

The average returns allowed for U.S. electric utilities in 2010 was 10.34% (on an average
common equity ratio of 48.5%) and for U.S. electric and gas utilities together, 10.24% (on an

average common equity ratio of 48.6%).
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V. ANALYTICAL FRAMEWORK

A. RELATIONSHIP BETWEEN CAPITAL STRUCTURE AND ROE

The analysis starts with the proposition that the fair return (which in this context encompasses
both capital structure and ROE) for NSPI should be determined on a stand-alone basis. The
stand-alone principle encompasses the notion that the cost of capital incurred by ratepayers
should be equivalent to that which would be faced by the utility raising capital in the public
markets on the strength of its own business and financial parameters. Respect for the stand-alone
principle is intended to promote efficient allocation of capital resources and avoid cross-
subsidies. The stand-alone principle has been respected by virtually every Canadian regulator in

setting both regulated capital structures and allowed ROEs.

The overall cost of capital to a firm depends, in the first instance, on business risk. Business risk
relates largely to the assets of the firm. The business risk of a utility is the risk of not earning a
compensatory return on the invested capital and of a failure to recover the capital that has been

invested.

The cost of capital is also a function of financial risk. Financial risk refers to the additional risk
that is borne by the equity shareholder because the firm uses debt to finance a portion of its
assets. The capital structure, comprised of debt and common equity, can be viewed as a
summary measure of the financial risk of the firm. The use of debt in a firm’s capital structure
creates a class of investors whose claims on the cash flows of the firm take precedence over
those of the equity holder. Since the issuance of debt carries unavoidable servicing costs which
must be paid before the equity shareholder receives any return, the potential variability of the

equity shareholder’s return rises as more debt is added to the capital structure.

Simply put, as the debt ratio rises, so do the costs of debt and equity. For a given level of
business risk, the return on equity that would be fair and reasonable at a common equity ratio of
40% would be lower than the return on equity that would be fair and reasonable at a common

equity ratio of 30%.
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There are effectively two approaches that can be used to determine a fair rate of return on rate
base. The first is to assess the “subject” utility’s business risks, then establish a capital structure
that (1) is compatible with its business risks; (2) would permit it to achieve a stand-alone
investment grade debt rating; and (3) would approximately equate the level of the specific
utility’s total (business and financial) risk to that of the proxies (or benchmarks) used to estimate
the cost of equity. This approach permits the application of the proxy companies’ cost of equity

to the subject utility without adjustment.

The second approach relies on acceptance of the utility’'s actual or proposed deemed capital
structure for regulatory purposes. The actual or deemed capital structure then becomes the key
measure of the utility’s financial risks. The utility’s level of total risk (business plus financial) is
then compared against that faced by the proxy firms used to estimate the ROE requirement. If
the total risk of the proxy or “benchmark” sample is higher or lower than that of the subject
utility, an adjustment to their cost of equity would be required when setting the subject utility’s
allowed ROE.

Both of these approaches have been taken by regulators in Canada. The first approach has been
utilized by the Alberta Utilities Commission (AUC), the National Energy Board (NEB) and the
Ontario Energy Board (OEB). The second approach has been used by the British Columbia
Utilities Commission (BCUC), the Régie de I'énergie (Régie), and the BEB.

In summary, the various components of the cost of capital are inextricably linked; it is
impossible to determine if the return on equity is fair without reference to the capital structure of
the utility. Thus, the determination of a fair return must take into account all of the elements of
the cost of capital, including the capital structure and the cost rates for each of the types of
financing. It is the overall return on capital which must meet the requirements of the fair return

standard.

19 Historically, the OEB used both capital structure and ROE to recognize differences in business risk among
utilities. More recently, it has adopted the same ROE for the utilities it regulates, adjusting for differences in
business risk in the capital structure.
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Both approaches used by Canadian regulators are equally valid as long as the combination of
capital structure and return on equity result in an overall return which satisfies all three fair
return standards. The advantage of the second approach is that it is, in principle, compatible with
the philosophy that the capital structure, within a reasonable range, is appropriately a decision for
management, because management is in the best position to assess its business risks, financing
requirements and access to debt and equity capital. For NSPI, the second approach has been

adopted for the estimation of the fair return.

B. SELECTION OF PROXY COMPANIES

The cost of equity, as estimated using tests applied to proxy companies, reflects the composite of
those proxy companies’ business, regulatory and financial risks. In principle, the cost of equity
estimated by reference to a sample of companies is applicable to a specific utility without
adjustment only if the magnitude of the total risks of the sample and the specific utility is

comparable.

In Canada, there are only seven investor-owned publicly-traded companies whose operations are
largely regulated® These companies are relatively heterogeneous in terms of both op&tations
and siz€? The relatively small and heterogeneous universe of publicly-traded Canadian
regulated companies means that it is impossible to select a sample that would be considered

directly comparable in total risk to any specific Canadian utility.

While market data for the Canadian utilities provide a perspective on the fair return for a
benchmark utility, a more accurate assessment can be made by relying also on a sample of
comparable risk U.S. utilities drawn from a much broader universe and selected using criteria
designed to (1) identify companies that are of relatively similar risk to NSPI and (2) produce a

large enough sample of companies to ensure reliable cost of equity test results.

2 Canadian Utilities Limited, Emera Inc., Enbridge Inc., Fortis Inc., Pacific Northern Gas, TransCanada
Corporation and Valener Inc. (formerly Gaz Métro LP).

%! Their operations span all the major utility industries, including electricity distribution, transmission and power
generation, natural gas distribution and transmission, and liquids pipeline transmission, as well as unregulated
activities in varying proportions of their consolidated activities.

2 Ranging from an equity market capitalization of approximately $110 million (Pacific Northern Gas) to $26 billion
(TransCanada).
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U.S. regulated companies represent a reasonable point of departure for the selection of a sample
of proxies from which to estimate the cost of equity for NSPI. The operating (or business)
environments are similar, the regulatory model in the U.S. is similar to the Canadian model,
Canadian and U.S. capital markets are significantly integrated and the cost of capital
environment is similar. Nevertheless, not all utilities in the U.S. would be considered of similar
risk to NSPI, just as not all utilities in the U.S. would be similar to each other. Consequently, a
proxy sample was selected according to criteria specifically designed to identify utilities of

similar risk to NSPI. The selection criteria are set out in Appendix B.

VI.  BUSINESS AND FINANCIAL RISK OF NSPI

A. BUSINESS RISK

1. Conceptual Considerations

Business risk is a function of the fundamental characteristics of a utility (e.g., demand, supply
and operating factors). Regulatory risk can be considered either as a component of business risk
or as a separate risk category along with business and financial risk. Regulatory risk relates to
the framework that determines how the fundamental risks are allocated between the utility’s
customers and its investors. The regulatory framework is dynamic: it is subject to change as a
result of shifts in underlying fundamental risk factors including the competitive environment,

energy policy, and regulatory philosophy.

Business risks have both short-term and longer-term aspects. The capital structure and fair
return on equity should reflect both short- and long-term risks. Short-term business risks relate
primarily to year-to-year variability in earnings due to the combination of fundamental
underlying economic factors and the existing regulatory framework. Long-term risks are
important because utility assets are long-lived. Long-term business risks comprise factors that
may negatively impact the long-run viability of the utility and impair the ability of the

shareholders to fully recover their invested capital and a compensatory return thereon. As
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utilities represent capital-intensive investments with very limited alternative uses, whose
committed capital is recovered over an extended period of time, it is the long-term risks that are
of primary concern to the investor. Moreover, utility stocks are not typically purchased as short-

term investments.

Since utilities are generally regulated on the basis of annual revenue requirements, there is a
tendency to downplay longer-term risks, essentially on the grounds that the regulatory
framework provides the regulator an opportunity to compensate the shareholder for the longer-
term risks when they are experienced. This premise may not hold. First, competitive conditions
may forestall higher return rewards when the risk materializes. Second, no regulatory board can
bind a successor board and thus guarantee that investors will be compensated for longer-term
risks in the event they are incurred in the future. Thus, while annual volatility in earnings is a
risk factor, longer-term risks are critical elements of the business risk profile of a regulated utility

and the determination of a reasonable capital structure and a fair overall return.

2. Overview of NSPI

NSPI is an integrated electric utility providing over 95% of the electricity generated, transmitted
and delivered in the Province of Nova Scotia to approximately 490 thousand residential,
commercial and industrial customers. Total assets at the end of 2010 were close to $4 billion.

The percentage of customers and sales to each customer class are summarized below.

Table 3

Sales

Customers (GWh)

Residential 90.5% 36.2%
Commercial 7.1% 27.0%

Industrial 0.5% 34.1%
Other 1.9% 2.7%

The proportions of total property, plant and equipment (net of general plant) attributable to each

of the three main functions are as follows:
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1026
1027 Table 4
Percentage of
Function PP&E
Generation 68%
Transmission 11%
Distribution 21%
1028
1029
1030 3. Electricity Market Structure in Nova Scotia
1031

1032 NSPI owns and operates a vertically integrated (transmission, distribution and generation)
1033 electric utility. It is one of only two investor-owned electric utilities in Canada (FortisBC being
1034 the other) which own and operate regulated facilities that generate more than a third of the power
1035 consumed by their customers. There is a limited wholesale market for eligible market
1036 participants (the province’s six municipally-owned electric utilities) and an Open Access Tariff,
1037 which provides for non-discriminatory access to NSPI's transmission system, allowing the
1038 eligible market participants to import power from outside the province and for competitive
1039 suppliers to import and export power into and out of the province.

1040

1041 NSPI retains the obligation to serve, including the obligation to ensure that adequate power is
1042 available to its domestic customers, either through construction, ownership and operation of
1043 generation or by contracting for power. This obligation is in contrast to the obligations held by,
1044 for example, the electricity distributors in Ontario or Alberta. In Ontario, the distribution utilities
1045 have no obligation to ensure the availability of power. In Alberta, the distribution utilities have
1046 the supplier of last resort function only if the retailers who have been designated the supplier of
1047 last resort default on their commitment.

1048

1049
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4. NSPI's Market

NSPI serves a relatively small economy; the 2009 Nova Scotia GDP of $34 billion represents
approximately 2.25% of the total GDP of Canada. The economy is a mix of resource-based
industries (e.g., energy and forestry related) and service-based, as Nova Scotia serves as a
regional service hub for Atlantic Canada. The province's economy depends on trade, with more
than 50% of its GDP directly attributed to the export of goods and services to the U.S. and other

Canadian provinces.

The significant service-related segments of the Nova Scotia economy helped the province to
weather the recession relatively well. Nova Scotia experienced one of the lowest percentage
declines in GDP in Canada in 2009. However, the resource-based export industries were hard
hit. The value of provincial exports declined by almost 25% in 2009, of which energy exports
accounted for over 60% of the decliifeThe energy industry in Nova Scotia remained weak in
2010; the decline in the value of energy exports was close to 40%, due to steep declines in off-
shore natural gas production and low natural gas prices. With weak demand abroad, the forestry
and forest products industry also experienced significant declines during both 2008 and 2009,
resulting in a seven-year stretch averaging approximately 12% per year. The drop of 7% posted
by the manufacturing industries in 2009 marked the fifth consecutive year of decline for this
sector. The poor performance of industry in Nova Scotia during the recession is reflected in
NSPI's 2009 sales volumes. Industrial electricity consumption fell by 12% in 2009; total

consumption declined by 4%.

Consistent with a shallower recession, the first year of economic recovery in Nova Scotia was
more muted. Real economic growth lagged the rest of Canada (real GDP growth of 1.8% in
Nova Scotia versus 3.1% for Canada) during 2010. Strongest growth among industry sectors is
expected to be posted by the forestry and forest products industry, with growth in agriculture, the
fisheries, and the oil and gas industry all remaining in negative territory. The oil and gas

industry is expected to remain weak until the Deep Panuke project begins production at the end

% standard and Poor’Blova Scotia Power IncDecember 30, 2010.
%Foreign Affairs and International Trade Cana@anada’s State of Trade: Trade and Investment Update — 2010
page 78, available at www.international/gc/ca/economist-ecnomiste/performance.
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of 2011. Although industrial consumption of electricity rebounded last year, it remained below
its 2005 peak.

Over the next two years (2011-2012), growth is expected to remain slow. The Conference Board
of Canada’sProvincial Outlook Winter 2011, anticipates that government austerity measures,
limited residential and non-residential investment spending and restrained consumer spending
will slow the economic recovery. The Conference Board forecasts that growth in the province
during 2011 and 2012, at 1.6% and 1.8% respectively, will lag well behind the rest of Canada
(2.7% and 2.0%), despite the significant bump expected from the oil and gas sector in 2012 with

the commencement of production from Deep Paritike.

Over the longer-term, demographic factors are expected to be the key constraint on growth. The
Conference Board of Canada&sovincial Outlook 201Cforecasts that Nova Scotia will rank

next to last in long-term growth from 2009-2030. The expected annual growth rate of 1.1% over

this period (compared to Canada’s 2.0%) reflects a deceleration over time, as the population
ages, net outmigration occurs, consumer spending shifts away from durable goods to services,

and slowing growth in domestic industries, most notably mining (oil and gas) and construction.

5. Electricity Supply

NSPI produces close to 90% of the power that it sells and purchases the remainder under power
purchase contracts with independent power producers (IPPs) of renewable energy. NSPI's year-
end 2010 owned generating capacity of 2,368 MW was comprised of the following technologies

(by percentage):

% Other private sector economic forecasters anticipate similar outcomes.
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Table 5
Percent of
Capacity
Technology (MW)
Coal 52.5%
Dual Fired 14.8%
Natural Gas 12.8%
Hydroelectric 16.7%
Wind 3.2%

The IPPs with which NSPI has contracts own 186 MW of wind and biomass capacity, increasing
to 226 MW in 2011. An additional 85 MW of renewable capacity expected to be in service by
the end of 2012 is either being build directly by NSPI or will be purchased from IPPs by NSPI

pursuant to long-term contracts.

Currently, approximately 83% of the power delivered by NSPI is produced from fossil fuels
(64% from coal). The Government of Nova Scotia has taken a leadership role in combating
climate change, through the reduction of greenhouse gas (GHG) emissions and other air pollutant
emissions and the adoption of an energy strategy that will transition from coal-fired electricity

production to electricity produced from renewable resources.

In August 2009, the Government of Nova Scotia issued Greenhouse Gas Emissions Regulations
made under th&nvironment Act Under those regulations, NSPI is subject to caps on GHG
emissions. The targets require a reduction in GHG by NSPI of 25% by 2020 from 2009 levels.
Failure to meet the caps can result in penalties of up to $500,000 per day. NSPI is also subject to

increasingly stringent caps on sulphur dioxide, nitrous dioxide and mercury emissions.

The Government of Nova Scotia first legislated renewable energy targets in 2007 as part of the
Environmental Goals and Sustainability Prosperity,Acimmitting to obtaining 18.5% of the
province’s electricity needs from renewable sources (hydroelectric, wind, tidal, solar, and
biomass) by 2013. Renewable Energy Standard Regulations were adopted uBtksttiogy

Act (Nova Scotia), which implemented the rules for achievement of the specified requirements,
including potential penalties for non-compliance (up to $500,000 per day). In April 2010, the
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government released a more aggressive plan (the Renewable Electricity Plan), which would
legislate obtaining 25% of the province’s electricity needs from renewable resources by 2015
and established an objective of 40% by 2020. Amendments to the Renewable Energy Standard
Regulations made under tB#ectricity Actin October 2010 implemented the 2015 requirement.

The UARB has recognized that the Renewable Energy Standard, which will require an additional
600 to 750 GWh of renewable energy projects between 2010 and 2015, will be a significant
challenge for NSP{°

6. Requlation

NSPI's cost of service framework is similar to that of other North American utilities. Like most
other vertically integrated utilities in North America, NSPI is able to recover from customers the
difference between its forecast and actual fuel costs through a fuel adjustment mechanism
(FAM). NSPI's FAM was conditionally approved by the UARB in Order NSUARB-P-887
(December 2007). Decision NSUARB-NSPI-P-888 (November 2008) approved the
implementation of the FAM, effective January 1, 2009, with the Board having satisfied itself that

the prerequisites specified in its December 2007 Order had been fulfilled.

The adoption of the FAM was viewed positively by the debt rating agencies. In its November
2010 debt rating report for NSPI, DBRS commented that “The Fuel Adjustment Mechanism
(FAM) which took effect on January 1, 2009, now allows for 100% fuel cost pass through, which
in turn has reduced regulatory risk and volatility in NSPI's earnings.” In its September 2009
report, Standard & Poor’s upgraded NSPI from BBB to BBB+, in part due to the adoption of the
FAM. Its December 2009 report concluded that “the utility's risk profile has improved with the

introduction of a fuel-adjustment mechanism (FAM), which will result in pass through of fuel

costs into rates.”

%6 Nova Scotia Utility and Review Boarth the Matter of an Application by Nova Scotia Power Incorporated for
approval of capital work order Cl# 39029, Port Hawkesbury Biomass Project, at a cost of $208.6 million
(NSUARB-P-128.10), page 37.
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In December 2010, in Decision NSUARB-P-887(2), the Board determined that the 2011 FAM
amounts should be recovered over a three-year period, 50% in 2011, 30% in 2012 and 20% in
2013. DBRS responded:

While DBRS understands that according to the FAM Plan of Administration, the UARB
reserves the right to intervene where it believes an increase is not acceptable nor in the
public’s interest, the current decision to defer recovery is not favourable for NSPI. While
the deferred amount ($53 million) is sizable, DBRS recognizes that under the FAM,
NSPI will recover all its fuel costs (including carrying charges) from its customers over
the deferral period and, as such, does not view the decision as having a material impact
on NSPI's liquidity nor on the current ratings of A (low), R-1 (low) and Pfd-2 (low).
However, DBRS will monitor future FAM filings, noting that a deferral significant
enough to have a material effect on NSPI's liquidity could affect the ratings, particularly
in a period of high capital requirements.

S&P also commented as follows:

An energy cost deferral mechanism, which the Nova Scotia Utility and Review Board
(UARB) approved during a December 2010 rate case decision, somewhat weakens the
FAM, in our view. While the UARB recognized that energy costs should increase by
NSPI's requested amount, it ordered the recovery of the energy cost increase to be spread
over multiple years.

We believe that in a period of rising fuel costs, there is now a greater likelihood of a
sustained use of an energy cost deferral mechanism to minimize customer rate shock. As
a result, a growing deferral balance might put pressure on the ratings because it could
increase cash flow volatility and place greater demands on working capital. NSPI's ability
to earn a return on the deferral while it remains on the asset side of its balance sheet
offsets the adverse effect a deferral balance could have on the company's credit profile, in
our view.

In both cases, the potential for the FAM deferral to pressure NSPI's ratings appears to be a
function of the relative size of the amount deferred. In NSPI's case the amount deferred
represents approximately 4.5% of 2010 revenues. A relatively larger deferral, however, from
DBRS’ perspective, clearly could pressure NSPI's debt rating. As regards S&P’s perspective, a
comparison between its views regarding NSPI and Maritime Electric Company Limited (MECL)
indicates that, if the FAM deferral were to grow relative to NSPI's total revenues, NSPI's ratings
could come under pressure. With respect to MECL, which had accumulated a large (relative to

total revenues) deferral account related to incurred but unrecovered energy costs, S&P stated. *
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We have some concern with the use of an energy cost adjustment mechanism (ECAM)
under the existing regulations. In the most recent approved rate order in July 2010, the
regulator recognized that the base rate for energy costs should increase and also directed
MEC to file a business case analysis with respect to the utility's continued involvement
with the Point Lepreau and Dalhousie generating facililesertheless, the regulator's

desire to minimize rate shock for electricity users is slowing MEC's commaodity cost
recovery and putting pressure on the rating. (emphasis added) The ECAM is designed

to smooth out the cost of volatile produced and purchased energy costs; in theory, high
energy costs are not be immediately passed through but are deferred and then recovered
on a rollingl2-month basis. However, since 2006, the cost of energy has consistently
exceeded the level built into the base rate for consumers. This has caused the deferral
balance to rise well beyond our expectations (various rate deferral balances were
approximately C$57 million at the end of 2009, or more than 40% of annual revenues).
The 2009 regulatory deferral balance was equivalent to about 29% of the year's FFO
generation. The adverse effect the deferral balance has on the Maritime Electric's credit
profile issomewhat offsetin our opinion by the company's ability to earn a return on the
deferral while it remains on the asset side of its balance sheet. (emphasié’added)

With respect to capital projects, as noted by DBRS, “Each project must receive approval from
the Nova Scotia Utility and Review Board (UARB) before NSPI can proceed to ensure that the
investment will be included in the rate ba8®.This requirement is materially the same in other
Canadian jurisdictions. Costs incurred in the construction of each project are, as in other
jurisdictions, subject to a prudence review. On an ongoing basis, projects completed and placed
into service are subject to risks that costs incurred for maintenance capital, operating expenses

and fuel (for generation projects) will not be recoverable in rates.

With respect to how the capital markets view regulatory risk overall in Nova Scotia compared to
regulatory risk in other Canadian jurisdictions, the only third party comparisons of which | am
aware have been provided by two debt rating agencies, S&P and M&bdy'sts most recent

debt rating report for NSPI, S&P commented that “In our opinion, NSPI's specific regulatory
environment was somewhat less favorable than others in Canada. However, the direction of

recent rulings has generally been more favorable. In particular, we viewed the FAM

27 standard and Poor’§jaritime Electric Co. Ltd. September 1, 2010.

28 DBRS,Nova Scotia Power IncNovember 26, 2010

% DBRS has not, to my knowledge, ever provided any comparative assessment. Its commentary on NSPI's
regulatory risk in its most recent full debt rating report, issued in November 2010, prior to Decision NSUARB-P-
887(2), was specific to Nova Scotia. DBRS found that “NSPI still faces some regulatory risk with respect to the
timeliness and certainty of full cost recovery, even though the implementation of the FAM will help to alleviate this.

It is expected that the difference between the costs included in rates and the actual costs of fuel will be deferred and
refunded to or collected from customers in the subsequent year.”
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implementation as a positive development that materially reduces the risk associated with
volatile hydrocarbon prices? In its last report on NSPI prior to its discontinuation of the debt
ratings, Moody’s ratings for NSPI on its two regulatory risk factors were the same as the average
for other Canadian utilities that it rat¥s.Moody’s quantitative methodology for rating electric

and gas utilities worldwide considers four main factors: regulatory framework (25% weight);
ability to recover costs and earn returns (25% weight); diversification (10% weight); and
financial strength and liquidity (40% weight). On the two factors related to regulatory
environment, regulatory framework and ability to recover costs and earn returns, Moody’s rated

NSPI “A”, the same average rating that it has accorded other Canadian utilities that't rates.

7. Capital Expenditures

In its most recent debt rating report (November 25, 2010), DBRS noted that NSPI's capital
expenditures had increased significantly and estimated that NSPI would spend close to $1 billion
over the next several years in addition to maintenance capital (approximately $400 million per
year) in order to meet the renewable energy targets, to improve system reliability and to comply
with new environmental standards. In 2010 alone, NSPI incurred over $0.5 billion in capital

expenditures, largely related to investments in renewable energy projects.

The over $0.5 billion in capital expenditures in 2010 and the anticipated approximately $400
million per year over the next several years represent more than two and a half times the average
annual investment in plant, property and equipment of under $150 million made by NSPI during
the prior five years (2005-2009).

8. Relative Business Risk of NSPI

Even with the FAM in place, as an integrated utility with more than 50% of its rate base invested

in generation assets, NSPI faces higher business risks than the typical regulated Canadian utility.

%0 Standard and Poor’slova Scotia Power Inc., December 30, 2010.

31 Moody’s, Nova Scotia Power Inc., November 17, 2009.

32 Moody’s rates electric and gas utilities operating in the provinces of Alberta, British Columbia, Ontario and
Newfoundland and Labrador.
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The average business risk profile rankihgssigned to Canadian electric and gas utilities by
Standard & Poor’s is “Excellent”, the top category on its business risk ranking scale; NSPI is
assigned a business ranking of “Stroffy”.The regulated operations of the majority of the
Canadian utilities listed on Schedule 3 are largely “wires” or “pipes” operations (distribution and
transmission) that inherently face less business risk than an integrated electric utility (i.e., with
generation). Generation operations are exposed to higher operating and capital recovery risks
than a “wires only” or “pipes only” business. Of the major capital intensive utility functions,
generation is the one that is not necessarily a natural monopoly; the electric “wires” and gas
distribution “pipes” are unlikely to ever be duplicated. Integrated utilities retain the obligation to
ensure adequate generation capacity; “wires” utilities do not have that obligation nor do they
have the same level of cost recovery risks as generation (fuel cost disallowances, operating risk

or stranded costs).

While generation is riskier than transmission or distribution, within the generation function, there
are different levels of business risk associated with different types of generation. The generation
assets of FortisBC, the only other Canadian investor-owned truly integrated electri, uaility
relatively low risk hydro-electric plants. Its purchased power also is primarily generated by
hydroelectric plants. In contrast, NSPI's existing generation assets are concentrated in higher

risk coal/petroleum coke facilities. NSPI's higher risk relative to FortisBC arises from:

Q) Risks related to the availability and costs of fuel and replacement costs of power if the
plants are not operating. Hydroelectric generation facilities do not incur fuel’tosts.
Even with the FAM, NSPI is exposed through the FAM’s incentive mechanism to the

risk of under-recovering its actual fuel costs and to the risk of cost disallowance.

3 There are six S&P business risk profile rankings, ranging from “Excellent” to “Vulnerable”.

3 S&P raised NSPI's business risk profile ranking from “Satisfactory” to “Strong” in December 2009 following
implementation of the FAM.

3% Maritime Electric and Newfoundland Power have some generation assets, but remain largely distribution utilities.
Other investor-owned Canadian utilities have significant generating assets, but the generating assets are not
regulated.

% Due to its arrangements with BC Hydro (BC Hydro dispatches FortisBC's plants in exchange for power
entitlements), FortisBC does not face any risk related to water availability.
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(2) The lower probability that FortisBC’s low cost hydroelectric facilities will be replaced by
alternative generating sources, which results in lower long-term competitive and stranded
cost risk for FortisBC than for NSPI.

3) The higher environmental risk (e.g., costs of environmental compliance) associated with

NSPI’s coal/petroleum coke facilities, as compared to FortisBC’s hydroelectric plants.

4) NSPI's renewable energy resource requirements arising from the Renewable Energy

Standard Regulation.

(5) NSPI’s requirements to reduce greenhouse gas (GHG) emissions and other air pollutants.
While FortisBC, as a British Columbia utility, also operates in a province governed by an
aggressive climate change strategy, its sources of power supply, as noted above, are

predominantly hydroelectric.

B. FINANCIAL RISK

As discussed in Chapter V, financial risk is the additional risk borne by the equity shareholder
because the firm uses debt to finance a portion of its assets. The capital structure, comprised of
debt and common equity, can be viewed as a summary measure of the financial risk of the firm.
Credit metrics are also an important indicator of the level of financial risk. The firm’s debt
ratings are a further indicator of the level of financial risk, as debt ratings incorporate an overall

assessment of the firm’s business and financial risk, from the perspective of the bond investor.

NSPI is proposing to maintain the 37.5% common equity ratio that has previously been adopted
for rate setting purposes. It is also requesting in this proceeding to continue to calculate its
annual earnings on the basis of its actual capital structure up to a maximum common equity ratio

of 40% as directed by the UARB in approving the January 2010 ROE Settlement Agreement.

NSPI's 37.5% common equity ratio used for rate setting purposes is at the low end of the scale

for regulated Canadian utilities. Of the investor-owned electric utilities in Canada, only the
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electric transmission utilities in Alberta, which are of materially lower business risk than NSPI,
have allowed equity ratios lower than 37.5%. The typical common equity ratio allowed for rate
setting purposes for electricity distribution utilities, which are also of lower business risk than
NSPI is 40%, with a range of 39% (Alberta taxable electricity distributors) to close to 45%
(Newfoundland Power) ; (see Schedule 2 page 1 of 3). The average common equity ratio for
regulated electric and gas utilities in Canada used for ratesetting purposes is approximately 40%,
higher than NSPI's 37.5%; (see Schedule 2 page 1 of 3). The median actual year-end 2009
common equity ratio for investor-owned utilities with rated debt was 41%, higher than NSPI's

forecast test-year actual common equity ratio of 37.5%.

With respect to credit metrics, three credit metrics that debt rating agencies look to in their
assessment of financial risk are: Earnings before Interest and Taxes (EBIT) Interest Coverage,
Funds from Operations (FFO)to Total Debt, and FFO Interest CoverdyeThe latter two are
important because bond investors are more concerned about cash flows available to meet interest
payments than earningger se As summarized in Table 6 below, NSPI's three-year average
EBIT Interest Coverage, FFO to Debt Ratio and FFO Interest Coverage Ratio have been
marginally higher than the medians for investor-owned Canadian utilities with rated debt. DBRS
expects the credit metrics to weaken during the capital build cycle, i.e., while capital

expenditures are being incurred but before the projects are included in rate base.

Table 6

FFO
EBIT Interest
Coverage Coverage FEFO/Debt
(2007-2009)
NSPI 2.4X 3.2X 15.8%
Investor-owned Utility Median 2.3X 3.2X 14.5%

Source: Schedule 6 page 1 of 2

37 Funds from Operations Funds from operations are equal to net income plus or minus non-cash items. The
principal non-cash items include depreciation and amortization, future income taxes and the equity component of
AFUDC.

3 Funds from Operations plus Interest divided by Interest.
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Despite slightly higher credit metrics than achieved by the investor-owned utility sector overall,
NSPI’'s debt ratings have been lower than average. NSPI's DBRS rating is A (low), one notch
lower than the investor-owned Canadian utility median of A. Its S&P rating is BBB+, one notch

lower than the investor-owned utility median of &-.

The lower debt ratings stem from higher business risk as compared to NSPI's Canadian peers,
which has not been offset by lower financial risk (i.e., a higher common equity ratio and

materially stronger credit metrics).

NSPI’'s higher business risk, lower regulated and actual common equity ratios, and lower debt
ratings compared to its Canadian peers translate into both a higher cost of debt and a higher cost
of equity. The higher cost of equity, in turn, means that NSPI's allowed ROE needs to be set at a
level in excess of those awarded its Canadian peer in order to meet the three requirements of the
fair return standard. While all of the three requirements of the fair return standard (comparability
of returns, ability to attract capital, and maintenance of financial integrity and creditworthiness)
are equally important, NSPI is embarking on a significant capital program that will require
consistent access to the capital markets. A fair ROE that recognizes NSPI's higher business risk
but relatively modest common equity ratio will provide a foundation for ensuring the Company’s

ability to attract capital on reasonable terms and conditions.

VIl. FAIR RETURN ON EQUITY FOR NSPI

A. CONCEPTUAL CONSIDERATIONS

1. Importance of Multiple Tests

The key to determining the fair return on equity (i.e., ensuring that all three requirements of the
fair return standard are met) is reliance on multiple tests. There are three different types of tests

that have traditionally been used to estimate the fair return on equity: equity risk premium

39 Before NSPI's Moody'’s ratings were withdrawn at the request of the Company in March 2010, its rating was
Baal, one notch lower than the median rating of A- for all Canadian utilities rated by Moody’s.
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(including, but not limited to, the Capital Asset Pricing Model), discounted cash flow and
comparable earnings tests. Each of the tests is based on different premises and brings a different
perspective to the fair return on equity. None of the individual tests is, on its own, a sufficient
means of ensuring that all three requirements of the fair return standard are met; each of the tests
has its own strengths and weaknesses. Individually, each of the tests can be characterized as a
relatively inexact instrument; no single test can pinpoint the fair rétutdoreover, different

tests may be more or less reliable depending on prevailing economic and capital market

conditions*

These considerations not only emphasize the importance of reliance on multiple
tests, but also of benchmarking, or testing the reasonableness of the test results themselves

against other relevant information.

Each test has its own set of pros and cons. The discounted cash flow test directly measures
utility return expectations. It is subject to an ongoing debate around the accuracy of investment
analysts’ forecasts as the measure of investor expectations of growth. The comparable earnings
test explicitly recognizes that the objective of regulation is to emulate competition and measures
returns on the same original cost basis on which utilities are regulated. It is subject to concerns
around selection criteria and whether the results are representative of economic returns. The
theoretical Capital Asset Pricing Model, framed in an elegant, simple construct, and, on the
surface, with only three components, easy to apply, has an intuitive appeal. Nevertheless, it also

has its own set of challenges, which are summarized below.

The focus on the challenges of the theoretical CAPM is not to suggest that other tests are
necessarily superior, but because Canadian regulators have, in recent years, tended to favour

CAPM in their estimation of the allowed ROEs, although recently with clearer recognition of its

40 For example, Bonbright states, “No single or group test or technique is conclusive. Therefore, it is generally
accepted that commissions may apply their own judgment in arriving at their decisions.” (James C. Bonbright,
Albert L. Danielsen, David R. Kamersché®rinciples of Public Utility Rates?™ Ed., page 317, Arlington, VA.:

Public Utility Reports, Inc., March 1988).

“1 For example, see Federal Communications Commission, Report and Order 42-43, CC Docket No. 92-133 (1995).
Equity prices are established in highly volatile and uncertain capital markets... Different forecasting
methodologies compete with each other for eminence, only to be superseded by other methodologies as
conditions change... In these circumstances, we should not restrict ourselves to one methodology, or even a
series of methodologies, that would be applied mechanically. Instead, we conclude that we should adopt a
more accommodating and flexible position.
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shortcomings and the various adjustments to the “classic” model that may be régined.

challenges in the application of the CAPM include:

(1)

(2)

The CAPM attempts to measure, within the context of a diversified portfolio, what return
an equity investor should require, in contrast to the return that the investor does require or

what returns are actually available to investments of comparable risk.

The size of the market risk premium cannot be directly observed and is subject to a wide
divergence of opinion. While historic risk premiums may provide a perspective on the

size of the expected forward-looking market risk premium, historic results are sensitive to

42 The British Columbia Utilities Commission (BCUC) and the Ontario Energy Board (OEB), in their 2009 utility
cost of capital reviews, recognized the challenges of the CAPM, the need for adjustments, and the need to consider
the results of multiple tests.

The BCUC noted:

that CAPM is based on a theory that can neither be proved nor disproved, relies on a market risk premium
which looks back over nine decades and depends on a relative risk factor or beta. The fact that the calculated
beta for PNG (considered by Dr. Booth to be the most risky utility in Canada) was 0.26 in 2008 causes the
Commission Panel to consider that betas conventionally calculated with reference to the S&P/TSX are
distorted and require adjustment.

The Commission Panel will give weight to the CAPM approach, but considers that the relative risk factor
should be adjusted in a manner consistent with the practice generally followed by analysts so that it yields a
result that accords with common sense and is not patently absurd. (BXH#E,G-158-09)n the Matter of
Terasen Gas Inc. Terasen Gas (Vancouver Island) Inc. Terasen Gas (Whistler) Inc. and Return on Equity
and Capital Structure Decision, December 16, 2009, page 45).

The OEB stated:

The Board’s current formulaic approach for determining ROE is a modified Capital Asset Pricing Model

methodology, and in his written comments, Dr. Booth recommended that this practice be continued. Dr.
Booth recommended that “the Board base its fair ROE on a risk based opportunity cost model, with
overwhelming weight placed on a CAPM estimate”.

This view was not shared by other participants in the consultation, who asserted that the Board should use a
wide variety of empirical tests to determine the initial cost of equity, deriving the initial ERP [equity risk
premium] directly by examining the relationship between bond yields and equity returns, and indirectly by
backing out the implied ERP by deducting forward-looking bond yields from ROE estimates...

The Board agrees thtte use of multiple tests to directly and indirectly estimate the ERP is a superior
approach to informing its judgment than reliance on a single methodologyin particular, the Board is
concerned that CAPM, as applied by Dr. Booth, does not adequately capture the inverse relationship
between the ERP and the long Canada bond yield. As such, the Board does not accept the recommendation
that it place overwhelming weight on a CAPM estimate in the determination of the initial ERP.EBEB,
2009-0084, Report of the Board on the Cost of Capital for Ontario’s Regulated Utiiegmber 11,

2009, pages 45-46)
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the country from which the data are drawn and the time period over which they are

measured.

The market risk premium is not a fixed quantity; it changes with investor experience and
expectations. It would be higher, for example, when investors perceive that the risk of
the equity market has increased relative to that of the government bond market and vice
versa. However, the model does not readily allow estimation of changes in the size of the
market risk premium as economic or capital market conditions (e.g., interest rates)
change. The typical application of the CAPM relies heavily on long-term average
achieved equity risk premiums in conjunction with a current or forecast risk-fre¥ rate.
The typical application of the model captures the change in interest rates, but does not
capture how the risk premium changes when interest rates change. The need to capture
and measure changes in the relative risk of the so-called risk-free security introduces a
further complication in the application of the CAPM, particularly as the changes impact

the measurement of the equity market risk premium.

The achieved equity market risk premium in Canada is significantly influenced by
historic behaviour of the long-term Government of Canada bond. The radical change in
Canada’s fiscal performance over the past decade has contributed to a steady decline in
long-term government bond yields and a corresponding increase in total returns achieved
by investors in long-term government securities. As a result, the achieved equity market
risk premiums in Canada have been squeezed by the performance of the government
bond market. The low prevailing and forecast long-term Government of Canada bond
yields relative to both the historic yields and total returns on those securities indicate that
the historic yields and returns on long-term Government of Canada bonds overstate the

forward looking risk-free rate.

*3 Theoretically, an underlying premise of the CAPM is that the risk-free rate is uncorrelated with the return on the
market.

In other words, the assumption is that there is no relationship between the risk-free rate and the equity

market return (i.e., the risk-free rate has a zero beta). However, the application of the model frequently assumes that

the equity market return is highly correlated with the risk-free rate, that is, the equity market return and the risk-free

rate move in tandem. Consequently the application of the test frequently proceeds on an assumption directly in
conflict with an underlying premise of the model itself.
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5) The objective of using the CAPM (as with any cost of equity model) is to estimate the
returns that investors expect or require. Empirical tests of the model have shown in some
cases that the model underestimates the returns for low beta stocks and overestimates
them for high beta stocks and in other cases that there is no relationship between beta and

return.

The challenges associated with the CAPM are of a sufficient magnitude to warrant the
conclusion that it is not inherently superior to other approaches to the estimation of a fair return,
particularly in light of the adjustments to the theoretical CAPM necessary to apply it to the utility

industry.

All approaches to estimating a fair return require significant judgment in their application, the
extent of which depends on the prevailing state of the capital markets. Any individual cost of
equity model implicitly ascribes simplicity to a cost whose determination is inherently complex.
No single model is powerful enough on its own to produce “the number” that will meet the fair
return standard. Only by applying a range of tests along with informed judgment can adherence

to the fair return standard be ensutéd.

2. Distinction between Market and Book Values for Fair ROE Determination

Discounted cash flow and equity risk premium models represent conceptually different ways that
investors might approach estimating the return they require on the market value of an equity

investment. While the discounted cash flow (DCF) and risk premium tests estimate the return

4| am strongly of the view that the comparable earnings test is the only test which measures returns in a manner
compatible with the base (original cost) to which they are applied. However, | also recognize that the comparable
earnings test is the most controversial, not only in terms of its applicability to the estimation of a fair return, but in
terms of its application (e.g., criteria for selection of comparables, period over which returns should be measured,
need for adjustments for relative risk. In order to limit the issues relevant to the estimation of a fair return, | have
applied risk premium and discounted cash flow tests only. However, if the comparable earnings test is to be
omitted, the determination of the allowed ROE needs to recognize that market-based costs of equity relate to market
value capital structures, not the book value capital structure to which the cost of equity is applied. See Section
VIILE. for a full discussion. The application of the comparable earnings test, conducted in the same manner as |
previously presented to the UARB, indicates, in isolation, a fair return in the range of 12.5% to 13.0%. In that
context, the ROE that | recommend for NSPI is conservative.
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required on the market value of common equity, regulatory convention applies that return to the
book value of the assets included in rate base. The determination of a fair return on book equity

needs to recognize that distinction.

In simple terms, assume that the cost of equity for a company whose stock value is $200 is 10%.
That means that investors require a return, in dollar terms, of $20. If the book value of the stock
is $100, and the 10% cost of equity is applied to the $100 book value rather than the $200 market

value, the resulting return in dollar terms is only $10, or half that which investors require.

The proxy companies used for the purpose of estimating the cost of equity have market-to-book
ratios of 1.5 X (U.S. sample) to 2.0X (Canadian sample), well in excess of the market-to-book
ratio of 1.0 that conceptually would equate the return on book value (in dollar terms) to the

return estimated by reference to the market-based DCF or equity risk premium tests.

When the allowed return is applied to an original cost book value, a market-derived cost of
attracting capital must be converted to a fair and reasonable return on book equity so that the
stream of dollar earningsn book value equates to the investalsllar returnrequirements on
market value. Failure to make such a conversion will produce an allowed level of earnings that
contravenes the fair return standard and will discourage utilities from making investments in

critical infrastructure.

B. SELECTION OF COMPARABLE UTILITIES

To ensure comparability with NSPI, only electric utilities categorized by the Edison Electric
Institute (EEI) as regulated or mostly regulated utilities were selected. Further, the selection was
limited to electric utilities whose operations are focused in states whose electric utility industry is
not restructured or where restructuring has been suspended, retail choice is limited to large
customers, and the preponderance of customers and load receive a bundled (distribution,

transmission and generation) service.
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The selected electric utilities are in Standard & Poor’s “Strong” or “Excellent” business risk
category, with a sample median of “Excellent”. The typical Canadian tRitigs an “Excellent”
business risk ranking; NSPI is ranked “Strong”; i.e., of higher business risk than the typical
Canadian utility and of higher business risk than the typical utility in the proxy U.S. electric
utility sample from S&P’s perspective. The U.S. electric utilities are rated no lower than
BBB/Baa by both Standard & Poor’'s and Moody’s. The median S&P debt rating of the U.S.
electric utility sample is BBB+, identical to NSPI. The median Moody'’s rating for the U.S.
electric utility sample is Baal; NSPI's Moody’s rating was also Baal before it was withdrawn by
the Company in March 2010 (Schedules 3 and 12).

The medianvalue LineSafety rank of the U.S. electric utility sample is 2 (Schedule 12); the
Safety ranks of both of the two Canadian regulated companies coveratlby Line
(TransCanada Corp. and Enbridge Inc.) are afo & comparison to NSPI, the U.S. utilities

have higher common equity ratios (lower financial rf€k)The average common equity ratio of

the sample of U.S. electric utilities (based on the average of the last four quarters ending
September 2010) was approximately 45% (Schedule 12), compared to NSPI's deemed common
equity ratio for ratesetting purposes of 37.5%, the forecast actual common equity ratio of 37.5%

in 2012 and the 40% common equity ratio on which the Company is allowed to earn.

C. EQUITY RISK PREMIUM TESTS

1. Conceptual Underpinnings

An equity risk premium test is derived from the basic concept of finance that there is a direct

relationship between the level of risk assumed and the return required. Since an investor in

% Standard & Poor’s assigns a business risk ranking to each of the companies it rates. There are six business risk
categories, ranging from “Excellent” to “Vulnerable”. All of the utilities in the proxy sample of U.S. utilities have

an “Excellent” business profile, as do the majority of Canadian utilities whose debt is rated by S&P.

® The Safety rank represents Value Line’s assessment of the relative total risk of the stocks. The ranks range from
“1” to “5”, with stocks ranked “1” and “2” most suitable for conservative investors. The most important influences

on the Safety rank are the company's financial strength, as measured by balance sheet and financial ratios, and the
stability of its price over the past five years.

“"n isolation, the difference in financial risk between a common equity ratio of 50% and a common ratio of 40% is
equivalent to a difference in cost of equity of approximately 0.75% to 1.25% at the prevailing utility costs of debt
and equity and Canadian income tax rates.
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common equity takes greater risk than an investor in bonds, the former requires a premium above
bond yields in compensation for the greater risk. Equity risk premium tests are a measure of the
market-related cost of attracting capital, i.e., a return on the market value of the common stock,

not the book value.

Equity risk premium tests, similar to the other tests used to arrive at a fair return, are forward-
looking, that is, they are intended to estimate investors’ future equity return requirements. The
magnitude of the differential between the required/expected return on equities and the risk-free
rate is a function of investors’ willingness to take risks and their views of such key factors as
inflation, productivity and profitability. Because equity risk premium tests are forward-looking,
historic risk premium data need to be evaluated in light of prevailing economic/capital market
conditions. If available, direct estimates of the forward-looking risk premium should supplement

estimates of the risk premium made using historic data as the point of departure.

2. Risk-Free Rate

The application of equity risk premium tests require a forecast of the risk-free rate to which the
equity risk premium is applied. Reliance on a long-term government bond yield as the risk-free
rate recognizes (1) the administered nature of short-term rates; and (2) the long-term nature of

utility assets to which the equity return is applicable.

In the application of the equity risk premium tests, the long-term Government of Canada bond
yield expected to prevail during the 2012 test year was utilized. The most recent publicly-
available interest rate forecasts expect the 30-year Canada bond to yield approximately 4.5%
during 2012*® As the economy strengthens, long-term Canada bond yields are expected to rise.
Over the longer-term (2013-2020), the 10-year Canada bond yield is expected to average close to
5.0%*° The corresponding 30-year Canada bond yield, assuming that the spread reverts to its

historical long-term average of 0.30% as the yield curve flattens, would be approximately 5.25%.

8 The forecasts were provided by BMO Capital Markets, CIBC World Markets, Desjardins, National Bank, Royal
Bank of Canada, Scotia Bank Group and TD Securities.

49 Consensus Economics issues long-term forecasts twice annually, in April and October. Consensus Economics,
Consensus Forecast®ctober 2010 anticipates the 10-year Canada bond yield to average approximately 5.0% from
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3. Risk-Adjusted Equity Market Risk Premium Test

3.a. Conceptual and Empirical Considerations

The risk-adjusted equity market risk premium approach to estimating the required equity risk
premium for a benchmark utility entails (1) estimating the equity risk premium for the equity

market as a whole; (2) estimating the relative risk adjustment; and (3) applying the relative risk
adjustment to the equity market risk premium, to arrive at the required equity risk premium for a

benchmark utility. The cost of equity is thus estimated as:

Risk-Free + Relative Risk Market Risk
Rate Adjustment Premium

The risk-adjusted equity market risk premium test is a variant of the Capital Asset Pricing Model
(CAPM). The CAPM attempts to measure, within the context of a diversified portfolio, what
return an equity investor should require (in contrast to what the investor does require). Its focus

is on the minimum return that will allow a company to attract equity capital.

In the CAPM, risk is measured using the beta. Theoretically, the beta is a forward looking
estimate of the contribution of a particular stock to the overall risk of a portfolio. In practice, the

beta is a calculation of the historical correlation between the overall equity market returns, as
proxied in Canada by the returns on S&P/TSX Composite, and the returns on individual stocks

or portfolios of stocks.

The CAPM, framed in an elegant, simple construct, has an intuitive appeal. However, in
addition to its restrictive premises, the CAPM does have disadvantages that caution against
placing principal reliance on it for purposes of determining a fair return on equity. The

disadvantages are summarized in Section VII A. above.

2013 to 2020. The spread between 10- and 30-year Canada bond yields has historically averaged approximately
0.30%.
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3.b. Equity Market Risk Premium

3.b.(i) Overview

The estimation of the expected/required market risk premium from achieved market risk
premiums is premised on the notion that investors’ return expectations and requirements are
linked to their past experience. Basing calculations of achieved risk premiums on the longest
periods available reflects the notion that it is necessary to reflect as broad a range of event types
as possible to avoid overweighting periods that represent “unusual” circumstances. On the other
hand, the objective of the analysis is to assess investor expectations in the current economic and
capital market environment. Consequently, the analysis of historic returns and risk premiums
focused on the post-World War Il period (1947-264G)s well as on longer periods. My
analysis of historic returns and risk premiums was based on the Canadian experience as well as
on the U.S. experience as a relevant benchmark for estimating the equity risk premium from the
perspective of Canadian investors. The U.S. experience is relevant given the close relationship
between the two economies, the fact that the U.S. has historically been the single largest
alternative destination for Canadian portfolio investment (See Appendix A, page A-14) and the
similarity between historical Canadian and U.S. equity market returns and equity return

volatility.
3.b(ii) Historic Returns and Risk Premiums

Table 7 below summarizes the achieved equity and government bond returns and the

corresponding experienced risk premiums for Canada and thé U.S.

* Key structural economic changes have occurred since the end of World War I1, including:
1. The globalization of the North American economies, which has been facilitated by the reduction in trade
barriers of which GATT (1947) was a key driver;
2. Demographic changes, specifically suburbanization and the rise of the middle class, which have
impacted on the patterns of consumption;
3. Transition from a resource-oriented/manufacturing economy to a service-oriented economy;
4. Technological change, particularly in the areas of telecommunications and computerization, which have
facilitated both market globalization and rising productivity.
*1 The equity and bond market returns in Table 7 represent arithmetic averages of achieved returns. Appendix A
explains the rationale for using arithmetic, rather than compound, or geometric averages for the purpose of
estimating the expected return from historic returns.
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Table 7
Bond Risk Premium Risk Premium
Stock | Bond Total Income Over Bond Over Bond
Period Return Returns Returns Total Returns Income Returns

Canada
1924-2010| 11.7% 6.5% 6.0% 5.2% 5.6%
1947-2010| 12.1% 6.9% 6.8% 5.2% 5.3%

u.s.

1926-2010| 11.9% 5.9% 5.2% 6.0% 6.7%
1947-2010| 12.5% 6.3% 5.9% 6.2% 6.6%

Source: Schedule 7.

The raw data show that, on average, equity returns in Canada have averaged approximately
11.75% to 12.0%, compared to average bond returns of approximately 6.0% to 7.0% (income
returns?) and 6.5% to 7.0% (total returns), resulting in average achieved risk premiums in the
range of approximately 5.25% to 5.5%. The slightly lower achieved equity risk premium
relative to bond income returns achieved during the post-World War 1l period reflects a slightly
higher average equity return relative to the longer period, which was more than offset by higher

bond income returns.

The corresponding raw data for the U.S. indicate average equity market returns of approximately
12.0% to 12.5%, corresponding to average bond returns of approximately 6.0% to 6.25% and an

achieved equity risk premium above 6.5%.
3.b.(iii) Canadian Equity and Government Bond Returns
To assess whether there has been a trend in the underlying returns which generate the achieved

risk premiums, the returns and risk premiums for each decade over the period 1931 to 2010 were

examined and are presented in Table 8 below.

2 The bond income return reflects only the coupon payment portion of the total bond return. As such, the income
return represents the riskless component of the total government bond return. The bond income return is similar to
the bond yield.
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Table 8
10-YEAR AVERAGE CANADIAN MARKET RETURNS
Canadian Canadian Risk Canadian Canadian Risk
Canadian Bond Premium Bond Premium
Stock Total Over Bond Income Over Bond
Returns Returns Total Returns Returns Income Returns
1931-1940 5.6% 5.7% -0.1% 3.8% 1.9%
1941-1950 16.7% 3.1% 13.6% 2.9% 13.8%
1951-1960 12.3% 1.1% 11.1% 3.9% 8.4%
1961-1970 10.2% 4.4% 5.9% 5.9% 4.3%
1971-1980 15.5% 4.1% 11.3% 8.9% 6.5%
1981-1990 8.6% 13.8% -5.2% 11.6% -3.0%
1991-2000 13.8% 12.9% 1.0% 7.5% 6.4%
2001-2010 8.7% 7.4% 1.3% 4.6% 4.1%

Source:_www.bankofcanada.ca; Canadian Institute of Actu&&mrt on Canadian Economic Statistics 1924-
2009 TSX Review.

Table 8 indicates a clear pattern in bond returns, reflecting:

(1) rising bond yields in the 1950s through the mid-1980s, which produced capital losses on

bonds and low bond total returns;
(2) high total bond returns and yields in the 1980s, reflecting the high rates of inflation; and,
3) high bond total returns in the 1990s and the 2000s, relative to income returns, reflecting
the secular decline in long-term government bond yields, which resulted in capital gains

and total bond returns, well in excess of the concurrent bond gelds.

In contrast to the pattern in bond returns, Table 8 does not indicate a discernible pattern in equity

market returns?

>3 The long-term Government of Canada bond yield is equivalent to an estimate of the expected return on the bond.
> Slope coefficients of trend lines fitted to the annual equity return data for the periods 1924-2010 and 1947-2010
are estimated at 0.00 for both periods.
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However, further analysis of the historical data indicates, as showmlkle 9 below, that,

historically, lower bond income returns have been associated with higher achieved risk

premiums.
Table 9
Averages for the Period: Averages for the Period:

1924-2010 1947-2010

Bond Bond
Bond Income Equity | Income Risk Equity Income Risk
Returns: Returns | Returns | Premium Returns | Returns | Premium
Below 5% 13.1% 3.7% 9.5% 15.0% 3.6% 11.5%
Below 6% 11.5% 4.2% 7.3% 12.2% 4.4% 7.8%
Below 7% 11.7% 4.3% 7.3% 12.5% 4.6% 7.8%
Below 8% 12.1% 4.6% 7.6% 13.1% 5.0% 8.1%
Below 9% 11.1% 5.0% 6.2% 11.5% 5.5% 6.0%
All Observations | 11.7% 6.0% 5.6% 12.1% 6.8% 5.3%

Source: www.bankofcanada.ca; Canadian Institute of ActuariReort on Canadian Economic Statistics
1924-2009;TSX Review

Table 9 above indicates that, except at the lowest levels of long-term Government of Canada
bond income returns, average equity returns were in the range of approximately 11.5% to 12.5%
during the two periods. Further, at bond income returns below 8%, the equity risk premium

averaged approximately 7.5% to 8.0%. Only when the highest levels of bond income returns are
included do the average achieved equity risk premiums drop to approximately 6% and then to
5.0% to 5.5%. In other words, the historical data indicate that the equity risk premium has varied

with bond yields, i.e., higher risk premiums at lower levels of bond yields and vice versa.

The forecast long-term Canada bond yield for 2012 is approximately 4.5%, approximately 1.5
percentage points lower than the long-term average bond income return and 2.25 percentage
points lower than the post-World War Il average bond income return. Over the longer-term,
based on the Consensus EconomiCsnsensus Forecasts, October 2010, the long-term
Government of Canada bond is anticipated to yield approximately 5.25%. AltGaungiensus
Forecastsexpect yields to rise, the anticipated average yield going forward is still well below the
average income and bond returns achieved historically. While the longer-term forecast of the
long-term (30-year) Government of Canada bond yield of approximately 5.25% lies within the
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range of yields that have been associated with average achieved equity risk premiums of
approximately 6.0% to 6.25%, the 2012 forecast long-term Government of Canada bond yield
(4.5%) suggests an equity risk premium, based on historical risk premiums at similar levels of

interest rates, in the range of 7.25% to 8.0%.

3.b(iv) Comparison of Canadian and U.S. Returns and Risk Premiums

A comparison of the returns in Canada and the U.S. over the longer-term and the post-World
War Il period shows that the equity market returns in the two countries have been similar. On

average the achieved equity market returns in the two countries have been in the approximate
range of 11.75% to 12.5% (see Table 7 above).

Despite relatively similar equity market returns, the achieved risk premium in Canada has been
approximately 1.3% to 1.5% lower than in the U.S. The difference in the equity market returns
accounts for only 0.2% to 0.4% of the difference in the observed risk premiums. The
preponderance of the difference is attributable to higher bond returns historically in Canada.
Over the period 1926-1997, the difference between long-term government bond yields in Canada

and the U.S. averaged close to 100 basis points.

With the vastly improved economic fundamentals in Canada (e.g., lower inflation, balanced
budgets), the risk of investing in Canadian government bonds (relative to equities) declined and
the differential between Canadian and U.S. government bond yields that existed historically fell.
Between 1998 and 2010, the average yield on 10-year Government of Canada bonds was only
slightly higher (+6 basis points) than the corresponding average yield on 10-year U.S. Treasury
bonds. The corresponding differential between the yields on the long-term (30-year) government
bonds was -13 basis points. As indicated above, the yields (and expected returns) on long-term
Government of Canada bonds are expected to be in the approximate range of 4.5% to 5.25% in
the near-term (2012) and longer-term (2013-2020) respectively, which compares to
approximately 5.0% to 5.5% for the U’S.

%5 Blue ChipFinancial ForecastsFebruary 1, 2011for 2012 and December 1, 2010 for the longer term.
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With respect to the relative risk of the two equity markets, the historic annual volatility in the
two markets over the longer-term has been quite similar. The Table below compares the average
arithmetic equity market returns and the corresponding standard deviations, as well as the
compound (geometric) average returns from 1926-2010 and post-World War 1l (1947-2010) for

the two countries.

Table 10

Canada United States
Arithmetic | Standard | Compound | Arithmetic | Standard | Compound
Average | Deviation | Average Average | Deviation Average
1926-2010 11.5% 18.9% 9.8% 11.99 20.4% 9.9%
1947-2010 12.1% 17.0% 10.8% 12.5% 17.5% 11.0%
Source: Canadian Institute of ActuariBgport on Canadian Economic Statistics 1924-208i9otson

AssociatesSocks, Bonds, Bills and Inflation: 2010 Yearbpelwvw.standardandpoors.com
TSX Review

To put the differences in the relative risk of the two markets in perspective over these two time
periods, it is useful to compare the differences between the arithmetic and compound average
returns in the two markets. The difference between the arithmetic and compound average returns
is approximately equal to one-half of the variance in the annual returns. The variance in the
arithmetic average returns in turn is equal to the standard deviation squared. The larger the
difference between the arithmetic and compound averages, the more volatility there has been in
the annual returns. For the longer period, 1926-2010, the difference in the arithmetic and
compound average returns in Canada was 1.7%; the corresponding difference in the U.S. was
2.0%, a difference between the two of approximately 0.3%. During the post-World War |l
period, the difference in Canada was 1.3%; in the U.S. it was 1.5%, a difference of 0.2%. The
two differentials between the Canadian and U.S. arithmetic and compound average returns can
be interpreted as the difference in equity return required for the difference in volatility between
the two markets. In other words, based on the longer period, the equity market return required
would be 0.30% higher in the U.S. than in Canada and based on the post-World War Il period,
the equity market return required would be 0.2% higher in the U.S. than in Canada. In both

cases, the differences are de minimus
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Since the beginning of the financial crisis (August 2007) to the end of February 2011, the two
markets have exhibited similar volatility; the standard deviations of weekly price changes in the

two countries have been virtually identical.

Table 11
Standard Deviations of Weekly Price Changes
S&P/TSX Composite S&P 500
(Canada) (United States)
01/08/07-28/02/11 3.4% 3.5%
18/08/08-28/02/11 3.8% 3.8%

Source: www.yahoo.com

With similar government bond yields in the two countries for more than a decade, the U.S.
historic equity market risk premium is a relevant benchmark for the estimation of the forward-
looking equity market risk premium for Canadian investors. Further, bond yields in Canada are
expected to be similar to, or lower than, the bond income returns underpinning the achieved
equity risk premiums in the U.S. Given the similarity of achieved equity market returns in the
two countries, and the expected lower bond returns in Canada compared to both the historical
bond returns in Canada and in the U.S., the achieved U.S. equity risk premium of no less than
6.5% represents a conservative estimate of the forward-looking equity risk premium for the

Canadian market.
3.b.(v) Impact of Inflation on Equity Market Retuths
Theoretically, the expected return on equity should be equal to the sum of the real risk-free cost

of capital, the expected rate of inflation and an equity risk premium. Thus, the question arises

whether the forward-looking equity nominal (inclusive of inflation expectations) market return

* The 1998-2002 equity market “bubble and bust” spawned a number of studies of the equity market risk premium

that have speculated that the U.S. market risk premium will be lower in the future than in the past. The speculation

stems in part from the hypothesis that the magnitude of the achieved risk premiums is due to an increase in
price/earnings (P/E) ratios. That is, the historic U.S. equity market returns reflect appreciation in the value of stocks

in excess of that supported by the underlying growth in earnings or dividends. The increase in P/E ratios, it has been
argued, reflects a decline in the rate at which investors are discounting future earnings, i.e., a lower cost of capital. |
analyzed the trends in P/E ratios and equity market returns and determined that there is no indication that rising P/E
ratios during the bull market of the 1990s resulted in average equity market returns that are unsustainable going
forward. The analysis is summarized in Appendix A.
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should differ from the historic nominal returns due to differences in the historic versus expected
rates of inflation. On average, historically, the actual rate of consumer price (CPI) inflation in
both Canada and the U.S. has been higher than the expected rate of inflation. The arithmetic
average CPI rate of inflation from 1926-2010 in Canada was 3.1%; the corresponding rate of
inflation in the U.S. was also 3.1%. The most recent consensus long-term (2011-2020) forecast
of CPI inflation for Canada is 2.0%; for the U.S., it is 2X%The lower forecast rate of
inflation compared to the historical rate of inflation might suggest that expected nominal equity

returns would be lower than they have been historically.

However an analysis of nominal equity returns, rates of inflation and real returns on equity
shows that real equity returns have generally been higher when inflation was lower. Table 12
below summarizes the nominal and real rates of equity market returns historically at different

levels of CPI inflation.

Table 12
Canada U.S.
Nominal | Average Nominal | Average Real
Equity Rate of | Real Equity | Equity Rate of Equity

Inflation Range Return | Inflation Return | Return? | Inflation ¥ | Return”
Less than 1% 15.7% -1.4% 17.0% 13.2% -2.0% 15.2%
1-3% 13.0% 1.9% 11.1% 18.4% 2.0% 16.4%
3-5% 4.8% 4.1% 0.7% 6.2% 3.6% 2.6%
Over 5% 12.5% 9.2% 3.3% 7.0% 8.2% -1.29
Avg. 1924-2010 11.7% 3.0% 8.6% 11.99 3.1% 8.8%
v U.S. data are calculated over the period 1926-2010
Source: Canadian Institute of ActuariesReport on Canadian Economic Statistics 1924-2009;

www.federalreserve.gov lbbotson AssociatesStocks, Bonds, Bills and Inflation: 2010 Yearbook;
www.standardandpoors.comww.statscan.calr SX Review.
The observed negative relationship between the real equity return and the rate of inflation does
not support a reduction to the historic nominal equity rates of return for expected lower inflation
for the purpose of estimating the future equity risk premium. The average nominal equity returns
in Canada were approximately 11.7% over the longer-term and 12.1% since the end of World
War Il

57 Consensus Economidspnsensus Forecast®ctober 2010.
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3.b.(vi) Equity Market Risk Premium

Given the absence of any material upward or downward trend in the nominal historic equity
market returns over the longer-term, the P/E ratio analysisid the observed negative
relationship between real equity returns and inflation, a reasonable expected value of the equity
market return is a range of 11.5% to 12.0%, based on Canadian equity market returns and
supported by U.S. equity market returns. The expected return on long-term Canada bonds, based
on both the near-term (2012) and the longer-term forecasts of the 30-year Canada bond yield, is
in the range of 4.5% to 5.25%. The resulting expected equity market risk premium is
approximately 6.75% to 7.0%. An analysis of Canadian equity risk premiums in conjunction
with bond income returns indicates that an equity risk premiums of 7.25% to 8.0% has been
associated with a bond income return of approximately 4.5%, i.e., similar to the forecast 2012
Government of Canada bond yield. The achieved equity risk premium in the U.S. supports a
lower bound on the estimate of the market equity risk premium for Canada at the forecast levels
of bond returns of no less than 6.5%. Therefore, a reasonable estimate of the expected value of
the equity market risk premium at the forecast 2012 long-term Government bond yield is thus in
the range of 6.5% to 8.0%, or approximately 7.25% (equivalent to an equity market return of
11.75% at the 2012 forecast 4.5% long-term Canada bond yield).

3.c. Relative Risk Adjustment

3.c.(i) Overview

The market risk premium result needs to be adjusted to recognize the relative risk of a
benchmark utility. The theoretical CAPM holds that equity investors only require compensation
for risk that they cannot diversify by holding a portfolio of investments. In the simple, one risk

variable CAPM, the non-diversifiable risk is captured in beta.

8 The P/E ratio analysis is included in Appendix A.
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Impediments to reliance on beta as the sole relative risk measure, as the CAPM indicates,

include:

(1) The assumption that all risk for which investors require compensation can be captured

and expressed in a single risk variable;

(2) The only risk for which investors expect compensation is non-diversifiable equity market

risk; no other risk is considered (and priced) by investors; and,

(3) The assumption that the observed calculated betas (which are simply a calculation of how
closely a stock’s or portfolio’s price changes have mirrored those of the overall equity

market) are a good measure of the relative return requirement.

4) Use of beta as the relative risk adjustment allows for the conclusion that the cost of equity
capital for a firm can be lower than the risk-free rate, since stocks that have moved
counter to the rest of the equity market could be expected to have betas that are negative.
Gold stocks, for example, which are regarded as a quintessential counter-cyclical
investment, could reasonably be expected to exhibit negative betas. In that case, the
CAPM would posit that the cost of equity capital for a gold mining firm would be less
than the risk-free rate, despite the fact that, on a total risk basis, the company’s stock

could be very volatile.

(5)  While investors can diversify their portfolios, the stand-alone utility to which the allowed

return is applied cannot.

Thus, a risk measurement that reflects those considerations is relevant for estimating the

benchmark utility equity risk premium.
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3.c.(ii) Total Market Risk

These considerations support focusing on total market risk, as well as on beta, to estimate the
relative risk adjustment for a benchmark utility. The absence of an observable relationship
between “raw” betas and the achieved market returns on equity in the Canadiarr®market

provides further support for reliance on total market risk to estimate the relative risk adjustment.

The standard deviation of market returns is the principal measurement of total market risk. To
estimate the relative total risk of a benchmark utility, the S&P/TSX Utilities Index was used as a
proxy. The standard deviations of monthly total market returns for each of the 10 major Sectors
of the S&P/TSX Index, including the Utilities Index, were calculated over five-year periods
ending 1997 through 2010 (Schedule 8).

To translate the standard deviation of market returns into a relative risk adjustment, utility
standard deviations must be related to those of the overall market. The relative market volatility
of Canadian utility stocks was measured by comparing the standard deviations of the Utilities
Index to the simple mean and median of the standard deviations of the 10 Sectors. Schedule 8
shows the ratios of the standard deviations of the Utilities Index to those of the 10 S&P/TSX
Sectors. The ratio of the standard deviation of the Utilities Index to the mean and median
standard deviations of the 10 major Sector Indices suggests a relative risk adjustment for a

Canadian utility in the range of 0.55-0.85, with a central tendency of approximately 0.65-0.70.
3.c.(iii) Historic Raw Betas of Canadian Utilities

Schedule 11 summarizes the “r&ivbetas calculated using monthly changes in Prifer

individual publicly-traded Canadian regulated pipeline, gas distribution and electric utility

%9 See Appendix A.

% The term “raw” means that the beta is simply the result of a single variable ordinary least squares regression.

®1 The use of price betas for utilities has been criticized on the grounds that the exclusion of dividends from the
calculated betas overestimates the betas. A comparison of price and total return (including dividends) for Canadian
utilities showed that there was no material difference between the two.
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companies, the TSE Gas/Electric Index, and the S&P/TSX Utilities $eaging monthly price
data calculated over five-year periods ending 1993 through 2010.

As Schedule 11 indicates, there was a significant decline in the calculated “raw” five-year betas
of the individual regulated Canadian companies between 1993-1998 and 1999-2005 (from
approximately 0.50-0.60 to 0.0 and slightly negative). Following an increase in 2007 to 0.50, the
“raw” monthly betas for the individual regulated Canadian company betas again declined in

2008 to approximately 0.25 and have remained at that level through the end &t 2010.

The observed levels and pattern of the calculated “raw” utility betas in 1999-2010 can be traced
to four factors: (1) the technology sector bubble and subsequent bust; (2) the dominance in the
TSE 300 of two firms during the early part of the “bubble and bust” period, Nortel Networks and
BCE; (3) the greater sensitivity of utility stock prices than the equity market composite to rising
and falling interest rates (e.g., during the equity market “bubble” of 1999 and early 2000 and
during the first half of 2006); and (4) the more extreme price changes of the market as a whole
during the financial crisis and the subsequent market rec8Ye@ver the longer term (1970-
2010), the “raw” beta of the Utilities Index calculated using total returns has been close to 0.50,

as indicated in Table 13 below.

%2 The S&P/TSX Utilities Sector was created in 2002 (with historic data calculated from year-end 1987), when the
TSE 300 was revamped to create the S&P/TSX Composite. The Utilities Sector was essentially an amalgamation of
the former TSE 300 Gas/Electric and Pipeline sub-indices. In May 2004, the pipelines were moved to the Energy
Sector.

% There can be significant differences in measured betas depending on the interval over which the change in share
price is calculated. Betas calculated using monthly changes in price can differ systematically from betas calculated
using weekly changes in prices. The table below shows that, for the five large publicly-traded Canadian utilities,
whose shares are regularly traded, the median five-year beta ending December 2010 calculated using weekly price
changes was twice as higher as the corresponding median beta calculated using monthly price changes.

Canadian
Utilities Emera Enbridge Fortis TransCanada Median
Weekly 0.39 0.40 0.49 0.50 0.44 0.44
Monthly 0.06 0.21 0.32 0.16 0.39 0.21

® Schedule 9 shows that utilities were not the only companies whose betas were negatively impacted by the
technology sector bubble and subsequent market decline. To illustrate, the 60-month beta ending 1997 of the
Consumer Staples Sector was 0.62; the corresponding betas ending 2003 and 2004 were -0.08 and -0.07
respectively. In contrast, over the same periods, the beta of the Information Technology Sector rose from 1.57 to
2.87.
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3.c.(iv) Canadian Regulated Company Returns and “Raw” Betas

The equity betas of traded regulated Canadian company shares and of the utility index explain a
relatively small percentage of the actual achieved market returns over time. A regression of the
monthly returns on the TSX Utilities Index against the returns on the TSX Composite, for

example, over the period 1970-2618hows the following:

Table 13
Monthly TSX Monthly TSE
Utilities Index = 0.0059 + 0.47 Composite
Return Return
t-statistic = 13.8
R = 28%

The relationship quantified in the above equation suggests a long-term utility beta of 0.47.
However, the B which measures how much of the variability in utility stock prices is explained
by volatility in the equity market as a whole, is only 28%. That means 72% of the monthly

volatility in share prices remains unexplairféd.

Since utility shares are interest sensitive, the regression was expanded to capture the impact of
movements in long-term Canada bond prices on utility returns. The addition of monthly long-

term Canada bond returns to the analysis indicates the following:

% The Monthly TSX Utilities Index Returns are comprised of the monthly returns on the TSE Gas & Electric Index
for period January 1970 to April 2003 and the monthly returns on the S&P/TSX Utilities Index for the period May
2003 to December 2010.

% As shown in Schedule 11, page 2 of 2, tfe & the monthly betas for individual Canadian utilities calculated
over five-year periods ending 2004 to 2010 have been extremely low, averaging less than 10%. Tfe low R
indicate that very little of the volatility in the utility share prices is explained by the volatility in the equity market
composite. It bears noting that, while the 2006-2010 “raw” beta of Canadian Utilities Limited, at 0.06, is the lowest
of the individual Canadian utilities, its absolute price volatility, measured by the standard deviation of monthly price
changes, was the highest of the group.
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Table 14
Monthly TSX Monthly TSE Monthly
Utilities Index = 0.0026 + .41 Composite + .47 Long Canada
Return Return Bond Return
t-statistics = 12.4 8.5
R = 37%

When government bond returns are added as a further explanatory variable, somewhat more of
the observed volatility in utility stock prices is explained (37% versus 28%). The second
regression equation suggests that utility shares have had approximately 40% of the volatility of
the equity market and approximately 47% of the volatility of the bond market, the latter
consistent with utility common stocks’ interest sensitivity. Nevertheless, the equation still leaves
more than half of the utility shares’ volatility unexplained. To provide some perspective, the
average actual annual return for the index from 1970-2010 was 12.9%. Of this average annual
return, just over 3.0 percentage points was explained neither by volatility in the equity market
nor by the long-term government bond mafkeEhe persistent large unexplained component of

the achieved utility return should be recognized in the estimation of the relative risk adjustment.

By solving the regression equation (including the intercept) in Table 14, using current estimates
of the market return and the long-term Canada bond return, the expected utility return can be
estimated. At an expected annual equity market return of 11.5%-12.0% (as developed above), an
annual 30-year Canada bond return of 5.25% (equal to the forecast long range expected yield of
5.25%), and the equation intercept (equal to the annual historical average “unexplained” utility
return of 3.2 percentage points), the indicated expected utility return is $0.8dernatively,

the prospective “unexplained” component of the utility return can be estimated to be in the same
proportion to the total utility return as was the case historically (approximatel§?25% this

case, the expected utility return is 9.7%.The average of the two utility return estimates is

67 The unexplained component of the achieved return is represented by the intercept in the equation. The intercept
of 0.0026 (or 0.26%) is a monthly return, which when annualized, equals 3.2%.

%810.5% = 3.2% + (0.41*11.75%) + (0.47*5.25%).

%93.296/12.9% 25%.

09.7% = ((0.41*11.75%) + (0.47*5.25%))/ (1-25%).
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10.1%; the corresponding utility risk premium above the forecast long-term Canada bond yield
of 5.25% is 4.8%. The indicated market risk premium using the same equity market return
estimate of 11.75% and long-term Canada bond return of 5.25% is 6.5%. The resulting utility

relative risk adjustment is 0.74.
3.c.(v) Use of Adjusted Betas

From the calculated “raw” betas, the inference can readily be made that regulated companies are
less risky than the equity market composite, which by construction has a beta of 1.0. The more
difficult task is determining how the “raw” beta translates into a relative risk adjustment that
captures utility investors’ return requirements. In order to arrive at a reasonable relative risk
adjustment, the normative (“what should happen”) CAPM needs to be integrated with what has
been empirically observed (“what does or has happened”). Empirical studies have shown that
stocks with low betas (less than the equity market beta of 1.0) have achieved returns higher than
predicted by the single variable (i.e., equity beta) CAPM. Conversely, stocks with betas higher

than the equity market beta of 1.0 have achieved lower returns than the model ffredicts.

The use of betas that are adjusted toward the equity market beta of 1.0, rather than the calculated
“raw” betas, is a partial recognition of the observed tendency of low (high) beta stocks to achieve
higher (lower) returns than predicted by the simple CAPM. Adjusted historical betas are a
standard means of estimating expected betas, and are widely disseminated to investors by
investment research firms, including Bloombevglue Lineand Merrill Lynch. All three of

these firms use a similar methodology to adjust “raw” betas toward the equity market beta of 1.0.
Their methodologies give approximately 2/3 weight to the calculated “raw” beta and 1/3 weight

to the equity market beta of 1.0.

The following Table compares recent reported Bloomberg betas (calculated using three years of

weekly prices)® for the five major Canadian utilities to calculated “raw” weekly betas for a

1 10.1%- 525% =0.74
11.75% - 5.25%
2 See Appendix A, page A-21.
3 Retrieved fromwww.bloomberg.conon January 13, 2011.
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similar three-year period. The Bloomberg betas suggest that the relative risk adjustment based
solely on the most recent Canadian regulated company betas would be approximately 0.60. The
application of the same adjustment formula used by Bloomberg to the long-term calculated
“raw” beta of approximately 0.50 for the TSX Utilities Index shown in Tablaldd®/e results in

a relative risk adjustment of 0.6%.

Table 15

“Raw” Bloomberg
Company Beta Beta
Canadian Utilities Ltd| 0.37 0.55
Emera Inc. 0.41 0.63
Enbridge Inc. 0.46 0.54
Fortis Inc. 0.51 0.62
TransCanada Corp. 0.42 0.60
Median 0.42 0.60

Source: www.yahoo.com amdvw.bloomberg.com

A comparison of the reportadalue Linebetag’ to the “raw” calculated betas for the sample of
U.S. electric utilities relied upon in the application of the discounted cash flow (DCF) and DCF-
based risk premium tests shows a similar relationship. While the “raw” calculated weekly betas
for the five-year period ending December 27, 2010 averaged approximatel§, @s9 4"
Quarter 2010 betas reported by the widely disseminZaéek Lineaveraged approximately 0.70

for the sample (Schedule 12).

" Adjusted beta = 0.67 x “Raw” Beta + 0.33 x Market Beta of 1.0.

S Value Lineuses a five-year horizon and a weekly price change interval.

® The calculations of the sample betas are sensitive to the period over which the betas are calculated, the price
interval chosen to estimate the betas as noted above (e.g., weekly versus monthly) and the market index selected
(e.g., S&P 500 versus the NYSE Index). The betas calculated using monthly data are systematically lower than the

betas calculated using weekly data for the U.S. electric utility sample.
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1939 3.c.(vi) Relative Risk Adjustment

1940

1941 A summary of the results of the preceding analysis is set out in the Table below:
1942

1943 Table 16
Relative Risk Indicator Relative Risk Factor
Total Market Risk (Standard Deviations) 0.65-0.70
Relative Historic Returns and Betas: Canadian Utilities 0.74
Recent Adjusted Beta: Canadian Utilities 0.60
Long-term Adjusted Beta: Canadian Utilities Index 0.67
1944

1945 These results support a relative risk adjustment for an average risk Canadian utility in the
1946 approximate range of 0.65-0.70. For NSPI, which is of higher risk than the average Canadian
1947 utility, the relevant relative risk adjustment would be, conservatively, at the upper end of the
1948 range, i.e., at 0.70. A 0.70 relative risk adjustment is equivalent to the recent average adjusted
1949 Dbeta for the U.S. electric utility sample.

1950

1951 3.d. _Equity Risk Premium and Cost Of Equity

1952

1953 The equity market risk premium was previously estimated to be in the range of 6.5% to 8.0%

1954 (mid-point of approximately 7.25%) at the 2012 forecast yield of 4.5% for long-term
1955 Government of Canada bonds. At an equity market risk premium of 7.25% and a relative risk
1956 adjustment of 0.70, the indicated equity risk premium for NSPI is approximately 5.0%. The
1957 corresponding cost of equity at the 2012 forecast long-term Canada bond yield of 4.5% is
1958 approximately 9.5%.

1959

1960 4. DCF-Based Equity Risk Premium Test
1961

1962 4.a. _Overview

1963

1964 The Discounted Cash Flow-Based (“DCF-Based) Equity Risk Premium Test estimates the utility
1965 equity risk premium as the difference between the DCF cost of equity and yields on long-term

1966 government bonds.
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The DCF-based equity risk premium test estimates the equity risk premium directly for regulated
companies by analyzing regulated company equity return data. In contrast, the risk-adjusted
equity market risk premium test discussed above estimates the required utility equity risk
premium_indirectly. The DCF-based risk premium test was applied to a sample of U.S. electric
utilities.”” The DCF-based risk premium test was applied to the sample of U.S. electric utilities
only because its application requires a consistent time series of long-term growth rate forecasts,

which is not available for Canadian utilities.

4.b. Construction of the Constant Growth DCF-Based Equity Risk Premium Test

The constant growth DCF model was used to construct a monthly series of expected utility
returns for each of the utilities in the sample from 1995-Z810he monthly DCF cost of equity

for each utility was estimated as the sum of the utility’s I/B/E/S mean earnings growth forecast
(published monthlyXg) and the corresponding expected monthly dividend yBM.). The
dividend yield (DY) was calculated as the most recent quarterly dividend paid, annualized,
divided by the monthly closing price. The expected dividend yield was then calculated by
adjusting the monthly dividend vyield for the I/B/E/S mean earnings growth forecast
(DY=DY*(1+g)). The individual utilities’ monthly DCF estimatg®Y. + g) were then
averaged to produce a time series of monthly DCF estin{Bt€&s) for the sample. The
monthly equity risk premium(ERP) for the sample was calculated by subtracting the
corresponding 30-year Treasury yi€ldY) from the average DCF cost of equiRPs=DCFs—

TY) (Schedule 13, page 1 of 4). The monthly sample average constant growth ERPs were used

to estimate the regression equations found on Schedule 13, page 2 of 4.

" The selection criteria for the sample of U.S. electric utilities to which the DCF-Based Equity Risk Premium Test
was applied are found in Appendix B.

8 The analysis comprises the full period over which automatic ROE adjustment formulas for setting allowed ROEs
were (and in some cases continue to be) in effect in Canada. The period for the analysis was chosen in part to test
the validity of the relationship between interest rates and the equity risk premium on which most of the automatic
ROE adjustment formulas have been based.
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4.c. Constant Growth DCF-Based Equity Risk Premium Test Results

For the sample of U.S. electric utilities, the DCF-based equity risk premium test indicates that
the average 1995-2010 equity risk premium was 5.0%, corresponding to an average long-term
government bond yield of 5.3%. The data also show that the risk premium averaged 2.4% when
long-term government bond yields were 7.0% or higher and 5.9% when long-term government

bond yields were below 5.0%.

The Table below sets out the observed utility equity risk premium at various levels of long-term

government bond yields based on the results of the 1995-2010 analysis.

Table 17
Government
Bond Yield Below 4.0% | 4.0%-5.0%| 5.0%-6.0%| 6.0%-7.0%| Above 7.0%
Utility Equity
Risk Premium 7.4% 57% 5.1% 3.4% 2.4%

Source: Schedule 13, page 1 of 4

The data indicate that the utility equity risk premium is higher at lower levels of interest rates
than it is at higher levels of interest rates, i.e., there is an inverse relationship between long-term

government bond yields and the utility equity risk premium.

A key advantage of the DCF-based risk premium test is that it can be used to test the relationship
between the cost of equity (or risk premiums) and interest rates (and/or other vafiabiet)e
application of this test, the relationships between the utility risk premiums and long-term
government bond yields and between utility risk premiums, long-term government bond yields
and the spread between the yields on long-term utility and government bond yields have been

examined.

9 Of the three equity risk premium tests, the DCF-based equity risk premium test is the only one that lends itself to
explicitly estimating the relationship between utility equity risk premiums (or the utility cost of equity) and interest
rates.
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The single independent variable regression analysis used monthly 30-year government bond
yields as the independent variable and the corresponding utility equity risk premiums as the
dependent variable. The analysis for this specific sample indicated that, for each 100 basis point
change in the long-term government bond yield, the utility equity risk premium moved in the
opposite direction by approximately 125 basis points, or alternatively, expressed in cost of equity
terms, the ROE is lower at higher levels of long-term government bond yields. This incongruous
result is due in part to the rising estimated costs of equity during the early 2000s, even as long-
term government bond yields were falling, as industry restructuring and consolidation gave rise
to forecasts of higher earnings growth. (Schedule 13, page 1 of 4) Itis also due in part to the fact

that factors other than long-term government bond yields are determinants of the cost of equity.

To capture the impact of other factors, corporate bond yield spreads were incorporated into the
analysis. The magnitude of the spread between corporate bond yields and government bond
yields is frequently used as a proxy for changes in investors’ risk perception or willingness to
take risk. Various empirical studies have shown that there is a positive correlation between
corporate vield spreads and the equity risk prenffimin the two independent variable
regression analysis, government bond yields and the spread between long-term Baa-rated utility
and government bond yields were both used as independent variables and the utility equity risk
premium was the dependent variable. The two independent variable analysis indicates that,
while the utility risk premium has been negatively related to the level of government bond yields,

it has been positively related to the spread between utility bond yields and government bond

yields.

Specifically, the analysis showed that the utility equity risk premium increased or decreased by
slightly more than 90 basis points when the government bond yield decreased or increased by
100 basis points and increased or decreased by approximately 12 basis points for every 10 basis
point increase or decrease in the long-term Baa utility/government bond yield spread (Schedule
13, page 2 of 4).

8 Examples include: Chen, N. F., R. Roll and S. A. Ross, 1986, “Economic Forces and the Stock Mt
of Business59, pages 383-403 and Harris, R.S. and F.C. Marston, “Estimating Shareholder Risk Premia Using
Analysts’ Growth Forecasts”, Summer 198®ancial Management, pages 63-70.
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During 2010, the spread between yields on NSPI's long-term bonds and 30-year Government of
Canada bond yields was approximately 165 basis points. At a forecast long-term Government of
Canada bond yield of 4.50% and a long-term utility/government bond yield spread of 165 basis
points, the two independent variable DCF-based equity risk premium model indicates an equity
risk premium of approximately 5.4%. The corresponding utility cost of equity is approximately
9.9% (Schedule 13, page 2 of 4).

The two independent variables (the government bond yield and the utility/government bond yield

spread) can be collapsed into a single independent variable, the long-term Baa-rated utility bond
yield. When the long-term Baa-rated utility bond yield was used as the sole independent variable
and the equity risk premium is measured as the DCF cost of equity minus the corresponding Baa-

rated utility bond yield, the resulting relationship was:

Risk Premium Over Baa Utility Bond Yield = 7.3 - 0.58 Baa Utility Bond Yield

In other words, the analysis indicated that the utility cost of equity rose and fell by approximately
40% of the change in the long-term Baa-rated utility bond yield (Schedule 13, page 2 of 4). The
combination of the forecast long-term Government of Canada bond yield of 4.5% and a utility
bond yield spread of 1.65% equates to a utility cost of debt of 6.15%. The resulting utility risk
premium over a utility bond vyield is 3.7% and the corresponding cost of equity, similar to the

two independent variable approach, is 9.9% (Schedule 13, page 2 of 4).

4.d. Three-Stage DCF-Based Equity Risk Premium Test and Results

The reliability of the relationships estimated using the constant growth model was tested using a
three-stage DCF model. The construction of the monthly three-stage DCF cost of equity
estimates is described in Appendix C. The use of the three-stage model, which assumes that, in

the long run, earnings growth for the utility sample will converge to the long-term rate of growth
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in the economy, effectively lessens the volatility of the monthly growth rates utilized in the

analysis®*

Using monthly three-stage estimates of the DCF cost of equity, the average equity risk premium
above long-term Treasury bond yields was 4.9% at an average long-term Treasury bond yield of
5.3% (Schedule 13, page 3 of 4). With three-stage DCF cost of equity estimates, the single
independent variable regression analysis indicates that, for each 100 basis point change in the
long-term government bond yield, the utility equity risk premium moved in the opposite
direction by approximately 71 basis points. The two independent variable (long-term
government bond vyields and utility/government bond yield spreads) showed that the utility
equity risk premium increased or decreased by approximately 50 basis points when the
government bond yield decreased or increased by 100 basis points and increased or decreased by
approximately seven basis points for every ten basis point increase or decrease in the

utility/government bond yield spread (Schedule 13, page 4%f 4).

The indicated utility equity risk premiums and costs of equity based on the three-stage DCF

model are summarized in the Table below.

Table 18
Utility/
Long-term Government Equity
Government | Bond Yield Risk Cost of
Regression Model Bond Yield Spread Premium Equity
Single Independent Variable  4.5% N/A 5.5% 10.0%
Two Independent Variables 4.5% 1.65% 5.1% 9.6%

8 The standard deviation of the sample average monthly I/B/E/S growth rates is approximately 1.2; the standard
deviation of the monthly implied growth rates utilized in the three-stage DCF-based risk premium analysis is
approximately 0.5.

8 When the two independent variables were collapsed into a single independent variable, the long-term A-rated
utility bond yield and the equity risk premium was measured as the DCF cost of equity minus the corresponding A-
rated utility bond yield, the resulting relationship was:

Equity Risk Premium Over Baa-Rated Utility Bond Yield = 6.1% - 0.43 Baa-Rated Utility Bond Yield

At a Baa-rated utility bond yield of 6.15%, the indicated equity risk premium over the utility bond yield is 3.5% and
the utility cost of equity is 9.6% (Schedule 13, page 4 of 4).
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As an alternative test of the relationships, quarterly ROEs allowed for U.S. utilities were used as
a proxy for the utility cost of equity to test the sensitivity of the utility cost of equity to changes
in long-term government bond yields and utility/government bond yield spreads. The average
allowed ROEs can be viewed as a measure of the utility cost of equity as they represent the
outcomes of multiple rate proceedings across multiple jurisdictions, which in turn reflect the

application of various cost of equity tests by parties representing both the utility and ratepayers.

Initially, the risk premiums indicated by the quarterly allowed ROEs from 1995 to 2010 were
regressed against long-term Treasury bond yields lagged by six rfiorifime result indicated

that the utility equity risk premium increased or decreased by approximately 60 basis points for
every one percentage point decrease or increase in long-term government bond yields. When
long-term Baa-rated utility/government bond yield spreads were added as a second independent
variable, the analysis indicated that (1) the utility equity risk premium increased (decreased) by
approximately 50% of the decrease (increase) in long-term Treasury bond yields; and (2) the risk
premiums increased or decreased by approximately 20 basis points for every one percentage
point increase or decrease in the long-term Baa-rated utility/government bond yield spread
(Schedule 14, page 2 of %). At a forecast long-term Canada bond yield of 4.5% and a utility
bond yield spread of 1.65%, the allowed ROE analysis indicates a utility risk premium of 5.9%

and a cost of equity of 10.4%.

8 The government bond yields and the spread variables were lagged by six months behind the quarter of the ROE
decisions to take account of the fact that the dates of the decisions will lag the period covered by the market data on
which the ROE decisions would have been based.

8 The regression is:

7.90 - 0.52 x 6 Months Lagged 30 Year Treasury Yield + 0.19 x 6 Months Lagged Spread

Collapsing the two independent variables into a single variable, long-term Baa-rated bond yields, and regressing
those yields against the risk premiums indicated by the quarterly allowed ROES, the analysis indicated that the risk
premiums over utility bond yields have decreased (increased) by approximately 59 basis points for every one
percentage point increase (decrease) in the Baa-rated utility bond yield.
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2116 4.e. DCF-Based Equity Risk Premium Test Results
2117

2118 The Table below summarizes the relationships among equity risk premiums, long-term

2119 government bond yields and utility/government bond yield spreads for the various models and
2120 the resulting equity risk premiums and costs of equity at a forecast long-term Canada bond yield

2121 of 4.5% and a long-term utility/government bond yield spread of 1.65%.

2122
2123 Table 19
Coefficients Equity
Bond Yield Risk Cost of
Government Bond Spread Premium Equity
DCF Constant Growth
Single Variable -1.25 n/a 6.0% 10.5%
Two Variable -0.92 1.16 5.4% 9.9%
DCF Three-Stage Growth
Single Variable -0.71 n/a 5.5% 10.0%
Two Variable -0.50 0.72 5.1% 9.6%
Allowed ROEs
Single Variable -0.58 n/a 6.0% 10.5%
Two Variable -0.52 0.19 5.9% 10.4%
2124 Note: “Single Variable” refers to the regression analysis applied only to the long-term government bond
2125 yield and “Two Variable” refers to the addition of the spread variable to the regression analysis.
2126

2127 While the indicated sensitivities of the models to changes in long-term government bond yields
2128 vary, they support the conclusion that the utility cost of equity does not vary with (or track) long-
2129 term government bond yields to the extent that has frequently been assumed.

2130

2131 Specifically, the analysis demonstrates that the utility cost of equity is materially less sensitive to
2132 long-term government bond yields than has been assumed by the automatic ROE adjustment
2133 formulas previously relied upon (e.g., AUC, BCUC, National Energy Board (NEB), OEB), and
2134 in some cases continue to be relied upon (Newfoundland and Labrador PUB and Régie de
2135 I'énergie) by regulators in Canada. Those formulas assume that the utility cost of equity
2136 increases/decreases by 75-80 basis points for every one percentage increase/decrease in the long-
2137 term Government of Canada bond yield. By comparison the two-variable three stage model
2138 indicates that the utility cost of equity increases/decreases by only 50 basis points for every one

2139 percentage point increase/decrease in long-term Government bond yields.
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| have not given any explicit weight to the allowed ROE analysis in deriving an estimate of the
utility cost of equity from the DCF-based risk premium test. However, that analysis supports
provides further support for the conclusion that the utility cost of equity does not track

government bond yields nearly to the extent that has been frequently assumed.

Given the incongruous results of the single variable DCF constant growth model, my DCF-based
risk premium estimates focus on the two-variable constant growth model and the three-stage
model results. These three models indicate that the utility equity risk premiums and returns on
equity at a long-term Canada bond yield of 4.5% and a utility/government bond yield spread of

1.65% are, respectively, approximately 5.0% to 5.5% and 9.5% to 10.0%.

5. Historic Utility Equity Risk Premium Test

5.a. Overview

The historic experienced returns for utilities provide an additional perspective on a reasonable
expectation for the forward-looking equity risk premium for a benchmark utility. Similar to the

DCF-based risk premium test, this test estimates the cost of equity for regulated companies
directly by reference to return data for regulated companies. Reliance on achieved equity risk
premiums for utilities as an indicator of what investors expect for the future is based on the
proposition that over the longer term, investors’ expectations and experience converge. The

more stable an industry, the more likely it is that this convergence will occur.

5.b. Historic Returns and Risk Premiums

As shown in Table 20 below, over the longest term available (1956-2010%, average
achieved utility (gas and electric combined) equity risk premiums in Canada were 4.5% and

4.8% in relation to total and income returns for long-term Government of Canada bonds

% The longest period for which Canadian utility index data are available from the Toronto Stock Exchange.
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respectively’® For U.S. electric utilities, the corresponding 1947-2010 average achieved risk
premiums were 4.5% and 4.9%. For U.S. gas utilities, the corresponding average historic equity
risk premiums in relation to total and income returns on bonds over the entire post-World War 1l
period (1947-2010) were 5.6% and 5.9% respectively.

Table 20
Risk Premium Over:
Utility Bond Bond Bond Bond

Equity Total Income Total Income

Returns Returns Returns Returns Returns
Canadian Utilities 12.2% 7.7% 7.4% 4.5% 4.8%
U.S. Electric Utilities 10.8% 6.3% 5.9% 4.5% 4.9%
U.S. Gas Utilities 11.8% 6.3% 5.9% 5.6% 5.9%

Source: Schedule 15.

5.c. Trends in Equity Returns and Bond Returns

Similar to the risk premiums for the market composite, the magnitude of achieved utility risk
premiums is a function of both the equity returns and the bond returns. An analysis of the
underlying data indicates there has been no secular upward or downward trend in the utility
equity returns. Trend lines fitted to the historic utility equity returns for each of the three utility
indices are flat (Schedule 15, pages 2 and 3 of 3). The historical average utility returns in both
Canada and the U.S. have clustered in the range of 11.0-12.0%. However, the achieved
government bond returns (total and income) in Canada over the period of analysis, at 7.4% to
7.7%, were materially higher than the yields on long-term Canada bonds forecast for both the
near-term (4.5%) and over the longer-term (5.25%). With no change in the utility equity market
return (i.e., a utility equity market return of 11.0% to 12.0%), the indicated utility risk premium

at the forecast 2012 long Canada bond yield of 4.5% is approximately 6.5%. At the long-range
expected return on long-term Canada bonds of 5.25%, the indicated utility equity risk premium is
approximately 6.25%. Based on both estimates of the long-term Canada bond vyield, the

indicated utility risk premium is in the range of 6.25% to 6.5%.

8 Based on the Gas/Electric Index of the TSE 300 from 1956 to 1987 and on the S&P/TSX Ultilities Index from
1988-2010.
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An alternative way of interpreting the historical utility return data is the recognition of the
inverse relationship between utility equity risk premiums and government bond yields
demonstrated in the DCF-based equity risk premium analysis, including the analysis of allowed
ROE. That analysis supports the conclusion that the utility equity risk premium changes by

approximately 50% of the change in long-term government bond yields.

Table 21 below derives estimates of the utility equity risk premium at the 2012 forecast long-
term Canada bond yield from the historical averages by applying the 50% sensitivity factor to the
difference between the historical average bond income returns and the 4.5% Government of

Canada bond yield forecast for 2012.

Table 21
U.S.
Canadian | Electric | U.S Gas
Utilities | Utilities | Utilities

Equity Returns (1) 12.2% 10.8% 11.8%
Bond Income Returns (2) 7.4% 5.9% 5.9%
Risk Premium (RP) )= (1)-(2) 4.8% 4.9% 5.9%
2012 Forecast Long-Term
Canada Bond Yield (LCBY) | (4) 4.5% 4.5% 4.5%
Change in Bond
Yield/Return (5)=(4)-(2) -2.9% -1.4% -1.4%
Change in Equity RP (6) =—(5) X50%| 1.5% 0.7% 0.7%
Equity Risk Premium
at 4.5% LCBY (7) = (3) + (6) 6.25% 5.6% 6.6%

Source: Schedule 15.

At a forecast 2012 long-term Canada bond yield of 4.5% and a 50% sensitivity factor between
utility equity risk premiums and long-term government bond yields, the indicated utility equity
risk premium derived from historical averages is in the approximate range of 5.5% to 6.5% (mid-
point of 6.0%).
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5.d. Historic Utility Equity Risk Premium Test Results

The two perspectives indicate a utility equity risk premium of approximately 6.0% to 6.5%. At
the forecast 2012 long-term Canada bond yield of 4.5% and a utility risk premium of 6.0% to
6.5%, the indicated utility cost of equity is approximately 10.5% to 11.0%.

6. Cost of Equity Based onEquity Risk Premium Tests

The estimated utility costs of equity based on the three equity risk premium methodologies are as

follows:

Table 22

Risk Premium Test Cost of Equity
Risk-Adjusted Equity Market 9.5%
DCF-Based 9.5%-10.0%
Historic Utility 10.5%-11.0%

The three equity risk premium tests indicate a utility cost of equity of approximately 10.0%.

D. DISCOUNTED CASH FLOW TEST?®’

1. Conceptual Underpinnings

The discounted cash flow approach proceeds from the proposition that the price of a common
stock is the present value of the future expected cash flows to the investor, discounted at a rate
that reflects the risk of those cash flows. The DCF model is a positive model; that is, it deals
with “what is” as opposed to “what should be”. The DCF test allows the analyst to directly
estimate the utility cost of equity, in contrast to the Capital Asset Pricing Model (CAPM), which
estimates the cost of equity model indirectly. The DCF model is widely used to estimate the

utility cost of equity for the purpose of establishing the allowed ROE.

87 See Appendix C for a more detailed discussion.

Foster Associates, Inc.
Page| 84



2241
2242

2243
2244
2245
2246
2247
2248

2249
2250
2251
2252
2253
2254
2255
2256
2257
2258
2259
2260
2261
2262
2263
2264
2265
2266
2267
2268
2269
2270
2271
2272

2012 GRA DE-03 - DE-04 Appendix F Page 87 of 212

In simplest terms, the DCF cost of equity model is expressed as follows:

Cost of Equityk) = Di+q,
P
where,
D; = next expected dividefid
Po = current price
g = expected growth in dividends

There are multiple versions of the discounted cash flow model available to estimate the
investor’s required return on equity, including the constant growth model and multiple period
models to estimate the cost of equity. The constant growth model rests on the assumption that
investors expect cash flows to grow at a constant rate throughout the life of the stock. Similarly,
a multiple period model rests on the assumption that growth rates will change over the life of the

stock.

2. Application of the DCF Test

2.a. DCF Models

To estimate the DCF cost of equity, both the constant growth model and a multiple stage (three-
stage) model were used. In both cases, the discounted cash flow test was applied to a sample of
U.S. electric utilities that are intended to serve as a proxy for NSPI, as well as to a sample of

Canadian utilities.

2.b. Growth Estimates

The growth component of the DCF model is an estimate of what investors expect over the
longer-term. For a regulated utility, whose growth prospects are tied to allowed returns, the
estimate of growth expectations is subject to circularity because the analyst is, in some measure,
attempting to project what returns the regulator will allow, and the extent to which the utilities

will exceed or fall short of those returns. To mitigate that circularity, it is important to rely on a

BAlternatively expressed as,[0L + g), where Ris the most recently paid dividend.
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sample of proxies, rather than the subject company. When the subject company does not have

traded shares, a sample of proxies is reqdited.

Further, to the extent feasible, one should rely on estimates of longer-term growth readily
available to investors, rather than superimpose on the analysis one’s own view of what growth
should be. The constant growth model was applied to the U.S. sample using two estimates of
long-term growth. The first estimate reflects the consensus of investment analysts’ long-term
earnings growth forecasts drawn from four sources: I/B/E/S (First Call), Revius, Lineand

Zacks. The second is an estimate of sustainable growth. The sustainable growth rate represents
the growth in earnings that a utility can expect to achieve as a result of the ROE it is expected to
earn and the proportion of the ROE it reinvests plus incremental earnings growth achievable as a
result of external equity financing. The development of the sustainable growth rates is explained

in detail in Appendix C.

In the application of the DCF test, the reliability of the analysts’ earnings growth forecasts as a
measure of investor expectations has been questioned by some Canadian regulators. The issue of
reliability arises because of the documented optimism of analysts’ forecasts historically.
However, as long as investors have believed the forecasts, and have priced the securities
accordingly, the resulting DCF costs of equity are an unbiased estimate of investors’ expected
returns. That proposition can be tested indirectly. Three such tests are described in Appendix C.
These tests indicate that the consensus of analysts’ long-term earnings growth forecasts is not an

upwardly biased estimate of investor expectations.

8 In addition, any cost of equity estimate that relies on data for a single company only is subject to measurement
error.
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3. Results of the DCF Model

3.a. Results for the Sample of U.S. Electric Utilities

The two constant growth models applied to the U.S. electric utility sample indicate a cost of

equity of approximately 9.3% to 9.8% (Schedules 16 and 17).

The three-stage model is based on the premise that investors expect the growth rate for the
utilities to be equal to the analysts’ forecasts (which are five year projections) for the first five
years, but, in the longer-term to migrate to the expected long-run rate of nominal growth in the
economy. The three-stage DCF model is fully described in Appendix C. The three-stage model
applied to the sample of U.S. electric utilities indicates a cost of equity of approximately 9.5%
(Schedule 18).

3.b. Results for the Sample of Canadian Utilities

The constant growth and three-stage DCF models were also applied to a sample of Canadian
utilities with publicly-traded shares and for which long-term growth rate forecasts were available
from I/B/E/S (First Call) and Bloombery. The application of the constant growth model to a
sample of five Canadian utilities indicated a cost of equity in the range of 9.5% to 10.5% (mid-
point of 10.0%). The cost of equity developed using the three-stage model indicates a cost of
equity in the range of 8.5% to 8.8% (mid-point of 8.7%) (Schedules 19 and 20).

3.c. DCEF Cost of Equity

The Table below summarizes the results of the DCF models applied to both the U.S. electric

utility sample and the Canadian utility sample.

% Long-term earnings growth forecasts were available from each of these two sources for Canadian Utilities
Limited, Emera Inc., Enbridge Inc., Fortis Inc., and TransCanada Corporation. There are no widely available
estimates of long-term expected returns on equity and earnings retention rates from which to make forecasts of
sustainable growth.
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Table 23
Constant Growth

Analysts’ EPS | Sustainable| Three-Stage
Forecasts Growth Model
U.S. Electric Utilities 9.8% 9.3% 9.5%
Canadian Utilities 10.0% N/A 8.7%

Source: Schedules 16-20.

The two DCF models applied to the sample of U.S. electric utilities and to the sample of

Canadian utilities support a cost of equity for NSPI of approximately 9.5%.
E. ALLOWANCE FOR FINANCING FLEXIBILITY 9

The equity risk premium tests (Section VII.C) and discounted cash flow tests (Section VII.D)
indicate a “bare-bones” cost of equity for NSPI in the range of 9.5% (Discounted Cash Flow) to
10.0% (Equity Risk Premium), or approximately 9.75%. The financing flexibility allowance is
an integral part of the cost of capital as well as a required element of the concept of a fair return.
The allowance is intended to cover three distinct aspects: (1) flotation costs, comprising
financing and market pressure costs arising at the time of the sale of new equity; (2) a margin, or
cushion, for unanticipated capital market conditions; and (3) recognition of the "fairness”

principle.

In the absence of an adjustment for financial flexibility, the application of a “bare-bones” cost of
equity to the book value of equity, if earned, in theory, limits the market value of equity to its
book value. The fairness principle recognizes the ability of competitive firms to maintain the
real value of their assets in excess of book value and thus would not preclude utilities from
achieving a degree of financial integrity that would be anticipated under competition. The
market/book ratio of the S&P/TSX Composite averaged 2.1 times from 1995-2010; the

corresponding average market/book ratio of the S&P 500 was 3.1%imes.

1 See Appendix D for a more complete discussion.
92 The market to book ratio of the S&P 500 includes the Utilities. The market to book ratio of the S&P Industrials
alone has been higher.
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At a minimum, the financing flexibility allowance should be adequate to allow a regulated
company to maintain its market value, notionally, at a slight premium to book value, i.e., in the
range of 1.05-1.10. At this level, a utility would be able to recover actual financing costs, as well
as be in a position to raise new equity (under most market conditions) without impairing its
financial integrity. A financing flexibility allowance adequate to maintain a market/book in the

range of 1.05-1.10 is approximately 50 basis pdfhtas this financing flexibility adjustment is

minimal, it does not fully address the comparable returns standard.

The cost of capital, as determined in the capital markets, is derived from market value capital
structures. The cost of equity has been estimated using samples of proxy companies with a
lower level of financial risk, as reflected in their market value capital structures, than the
financial risk reflected in the corresponding book value capital structure. Regulatory convention
applies the allowed equity return to a book value capital structure. When the market value equity
ratios of the proxy utilities are well in excess of their book value common equity ratios, the
failure to recognize the higher level of financial risk in the book value capital structure relative to
the financial risk of the proxy samples of utilities, as recognized by equity investors, results in an

underestimation of the cost of equity.

Utilities are entitled to the opportunity to earn a return that meets the fair return standard, namely
one that provides the utility an opportunity to earn a return on investment commensurate with
that of comparable risk enterprises, to maintain its financial integrity and to attract capital on
reasonable terms. What must be fair is the overall return on capital. The recognition in the
allowed return on equity of the impact of financial risk differences between the market value
capital structures of the proxy companies and the ratemaking capital structure is required to
ensure that the opportunity to earn a return commensurate with that of comparable risk
enterprises. A full recognition of the disparity between the levels of financial risk in the market
value capital structures and utility book value capital structures warrants an adjustment to the

“bare bones” cost of equity of approximately 140 basis points (See Appendix D).

% Based on the DCF model as shown in Appendix D, footnote 2.
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A reasonable adjustment for financing flexibility to the “bare bones” cost of equity estimated
solely by reference to market-based tests (that is, without reference to the comparable earnings
test) would be the mid-point of the indicated range of 50 to 140 basis points. The addition of an
allowance for financing flexibility of 50 to 140 basis points to the “bare-bones” return on equity
estimate of 9.75% for NSPI, derived from the equity risk premium and DCF tests, results in an
estimate of the fair return on equity for 2012 of 10.7%, the mid-point of a range of
approximately 10.25% to 11.28%.

F. FAIR ROE FOR NSPI

The fair return for NSPI for 2012 is 10.7% (mid-point of a range of 10.25% to 11.2%), based on

the following:

Q) A forecast long-term Government of Canada bond yield of 4.5% for 2012,

(2) A “bare-bones” cost of equity of 10.0% based on the equity risk premium tests;

3) A “bare-bones” cost of equity of 9.5% based on the application of the discounted
cash flow tests;

(4) A “bare-bones” cost of equity for NSPI of 9.75%, based on both the equity risk
premium tests and discounted cash flow tests;

(5) An allowance for financing flexibility in a range of 0.50% to 1.4%;

(6) A fair return on equity of 10.7%, the mid-point of a range of approximately
10.25% to 11.2%.

% The recommended ROE compares to an average of the most recent allowed ROEs for the U.S. electric utility
sample of approximately 10.5%, based on decisions rendered between 2007 and 2010; see Appendix B.
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APPENDIX A

RISK-ADJUSTED
EQUITY MARKET RISK PREMIUM TEST

1. CONCEPTUAL UNDERPINNINGS OF THE CAPITAL ASSET
PRICING MODEL

The Capital Asset Pricing Model (CAPM) is a theoretical, formal model of the equity risk

premium test which posits that the investor requires a return on a security equal to:

R|: + B(RM - RF);

Where:
Rr = risk-free rate
B = covariability of the security with the market (M)
Rwm = return on the market.

The model is based on restrictive assumptions, including:

a. Perfect, or efficient, markets exist where,

(1) each investor assumes he has no effect on security prices;
(2) there are no taxes or transaction costs;

(3) all assets are publicly traded and perfectly divisible;

(4) there are no constraints on short-sales; and,

(5) the same risk-free rate applies to both borrowing and lending.

Appendix A Foster Associates, Inc
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b. Investors are identical with respect to their holding period, their expectations and

the fact that all choices are made on the basis of risk and return.

The CAPM relies on the premise that an investor requires compensation for non-diversifiable

risks only. Non-diversifiable risks are those risks that are related to overall market factors (e.g.,

interest rate changes, economic growth). Company-specific risks, according to the CAPM, can
be diversified away by investing in a portfolio of securities whose expected returns are not

perfectly correlated. Therefore, a shareholder requires no compensation to bear company-
specific risks.

In the CAPM, non-diversifiable risk is captured in the beta, which, in principle, is a forward-
looking (expectational) measure of the volatility of a particular stock or portfolio of stocks,
relative to the market. Specifically, the beta is equal to:

Covariance (RRy)
Variance (Ry)

The variance of the market return is intended to capture the uncertainty related to economic
events as they impact the market as a whole. The covariance between the return on a particular
stock and that of the market reflects how responsive the required return on an individual security

is to changes in events that also change the required return on the market.

The CAPM is a normative model, that is, it estimates the equity return that an irshesitd
require under the restrictive assumptions outlined above, based on the relative systematic risk of

the stock.
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RISK-FREE RATE

The theoretical CAPM assumes that the risk-free rate is uncorrelated with the return on
the market. In other words, the assumption is that there is no relationship between the
risk-free rate and the equity market return (i.e., the risk-free rate has a zero beta).
However, the application of the model frequently assumes that the return on the market is
highly correlated with the risk-free rate, that is, that the equity market return and the risk-

free rate move in tandem.

The theoretical CAPM calls for using a risk-free rate, whereas the typical application of
the model in the regulatory context employs a long-term government bond yield as a
proxy for the risk-free rate. Long-term government bond yields may reflect various

factors that render them problematic as an estimate of the “true” risk-free rate, including:

(1) The yield on long-term government bonds reflects the impact of monetary and
fiscal policy; e.g., the potential existence of a scarcity premium. The Canadian
federal government was in a surplus position from 1997/1998 to 2007/2008 (ten
years), which reduced its financing requireménts.2008/2009, despite a budget
deficit, the federal debt/GDP ratio stood at 29%, its lowest level since 1980/81,
and well below the 1995/1996 peak of 68%. In 2009, Government of Canada
bonds accounted for approximately one-quarter of total Canadian dollar bonds
outstanding, compared to almost half in 1996However, the demand for long-
term government securities by institutions that are “buy and hold” investors and
that match the duration of their assets and liabilities (e